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Preface

Thisisthe fourth monitoring report of the Market Surveillance Panel since the start of the
Ontario electricity market in May 2002. It provides data and analysis of the first two
years of the market but the emphasis is on the period since the last report, that is,
November 1, 2003 — April 30, 2004. We intend to continue releasing our monitoring
reports on a six-month cycle, covering the summer and winter seasons.

The structure of this report follows past reports. Chapter 1 and a Statistical Appendix
provide a high level overview of market outcomes and basic data. Chapter 2 reviews and
explains anomalous market outcomes - performance that appears to be outside expected
norms and so subject to more extensive analysis. Chapter 3 summarizesthe IMO
initiatives related to past work of the Panel. Finally, Chapter 4 provides our overall
assessment of market operations, makes preliminary comments on plans for Ontario’s
electricity sector and describes the work underway to more systematically monitor for the
exercise of market power.

We are encouraged by the Government of Ontario’s decision to continue the wholesale
market. In thisreport asin previous monitoring reports we try to tell the *story’ of the
market and identify and expose in detail the causes of anomalous events using the
standard of market efficiency. The goal isto make sense of a complex system and
contribute to itsimprovement over time. We remain of the view that a properly
functioning wholesale market is central to an effective eectricity sector in Ontario.

Fred Gorbet, Chair Don McFetridge Tom Rusnov

The Market Surveillance Panel is an independent arms-length body appointed by and
accountabl e to the Independent Directors of the Independent Electricity Market Operator
(IMO). It operates under a unique structure for electricity markets: having unimpeded
access to the system operator’ s enormous confidential data stores and directing the work
of the IMO’ s Market Assessment Unit, while observing a distance and neutrality from the
IMO proper in carrying out its responsibilities.

PUBLIC



PUBLIC



Market Surveillance Panel Report
November 2003-April 2004

Table of Contents

TADIE O COMEENES ...ttt b et b b e Rt b b e R bt e bRt e b et ne b b ne bt nenrne i
LISt OF TADIES.....ecuiieresee ettt bbb bbb bbbttt bbb iii
TS 0 T -SSR O v
Chapter 1. Market Outcomes November 2003 t0 April 2004..........ooeeieieienireeeereerese e 1
R 1 01 [ o 1 o o SO 1
P22 T 11 oo PSS 1
B SUPPIY et R bR R R R R bRt E Rt b bt b e ne s 3
4. SUPPLY CUSNION ANBIYSIS.. .ottt ettt b et ee e e be bt sbesae e e e e e seebesbesbesaesneeneeneeneas 6
LT 110 o] Y= 1o [ T q o] 5 £ TSRS 9
I @ 4 = [0 ] 1= o)V o 1T R 9
7.  Wholesale Electricity Pricesin Neighbouring Markets..........ccccovveveeieieciesesese e e e e 11
8. OPEraling RESEIVE PIICES. .....ccoeiiicii ettt se e sttt st et s ae s be s e e se e tese e teseesbesreereeneenseneeses 14
O, PHICE SEIEIS ...t 15
10.  Hourly Uplift @nd COMPONENES.......ccieiireeeeieriesesestesesseseeeeeeseeseeseesaessesseeseeseessessessessessessesseensessens 16

10.1 Hourly Uplift —Year over Year COMPariSON .......cccceieierereerereeseesieseesiesesssessesseeseesesssessessesees 17
11. OneHour Pre-dispatch Forecast and the HOEP ... 21
12, Net ReVENUE APPIOXIMELION .....veveviieeieierieesie ettt sttt sttt st et b e et sb e s st st ebe b 22
Chapter 2: Analysis of ANOMalous Market OULCOIMES.........couerirerieirerieenie sttt ere e ere e eenens 27
O 1111 7T [FTox o] T OSSP USSP P TSP S PRTPP 27
2. AnalysiSOf High PriCad HOUIS ......cc.ooiiiieee et st e s 28
3. Summary of MAU Monthly Reports on ANOMalous EVENLS ..........cooeririrrieieresese e e 43

31 Eventsof January 15, 2004 ........cccoeiieieeeieereeeeeesiessestesre e saesre e e e e tessestesresresreeneenae e etenresrenreens 43

3.2 Procedure for Managing Outages of Commissioning UNIts...........ccocevvverenieeieeveesiese s 64

3.3 A Large Accumulation of IOG Paymentsin Delivery Hours 22 through 24 .............ccccceeeeevenee. 69
4, ANalySiSOf LOW PriCE HOUIS......ccocieceicecee ettt s sr e na e nnens 83
Appendix A: Summary Dataon High Priced HOUS.........ccceeirieierercse ettt se e 89
Appendix B: Events of January 15, 2004 ........c.ooereiieieeieseeeeeereeseseesesessessesseeessessessessessessessssnssssesseseens 20
Appendix C: Summary Data on LOW PriCed HOUPS ..........ccoiiiiiiiiiinees e 91
Chapter 3: Summary of Changesto the Market Sincethe Last REPOIt ..........ccceoeverive v 93
Lo INEFOTUCTION.....c.eeeiiiteeet ettt ettt e h bbbt b e s et b e s bR e s e e st e b e se bt bt e b et e b b e e eb e r e 93
2. IIMEO TNITIALIVES. .ttt ettt ettt st b e e e bt ae st e e e ee et e sb e eb e s bt e aeeaeene e beseesbesbeeneene e e aneees 93

2.1 Thelntroduction of Control Action Sources of Operating Reserve in the Market......................... 93

2.2 Clarifying Transmitter’s Role to Co-ordinate Outages with Affected Market Participants........... 96

2.3 Observations following Changes to Confidentiality Classifications..........cccccocvevevevesieseceececnne 97
3. YIS T ] (= LY== ST 102

PUBLIC [



Market Surveillance Panel Report
November 2003-April 2004

3.1 Update on Implementation of MSP CMSC Recommendations...........ccccvvvvveeeeeseereseesesensennnes 102
311 Facility (Saf) Induced CMSC PaymENtS.......ccceeeeieriererese e seseseeeesee e see e ssesesseeneeneenes 102
Chapter 4: State of Competition within, and the Efficiency of, the IMO-Administered Markets.............. 105
T T g o S sSSP 105
2. MOVING FOMWAIT ..ottt ettt bttt sttt s b e et s b e st b et bt 106
3. Monitoring for the Exercise of Market POWEY ...........ccooiiririiiiiie et 108
S S (o= N o 0= oo TP A-1

ii PUBLIC



Market Surveillance Panel Report
November 2003-April 2004

List of Tables

Table 1-1: Negative Domestic Supply Cushion Events, November 2003-April 2004..........cccceevvevecvevvennenn. 7
Table 1-2; Rea-Time Domestic Supply Cushion, Winter 2003 and 2004 ..........ccceeeeveerereninseeseseseeeeseeens 9
Table 1-3: HOEP RevenueS ADOVE BESE PIICE ..ot 24
Table 2-1: High Priced Hours, Monthly, May 2002—April 2004...........cccooeeereeeeiererene e seseeseeneeneens 29
Table 2-2: Key Datafor April 6, 2004, DeliVery HOUN 8 ..o e 40
Table 2-3: Actua Market Clearing Prices vs Simulated Market Clearing Prices

fOr DElIVErY HOUF 8, APKIT B, ..ottt sb et e et e b e see e 42
Table 2-4: Summary of Reserve Market for Hour 18 (Constrained Schedul€) ............ccocveneriiiiiiienene 54
Table 2-5: Summary of Reserve Market for Hour 18 (Unconstrained Schedul€) ...........ccocoveienerieeicinnne 56
Table 2-6; Simulation of Effects of Control Actions Taken onthe Market Clearing Price.........c..cccoevueaene 58
Table 2-7: Key Datafor Delivery Hours 16 —18 on February 4, 2004 ..........cccoveovevevesesiesesesieeieeseesesie e 68
Table 2-8; Measures of Difference between Pre-dispatch and Real-time Demand............ccccecveveveceiennns 73
Table 2-9: Measures of Difference between Pre-dispatch and Real-time Demand

aNd Price DY DEIIVENY HOUL ....c..oviiieceieeec ettt e sn et sne e e enee e 74
Table 2-10: Fregquency of Over-Forecast, Hourly Price and Demand ...........ccceovevevenennvesenesecseessne s 76
Table 2-11: Difference Between Hourly Peak and Hourly Minimum Demand ...........cccoevvenennenencniennne 78
Table 2-12: Offsetting Imports, Hourly AVErageS (MW) ....c..oeiireirirene et 81
Table 2-13: Hourswith HOEP <$20, Monthly Since Market Opening..........ccooeererrerereeenereseneseeeeseseenene 83
Table 2-14: Summary Data on Hours Greater than $200 MWHh.........c.ccoviiiinnrnreeeeseeeseseses e 89
Table 2-15: Summary of Out of Market Control Actions Employed, January 15, 2004 ..........cccceeeieeienenne 90
Table 2-16: Summary Data on Hours Less than $20/MWH ... 1
Table 3-1; Useof CAOR in Real-time and Pre-diSpatCh.........cccceeieieiicie s 96
Table A-1: Monthly Energy Demand (TWHh) ........ccociiiiiriiice ettt A-3
Table A-2: Average Monthly Temperature (CCEISIUS) ......ooiiiririririee et A-4
Table A-3: Number of Days Temperature Exceeded 30°C........cooiiiiieiinierieeee e A-4
Table A-4: Outages, May 2002-April 2004 (TWh) ..o A-5
Table A-5: Average HOEP, On and Off-Peak, May 2002-April 2004..........c.ccoeveiieveeeneeeeeeseese e e A-6
Table A-6: Average Richview Slack Bus Price, On and Off-Peak May 2002-April 2004..........ccccceeeene. A-7
Table A-7: Frequency Distribution of HOEP, May 2002-April 2004 .........ccooevvviereeereseeeeseeseseeseeseens A-8
Table A-8: Frequency Distribution of HOEP plus Hourly Uplift, May 2002-April 2004...........ccccccuenee. A-9
Table A-9: Total Hourly Uplift Charge, May 2002-April 2004 ..........occivireeniieeneeeeseeeeseeee s A-10
Table A-10: 10G Payments, Top 10 Days, November 2003 to April 2004.........ccccvireeerineereneeeneenes A-11
Table A-11: 10G Offsets dueto Implied WHEElING ... A-12
Table A-12: CMSC Payments, Energy and Operating Reserve, May 2002-April 2004 ..........cccceeeeueee. A-13
Table A-13: Share of Constrained On Payments by Import and Domestic SUppliers........ccoceeeeeeeeneeenne. A-14
Table A-14: Share of CMSC Payments Received by Top Facilities November 2003-April 2004.......... A-15
Table A-15: Local Market Power Investigation StatiStiCS.........ccvviiiieeiererese e A-16
Table A-16: Share of Real-time MCP Set by Resource (% ), May 2002-April 2004........ccccccceveeveenenne. A-17
Table A-17: Share of Real-time MCP Set by Resource (%), Off-Peak, May 2002-April 2004 ............. A-18
Table A-18: Share of Real-time MCP Set by Resource (%), On-Peak, May 2002-April 2004............... A-19
Table A-19: Resources Selected in Real-time Market Schedule (%), May 2002-April 2004 ................. A-20
Table A-20: Resources Selected in the Real-time Market Schedule (TWh) May 2002-April 2004....... A-21
Table A-21: Offtakes by Intertie Zone, On-pesk and Off-peak (MWh), May 2002-April 2004............ A-22
Table A-22: Injections by Intertie Zone, On-peak and Off-peak (MWh), May 2002-April 2004.......... A-23
Table A-23: Measures of Difference between 3-Hour Ahead Pre-dispatch Prices and HOEP ............... A-24
Table A-24: Measures of Differences between 1-Hour Ahead Pre-dispatch Prices and HOEP.............. A-25
Table A-25: Measures of Difference between Pre-dispatch Prices and Peak Hourly MCP..................... A-26
Table A-26: Average Monthly HOEP Compared to Peak Hourly MCP........cccco v A-27
Table A-27: Frequency Distribution of Difference between 1-Hour Pre-dispatch and HOEP,

Yo 200 22y N o 2 OSSO A-28
Table A-28: Difference between One Hour Pre-dispatch and HOEP within Defined Ranges................ A-29

PUBLIC i



Market Surveillance Panel Report
November 2003-April 2004

Table A-29: Difference between One Hour Pre-dispatch and Peak Hourly MCP

WIthin DEfINEO RANQGES. .....ecveeeeeese ettt sttt et ae s reeae e e ese e e e aesrenrenre e A-30
Table A-30: Percentage Intervals with Operating Reserve Reductions (Market Schedule),

Y 20022y N o 20 SO A-31
Table A-31: Forecast BiaSin DEmMan(d.........cccoeiiiirieiieieresies ettt enes A-32
Table A-32: Percentage of Time that Mean Forecast Error (forecast to hourly peak)

Within Defined MW RANGES (Y0)....c.veveruereeririeisiisieistesieesiesaesessesaesessessesessessesessessesessessessssessesessenes A-33
Table A-33: Discrepancy between Self-Scheduled Generators' Offered and Delivered Quantities........ A-34
Table A-34: Incidents and Average Magnitude of Failed Importsinto Ontario...........cccccceevveeiveivereenene, A-35
Table A-35: Incidents and Average Magnitude of Failed Exports from Ontario .........cc.ccceeeveeveevieveenne A-36

iv PUBLIC



Market Surveillance Panel Report
November 2003-April 2004

List of Figures

Figure 1-1: Demand Distributions, Winter 2003 and 2004 ..........ccccceiieienereeieseeeeieeseesesre e e e e seesessenes 3
Figure 1-2: Total Outages, Winter 2003 and 2004 ...........oeeeeereereereresesesesreseeeeeesees e e ste e sresseseessessenees 5
Figure 1-3: Planned Outages, Winter 2003 and 2004...........cceeeeieereerieseneseesieseseeeesseseseesse e ssessesssessessenees 5
Figure 1-4: Forced Outages, Winter 2003 and 2004..........ccceveeeeeereereseneseesieseseeeessesse e sse e s ssesseessessenees 6
Figure 1-5: Monthly Average Hourly Ontario ENergy PriCe........coeiiireiiieneesenee e 10
Figure 1-6: Frequency Distribution of HOERP.............ccoooiiiiiiiinee e 11
Figure 1-7: Average HOEP Relative to Neighbouring Markets...........cooeeeoeienine s 12
Figure 1-8: Average HOEP Relative to Neighbouring Markets, On-peak ...........cccooeiereneninienenieeieieneene 13
Figure 1-9: Average HOEP Relative to Neighbouring Markets, Off-peak..........ccccooeviiinininniiiciee 13
Figure 1-10: Average OR Prices, Winter 2003 and 2004 .........c.coieveriereeeieeeseeeeseeseesieseesressessesssesesssessens 14
Figure 1-11: Change in Price Setting Percentage by Resource, Winter 2004 compared to Winter 2003.....16
Figure 1-12: Monthly Hourly UpliftsS — Y €ar OVEr YEaI ......cccccueieiieie ettt snens 18
Figure 1-13: Annual Uplift COMPONENES........ccveiereririe et e e te s se e teseesresaesnesneeeeneennens 18
Figure 1-14: Annual CMSC for Energy — Constrained On and Off ..........ccceveveiieniniene e 20
Figure 1-15: Annual CMSC for Energy — by PartiCipant TYPE......ccvecerirerrre s reeeeseesesee e e sresseeeeeeseens 21
Figure 1-16: Revenues Above Base Price in ONAITO........cceireirineiene e 25
Figure 1-17: Distribution Of Ontario HOEP ..........ccccciiiriiiiietsereee et 26
Figure 3-1: Changein Import Offers 7 Hours Ahead to 2 Hours Ahead...........ccoovinenineinenccce 100
Figure 3-2: Changesin Export Bids 7 Hours Ahead to 2 Hours Ahead ............cccooeiiiiiiiiiincnceeeeee 101

PUBLIC \'



Market Surveillance Panel Report
November 2003-April 2004

Vi

PUBLIC



Market Surveillance Panel Report Chapter 1
November 2003-April 2004

Chapter 1. Market Outcomes November 2003 to April 2004

1. Introduction

This chapter presents data and summary statistics on the IMO-administered markets for
the period November 2003 to April 2004. The Statistical Appendix provides more
detailed data covering the period May 2002 to April 2004. The focus of this chapter isa
comparative assessment of market outcomes from November 2002-April 2003 and
November 2003-April 2004. For ease of exposition the period November 2002-April
2003 will be referred to as winter 2003 and the period from November 2003-April 2004
will be termed winter 2004. In this chapter we also present a new section on net revenues

for ahypothetical generator in Ontario.

In general, both on-peak and off-peak Ontario electricity prices were lower in winter
2004 compared to winter 2003. January 2004 was an exception, primarily due to record-
high demand in that month. Indeed, the average HOEP in January was one of the highest
recorded since market opening. Over the period as a whole, however, lower energy
demand in combination with increased supply resulted in prices that were about $15.50
per MWh lower than in the corresponding period of the previous year. Theimproved

bal ance between demand and availability within Ontario led to fewer imports and
substantially reduced |OG payments. Congestion payments (particularly constrained on
payments) also declined and the total hourly uplift averaged $2.43 per MWh in winter
2004 compared with $3.32 per MWh in winter 2003.

2. Demand

Energy consumption in Ontario declined from a monthly average of 13.22 TWh' in
winter 2003 to 13.11 TWh in winter 2004. Thislower energy demand was mainly a
result of milder weather conditions and lower industrial demand for electricity in winter

1 1.0 TWh (terrawatt hours) equals 1,000 MWh (megawatt hours) or 1,000,000 KWh (kilowatt hours).
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2004. Table A-1inthe Statistical Appendix indicates that monthly consumption
decreased in al months except January 2004. In January energy consumption increased
from 14.40 TWh to 14.77 TWh. Peak hourly demand at 24,937 MW in hour 19 on
January 15, 2004 set a new winter record for Ontario. The previous record was 24,158
MW on January 22, 2003. The low temperatures that led to record high demand in
January contributed to some anomalies in market outcomes that are discussed in detail in
Chapter 2.

The chart below shows the distribution of demand in pre-defined ranges. The lower level
of demand in the 20-21(000's) MW interval in 2004 contrasts sharply with the same
interval for 2003. Table A-2 in the Statistical Appendix provides comparative
temperature data and it is notable that over the period the average monthly temperature in
winter 2004 was about 1.6 degrees warmer and, excluding January, amost 2.2 degrees

warmer.

Although temperature was a major contributor to lower demand levels, there is some
evidence that lower industrial activity in winter 2004 than winter 2003 also contributed.
For example, manufacturing shipments’ in Ontario fell 1.4% from $24,158 million in
winter 2003. Furthermore areview of energy consumption by the 90 large industrial
consumers that are directly connected to the IMO-controlled grid revealed that their
consumption declined by almost 3.5% in winter 2004 compared with winter 2003. This
decline accounted for about 2/3 of the decline in total energy demand in the province, a
proportion substantially greater than their 15-16% share of total energy demand.

2 Preliminary data obtained from Ontario Ministry of Finance, covering the period November 2002-March
2003 to November 2003-March 2004.
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Figure 1-1: Demand Distributions, Winter 2003 and 2004
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3. Supply

In winter 2004 there were more resources available in the market as a result of a number
of facilities returning to service. By the beginning of winter 2004 both Pickering G4 and
Bruce G4 had returned to service, providing amost 1,300 MW of additional resources.
Between January and March 2004, Bruce G3 also became available bringing the total
additional supply to about 2,000 MW. In the last week of winter 2004, Brighton Beach, a
new gas generator rated at 580 MW,? began production and added more supply to the

market.

Total outages for the winter 2004 were also down 18% on average compared to the
previous year, with totals for 2003 at 23 TWh compared with 19 TWh for 2004. (See
detailsin Statistical Appendix, Table A-4.) On amonthly basis however, the Figure 1-2
below shows that total outages increased in January and February 2004, offsetting most
of the benefits of the increased supply in those months.

% See the Spring 2004 issue of the IMO's Electricity Exchange for more information about Brighton Beach.
(http://www.thei mo.com/imoweb/pubs/ee/El ectri cityExchange-2004- 1. pdf)
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We saw significant downward shifts in planned outages, and a corresponding increase in
forced outages, year over year. Figure 1-3, shows that planned outages for winter 2004
were consistently lower than the level for 2003. Figure 1-4 shows that forced outages

were higher for all months, except December.

The explanations for lower planned outages and higher forced outages are linked. One of
the main contributing factors to thisincrease is related to the extensive outage required by
the Darlington nuclear plant in October 2003.* The unavailability of the entire plant
severely limited the planning of other outages at the same time, postponing these until a
later period. With subsequent forced outages from Darlington, Bruce and Pickering units
during November and December, and the delayed return-to-service of Bruce G3 (until
January 2004), only a portion of the outages planned for this period could start.
Generators could only postpone these outages so long, before the units were forced out.
Thusin January and February there was a cascading effect, with more forced outages and

the postponing of other planned outages.®

* Nuclear plants occasionally need outages to the vacuum building, or containment ducts leading to the
vacuum building. These cause the outage of all 4 units at the plant.

® As of June 2003, amarket participant can arrange replacement energy in the form of an import to support
planned outages. Participants could have influenced the approval of planned outages during winter 2004 if
this option had been elected.
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Figure 1-2: Total Outages, Winter 2003 and 2004
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Figure 1-3: Planned Outages, Winter 2003 and 2004
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Figure 1-4: Forced Outages, Winter 2003 and 2004
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4. Supply Cushion Analysis

@ 2003
| 2004

Mwh on Ouatge

(=}

For purposes of analyzing the degree of demand/supply imbalance in the Ontario
electricity market, the Panel has developed a measure referred to as the ‘ supply cushion’.®
It isameasure of the amount of unused energy that is available for dispatchin a
particular hour, expressed as a percentage of total requirements and derived
arithmetically as:

SC = FO)—{(ED+ORy
 ED+OR

K100

where,

EO = total amount of available energy offered

ED = total amount of energy demanded

® See M'SP Report dated October 7, 2002, p. 53-55 for further discussion on supply cushion analysis at
http://www.thei mo.com/imoweb/marketSurveil/mspReports.
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OR = operating reserve requirements.

A low value for the supply cushion correspondsto arelatively small amount of supply
available to meet any additional demand and, as aresult, the potential for even small
increases in demand to increase market prices significantly. A variation of the supply
cushion is the *domestic supply cushion’, which is calculated the same way but using
only domestic offers. The domestic supply cushion could be negative, and a negative
value indicates that the offer from domestic generatorsisinsufficient to meet demand,

and thus imports are necessary to balance demand and supply.

The domestic supply cushion was calculated monthly, for the winter 2004 period, for pre-
dispatch and real-time. In previous reports, we have explained how conditions can
change from pre-dispatch to real-time, including load levels, forced outages and
production from self-dispatched generating facilities. A low or negative domestic supply
cushion in pre-dispatch will likely result in more imports being attracted. A negative
domestic supply cushion in real-time means that imports were necessary to meet the
demand in that hour. Table 1-1 shows the number of hours in winter 2004 where the

domestic supply cushion was negative in real-time and in pre-dispatch.

Table 1-1: Negative Domestic Supply Cushion Events, November 2003-April 2004

Negative Domestic Supply Cushion
(Number of Hours/% of Total Hours)
Real-time Pre-dispatch
November 2003 24 3% 17 2%
December 2003 35 5% 64 9%
January 2004 53 7% 66 9%
February 2004 27 4% 18 3%
March 2004 36 5% 34 5%
April 2004 1 0% 1 0%
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The data show a moderate number’” of hours with negative domestic supply cushion in all
months, real-time and pre-dispatch, with the exception of April, where only one such

event occurred. The largest occurrence of negative supply cushion wasin January.

These results are entirely consistent with earlier observations of demand patterns,
resource additions and total outages in these months. The pattern is also roughly
consistent with the observed average HOEP for these months, except for February.
February exhibited the second highest monthly HOEP in winter 2004, while the number
of hours of negative supply tends to be on the low side.®

Comparing supply cushions between winter 2003 and 2004, demonstrates how year over
year the supply/demand interaction and HOEP shifts are consistent with changesin the
supply cushion. In Table 1-2 we report on the monthly average real-time domestic
supply cushion, and the hours of negative events each month.

We have noted earlier that HOEP declined year over year for each month, except
January, where average price increased. Average domestic supply cushion values
exhibited the opposite trend. Except for January, average supply cushion improved by at
least 0.7%; for January it dropped by 3%. The number of hours of negative supply
cushion demonstrates the same pattern, dropping substantially in all months except

January, where it increased significantly.

" Here the comparison is with summer 2002. See MSP report dated March 24, 2003, p.16,
http://www.theimo.com/imoweb/marketSurveil/mspReports.asp.

8 The relationship between the average domestic supply cushion and the HOEP in February is consistent
with the patterns observed in other reports; the relatively high HOEP in February corresponds with the
relatively low average domestic real-time supply cushion. It is surprising however that the number of hours
with a negative supply cushion islow in February when compared to other monthsin the period; there is
generally a positive correlation between the average monthly HOEP and the number of negative supply
cushion events in amonth.

A closer look at the data underlying the domestic real-time supply cushion indicates that the distribution of
domestic supply cushions were highly concentrated about the mean value in February. A similar
distribution for HOEP also existed in February with observations being highly concentrated about the mean
value. Thiswasin contrast with other months such as January where there were several days with tight
domestic (negative) supply cushions and high HOEP and severa other days with relatively flush supply
cushions and lower HOEP with the overall mean values being higher in January than February.
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Table 1-2: Real-Time Domestic Supply Cushion, Winter 2003 and 2004

Average Supply Negative Supply
Cushion Cushion
% Requirement # of Hours
Winter Winter Winter Winter

2003 2004 2003 2004
November 8.5% 11.4% 104 24
December 11.5% 12.2% 86 35
January 14.1% 11.1% 3* 53
February 8.2% 10.7% 45* 27
March 7.2% 11.6% 145 36
April 1.7% 24.0% 130 1

*These figures differ from the December 2003 report, due to arecently
identified data error.

5. Imports and Exports

Total imports decreased from 6.2 TWh in winter 2003 to 4.8 TWh in winter 2004 mainly
asaresult of lower energy demand and the increase in supply within Ontario. The
resulting prices were not generally high enough to attract imports, with the exception of
January 2004 where imports increased from 0.87 TWh to 1.06 TWh.

Imports and exports depend not only on supply conditions within Ontario but also on the
relationship of the HOEP to prices in neighbouring markets. Section 7 below provides
comparative information on Ontario wholesale prices and wholesale prices in other
markets in both peak and off-peak periods. Relatively low off-peak pricesin Ontarioin
winter of 2004 were a contributing factor to increasing exportsin this period. Overal,
exportsincreased from 2.8 TWh in winter 2003 to 3.9 TWh in winter 2004.

6. Ontario Energy Price

The average HOEP in $ per MWH decreased from $65.35 in winter 2003 to $49.77 in
winter 2004. Prices were lower in all months except January 2004 as shown in
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Figure 1-5. Average HOEP attained $66 in January 2004, up 11 percent from January
2003. In fact the average HOEP in January 2004 was the fourth highest since market
opening (the highest average HOEP at $86 occurred in February 2003). The average
monthly prices, including both on-peak and off-peak HOEP, are availablein Table A-5 of
the Statistical Appendix.

Figure 1-5: Monthly Average Hourly Ontario Energy Price
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As discussed above, the lower level of demand and the overall increase in supply in
winter 2004 were the driving forces behind the price decline. Further, there has been a
leftward shift in the distribution of electricity pricesin winter 2004 as shown in

Figure 1-6.
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Figure 1-6. Frequency Distribution of HOEP
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The percentage of hours that the HOEP fell within the intervals $80-$100 and $100-$120
dropped by 5 and 8 percent respectively while pricesin the intervals $20-$40 and $40-
$60 increased 12 and 16 percent respectively.®

7.  Wholesale Electricity Pricesin Neighbouring Markets

Three other electricity spot markets operate in the northeast United States as ‘ neighbours’
to Ontario. Comparing hourly spot market prices in each of these areas to the HOEP in
Ontario provides a useful comparison of the respective costs of energy in these markets.
Although these prices may differ because of market characteristics such as uplift, day-
ahead markets, bilateral contracts, market rules and/or other specific features, the
comparison is still relevant as it represents the spot market price of energy in agiven

hour.

Figure 1-7 shows that in general Ontario prices have been lower than New England prices
and broadly similar to PIM and New Y ork prices.

° Table A-7 in the Statistical Appendix provides greater detail on the frequency distribution of the HOEP
since market opening.
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Figure 1-7: Average HOEP Relative to Neighbouring Markets
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Figures 1-8 and 1-9 show comparisons of on-peak and off-peak prices. Ontario prices
were lower than neighbouring pricesin all months except November 2003 where PIM
prices were lower.”® In January and February 2004 differences in average off-peak prices

between Ontario and the neighbouring markets were quite large although this difference
narrowed in other months.

19 According to the PIM State of the Market Report 2003, (http://www.pjm.com/markets/market-
monitor/downl oads/mmu-reports/pjm-som-2003.pdf) PIM had large net excess capacity in November and
December 2003.
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Figure 1-8. Average HOEP Relative to Neighbouring Markets, On-peak
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Figure 1-9: Average HOEP Relative to Neighbouring Markets, Off-peak
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8. Operating Reserve Prices

Operating reserve (OR) prices were higher in winter 2004 for all reserve types. The price
per MW for 10-minute spinning reserve (10S) increased from an average of $5.20 to
$7.09 in winter 2004. Average 10-minute non-spin (10N) price rose to $5.43 from $2.95
while 30-minute OR (30R) climbed to $4.44 from $2.65 in winter 2003. Roughly
speaking, the price for each product increased about $2 per MW relative to the previous

winter.

Figure 1-10: Average OR Prices, Winter 2003 and 2004
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The primary cause of the increased OR prices relates to the utilization of Control Action
Operating Reserve (CAOR)." CAOR isthe automatic use by the market of voltage

reductions as operating reserve, whenever OR prices reach the $30 per MW level .2

In 2003, CAOR was not priced and therefore not available for selection by the dispatch
scheduling optimization algorithm (DSO). At that time, when there was an observed OR

shortfall the control room operator would manually reduce the OR requirement through

! See Chapter 3, section 2.1 for more detail.
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the use of what we have referred to in previous reports as out-of-market control actions.
These actions would eliminate the OR shortfall but had the perverse effect of lowering
energy prices and OR precisely when Ontario was relatively short of supply. The IMO
now prices a portion of these control actions (CAOR), consistent with previous Panel

recommendations.

Statistics on the use of CAOR, presented in more detail in section 2.1 of Chapter 3,
suggest that most of the increased frequency of OR prices at or above $30 is attributable
to the frequency of CAOR use. On average, had out-of-market actions continued to be
used in place of CAOR, OR pricesin winter 2004 would have been much closer to those
observed in winter 2003. Calculations by the MAU suggest that the effect of CAOR on
the average price of OR was about $1.50 per MWh or roughly 3/4 of the change in the
average OR pricein winter of 2004.%

9. Price Setters

In the real-time market only generators and dispatchable |oads set the market clearing
price (MCP). Inthe hour ahead market, imports and exports can also set the MCP.
Overall, during on-peak hours generators using oil/gas as primary fuel set the MCP most
of thetimein Ontario. See Tables A-16 to A-18 in the Statistical Appendix. Of note
however, isthe 23 percent decline during on-peak hoursin the percentage of the time that
price is set by these generatorsin winter 2004. Thisis because low demand levels (and
therefore low prices) and increased infra-marginal supply, few of these expensive units
are likely to be on-line. Coal-burning and hydroel ectric generators replaced oil/gas
generators as the price settersin the winter 2004 asillustrated in Figure 1-11. During off-

peak hours, coal-fired generators are the dominant price setters. Overall, in winter 2004,

2 Currently 200 MW of 30-minute OR is offered at $30/MW and another 200 MW of 10N is offered at
$30.10/MW.

3 Although CAOR had the effect of increasing OR prices on average relative to the previous year, it also
contributed to reducing |0OG and CM SC payments to imports. In winter 2003, out-of-market actions were
used in real-time, thus when the pre-dispatch appeared short of domestic resources, imports would be
scheduled in the unconstrained and constrained runs.
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the share of the time that oil/gas generators set the price dropped by 25 percent. Hydro-
generating unitsincreased their share of time as a price setter by 35 percent while coal
facilitiesincreased their share by 14 percent. These shifts are consistent with the lower

average electricity prices noted in winter 2004.

Figure 1-11: Changein Price Setting Percentage by Resource,
Winter 2004 compared to Winter 2003
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10. Hourly Uplift and Components

The hourly uplift consists of payments for Intertie Offer Guarantee (10G), Congestion
Management Settlements Credits (CMSC), Operating Reserve (OR) and line losses on
the transmission system. Overall in winter 2004, total uplift charges dropped from $273
million to $205 million. The lower level of energy demand and increased supply account
for the lower level of charges. Of the components, OR payments increased substantially
in winter 2004, rising to $34 million, up from $22 million in winter 2003. Thisis
consistent with the higher OR pricesin winter 2004. CM SC payments on the other hand
dropped significantly to $44 million, down from $84 million in winter 2003. Thisis due
to the lower level of constrained on payments (mostly to imports) in winter 2004. The

lower level of imports also resulted in lower |OG payments in winter 2004. Furthermore

16 PUBLIC



Market Surveillance Panel Report Chapter 1
November 2003-April 2004

the lower level of energy pricesin winter 2004 resulted in lower payments related to line
losses. Table A-9in the Statistical Appendix has more details on these payments since

market opening.

10.1 Hourly Uplift — Year over Year Comparison

The declining trend in uplift observed in the winter period over period comparison has
persisted over the entire period since market start-up. On an annual basis, total uplift
dropped from almost $760 million in the first 12 monthsto just over $360 million in the

next 12 months, a reduction of more than 50%.

Figure 1-12 shows monthly total upliftsin the first year of the market compared to the
second. Except for the three months with lowest upliftsin the first year, uplift in the
corresponding months of the second year are lower. The three months with the largest
uplift in Year 1, the summer months with uplift totalling just over $400 million, exhibit
the largest reductionsin Year 2. By contrast in Y ear 2 these are the months with the
lowest uplift, totalling $65 million, a drop of amost 85% compared with the
corresponding months of the first year, or one-sixth of the earlier value.
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Figure 1-12: Monthly Hourly Uplifts — Year over Year

180
160 -
140 -
120 ] —
100 -

80 -

60

ad b nnhdnhn

May Jun Jul Aug Sep Oct Nov Dec Jan Feb Mar Apr
Month

$ Million

& 2002-2003 B 2003-2004

Figure 1-13 presents the annual amounts for the major components of uplift, with the year
over year change. The largest reductions are in |OG (79%) and CM SC (59%), with a
smaller drop in losses (27%), and an increase in OR payments.

Figure 1-13: Annual Uplift Components
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Increased OR payments are consistent with the observed increase in OR prices, while
lower costs for losses are consistent with lower energy prices.

Thelarge drop in 10G payments, from $259 million to $55 million, was driven by a
combination of two factors. First, there were somewhat fewer importsin Y ear 2, about
5% less, thus less energy was eligible to receive I0G. Secondly, the average |0G
payment, in $ per MWh, was much lower. These two factors were most obviousin July
through September in Y ear 1, which exhibited very tight supply conditions with heavy
imports and high payments per MWh. Importsin July through September of 2003 were
more than 25% below the level in 2002. As noted in earlier reports, for 2002 the average
payment for al 10G for the month was $238 per MWh of import which received IOG in
July, and $138 per MWh in August, accounting for the very large payments in these
months. In turn, these high per unit energy payments can be explained by the very large
pre-dispatch to real-time price changes observed in these summer months. Average
differences in these months were no lower than $40 in August but as much as $78 per
MWh in July 2002. By comparison, in summer 2003 the differences were only $6 to $8
per MWh.

CMSC paymentsin Year 2 were less than half Year 1 payments, at $95 million compared
with $233 million for the total of all CMSC paid. From Figure 1-14 it can be seen that
this was primarily the result of lower constrained on payments, which dropped from
about $130 million to $30 million.
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Figure 1-14: Annual CMSC for Energy — Constrained On and Off
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If we consider the data further, it can be seen in Figure 1-15, that the largest reduction in
CMSC payment was to imports, whose total CM SC dropped from $93 million to $12
million. Again, this can be seen mostly in the three summer months where import CMSC
dropped from $64 millionin Year 1 to $2 millionin Year 2. Once more, the improved
resource situation in Y ear 2 contributed to lower imports, including constrained on

imports, and lower per MWh payments to these resources.

20 PUBLIC



Market Surveillance Panel Report Chapter 1
November 2003-April 2004

Figure 1-15: Annual CMSC for Energy — by Participant Type
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11. OneHour Pre-dispatch Forecast and the HOEP

The magnitude of the monthly average difference between the one-hour pre-dispatch
price and the HOEP fell from an average of $16 in winter 2003 to $14 in winter 2004.
The mean absol ute percentage price difference™ from HOEP dropped from 42 % in
winter 2003 to 33 % in winter 2004. Furthermore, when we compare the period May
2002-April 2003 to May 2003-April 2004 (in Table A-24) we note that that the monthly
average difference between the one-hour pre-dispatch and the HOEP decreased in 8 out
of thelast 12 months. The table also shows that since July 2003 both the maximum
difference and the standard deviation of the pre-dispatch versus real-time price have
reduced substantially in every month compared with the year earlier, with the exception
of January. Further details are provided in Tables A-23 to A-29 in the Statistical
Appendix.

! The mean absolute percentage price difference dropped from 48% to 36% in winter 2004. The root mean
squared price difference declined to 25% in winter 2004, down from 55% in winter 2003.
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There could be a number of reasons for improvements in the difference between the pre-
dispatch price and the HOEP because of various changes over the last year. These
include:
. animprovement in the load forecasting method of the IMO
. the consistent use of CAOR in pre-dispatch and real-time compared to its
unavailability in winter 2003
. improvement in forecasting the production of self-scheduling generators
compared to 2003 (See Table A-33), and
« thepossibility that the ‘ spare generation on-line’ program® could have smoothed
the impact of demand volatility and forced outages on prices in winter 2004.

We will continue to monitor the difference between the pre-dispatch price and the HOEP

for the expected improvement.

12. Net Revenue Approximation

Net revenue calculations are used in other 1SO areas but thisis the first time that we have
presented a net revenue analysis for the Ontario market. We believe that the information
—even though highly aggregated and subject to a number of caveats — can provide
approximations of trendsin returns to various types of generation over time and therefore
contains useful information for market participants. We are interested in receiving

feedback on the approach and usefulness of thistype of information.

A net revenue analysis estimates the difference between the market revenues that a
generator would expect to earn from the sale of energy, operating reserve and other
ancillary services and the variable costs incurred from producing these products. This
variable cost isreferred to in the calculation as the ‘base price’. The margin between a
generator’ s unit market revenues and this base price (primarily fuel costs for fossil units)

!> Recall that this program guarantees the payment of start-up costs and minimum generation costs for a
minimum run-time (e.g. 4 or 5-hours) to generators that might not otherwise be on-line. A more detailed
description is available in the third MSP report (December 17, 2003), pp. 96-97 at
http://www.theimo.com/imoweb/marketSurveil/mspReports.asp
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contributes to the recovery of its fixed costs, including non-variable operating and

mai ntenance expenses, capital costs associated with investing in capacity, property taxes,
and any costs associated with meeting regulatory requirements. In the long term, the
revenues from the energy and ancillary service markets must cover al the fixed costs of a
generator, including a competitive return on investment. Revenues consistently below
this level would discourage entry into the market and potentially encourage exit,
eventually putting upward pressure on prices. Alternatively, revenue above this level

should lead to new entrants and exert downward pressure on prices.

The analysis presented here provides estimates of the net energy revenues for generators
at different levels of variable cost, based upon the actual pattern of Ontario energy prices
over all hours of ayear. For example, for a generator that produces electricity at a
variable cost of $40, we add all of the hourly contributions to net revenue when HOEP
exceeds $40. The sum represents the area on an annual price-duration curve, above $40.
Similar calculations are made for other assumed variable cost levels. Note that the
calculation assumes that the generator runsin every hour of the year in whichiitis

profitable to do so.

The data can be used by market participants to assess how net revenues in the Ontario
market are changing over time. They can also provide assistance in calculating the
expected returns to new entry although more detailed cal cul ations using specific
generator characteristics would be required for a serious study of entry potential. In
interpreting the data, several cautions are also relevant. In particular:

i) typica incremental costs for a (fossil) generator vary over the range of output, so
asingle variable cost is not accurate;

i) fuel pricefor agenerator (e.g. gas-fired) would change over ayear;

iii) avoidable costs include such things as start-up and speed-no-load, which have a
considerably different impact on the average running cost, depending on the

number of hours and level of production;
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iv) at timesit may be more profitable for a generator to provide operating reserve
rather than energy;

V) generators can earn additional revenue somewhat in excess of incremental costsiif
constrained on in the IMO dispatch (e.g. when shadow prices are higher than offer
price, which may be higher than HOEP);

Vi) a generator would occasionally experience forced outages or other limitations
such as ramp rate and start-up times, leaving it unavailable to take advantage of

all market opportunities.

The table below presents data for two years. The period May 2002 to April 2003 will be
referred to as 2002 while the period May 2003 to April 2004 will be termed 2003. The
values represent the revenue attracted by 1 MW.

Table 1-3: HOEP Revenues Above Base Price

Base Price Energy Pg(f:ﬂDelf\llt;:rbﬁ/\ll\?v?ase Price
($ per MWh) 2002 2003 Change
$10 423, 649 335,533 -21%
$20 336,838 247,933 -26%
$30 258,497 172,336 -33%
$40 207,495 121,876 -41%
$50 165,821 85,800 -48%
$60 128,192 55,673 -57%
$70 98,267 32,099 -67%
$80 77,603 18,199 -T1%
$90 63,509 11,311 -82%
$100 53,988 7,732 -86%
$110 46,881 5,759 -88%
$120 40,694 4,431 -89%
$130 35,239 3,622 -90%
$140 30,404 3,106 -90%
$150 26,532 2.748 -90%
$160 23,766 2,504 -89%
$170 21,656 2,331 -89%
$180 19,857 2,199 -89%
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Base Price Energy Pg(r?nDelr\]lt;:rbﬁ/\ll\?v?ase Price
($ per MWh) 2002 2003 Change
$190 18,370 2,083 -89%
$200 17,077 1,977 -88%

Consistent with the lower HOEP in winter 2004 compared with winter 2003, the above

data show lower revenuesin 2003 compared to 2002, at all levels of base prices. The

data show, for example, that the net revenue for a generator with a base price of $70 was
$32,099 per MW in 2003, less than one-third what it wasin 2002. The data also show
that for this same generator the net revenue fell by two-thirds between 2002 and 2003.

The net revenue data is also shown graphically in Figure 1-16 below.

Figure 1-16: Revenues Above Base Pricein Ontario

0

" 450,000
(&)

= 400,000
% 350,000 +
m S 300000
4 % 250,000 +
o

g 8 200,000 +
w & 150,000
c

g 100,000
> 50,000
o

\
\ —_— = 2002 2003
\
N
N
L\
\ ~
~
\ ~.
—
\ = - —
— e e— m—
10 30 50 70 90 110 130 150 170 190

Base Price ($SCDN'MW)

PUBLIC

25



Market Surveillance Panel Report
November 2003-April 2004

Figure 1-17: Distribution of Ontario HOEP
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The decline in net revenuesis largely attributed to the higher concentration of electricity
pricesin the $40-60 interval and the lower frequency of pricesin the $60-80 interval in
2003 when compared to 2002. (See Figure 1-17 above). Further there were 4 daysin
2002 when the average daily HOEP fell into the $180-200 interval compared to a
maximum daily average price of $120 in 2003. In terms of hourly prices, there were 107
hours in 2002 when the HOEP exceeded or equaled $200 compared to 10 hours in 2003.
In general electricity prices were higher and more volatile in 2002 than in 2003.

Overall, the data show that the net energy revenue returned to generators in the Ontario
market in 2003 was substantially lower than it wasin 2002, for al generation.

Again, the Panel would appreciate feedback, whether this type of analysisis of some
benefit, and how it might be improved.
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Chapter 2. Analysisof Anomalous Market Outcomes

1. Introduction

A key responsibility of the Market Assessment Unit (MAU), under the direction of the
Panel, is to monitor the market for ‘anomalies’. Anomalies are actions by market
participants and market outcomes that fall outside of predicted patterns or norms.

As has been the custom with our previous periodic reports, we asked the MAU to review,
asapractice, all “‘high priced hours' to identify the crucial factorsleading to the high
prices and report their findings to the Panel. For this purpose, ‘ high priced hours' are
defined as al hours in which either the HOEP is greater than $200/MWh or hours where
the uplift is greater than the HOEP. There were four hours in the period November 1,
2003 to April 30, 2004 in which the HOEP was greater than $200/MWh. These hours are
discussed in section 2. The one hour during the review period in which the hourly uplift
was greater than the HOEP is also discussed in the next section.

We also asked the MAU to monitor for any other events that appear to be anomalous,
even though they may not meet these * bright-line’ price tests, and report their findings to
the Panel. The MAU routinely monitors for anomalies in the market and provides the
Panel with a monthly report of their monitoring activity. Section 3 provides a summary
of some of the key anomalous events identified in the MAU’ s monthly reports for the
period November 2003 to April 2004.

Following the publication of the last M SP report, several commentators raised questions
with respect to prices that appeared ‘unusually’ low. Could these ‘low priced hours' be
explained entirely by market forces or were they the result of anomalous actions by one
or more market participants? Asagenera practice, the MAU monitors the market for
anomal ous participant actions, including those that would cause prices to be unusually
low. Asaresult of the expressions of concern received following the last report however,

we asked the MAU to begin to routinely review all ‘low priced hours' and report their
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findings. For the purpose of thisreview, we defined a‘low priced hour’ as any hour in
which the HOEP was |ess than $20/MWh. A price of $20/MWh istypically below the
marginal cost of any fossil-fuelled generation facility; in this respect it would be
anomalous for fossil generation to be on-line providing energy in ‘low priced hours'.
There were seventeen hours in the period November 1 to April 30 in which the HOEP
was less than $20/MWh. Section 4 of this chapter reviews the factors typically

underlying the pricesin these hours.

2. Analysisof High Priced Hours

As noted above, the MAU regularly reviews al hours where the HOEP exceeds
$200/MWh and where the hourly uplift exceeds the HOEP. The objective of this review
isto understand the market dynamics that led to the ‘ high prices’ and determine whether
any further analysis of either flawsin the design of the market or the conduct of market

participants is warranted.*

Table 2-1 provides on amonthly basis, the number of high priced hours since market
opening. There were only four hours in which the HOEP exceeded $200/MWh during
the period November 2003 to April 2004. In contrast, the $200/MWh threshold was
exceeded in 51 hours during the same period in the previous year (November 2002 to
April 2003).

There was one hour during the review period in which the hourly uplift exceeded the
HOEP. On February 29, 2004, delivery hour 24, the hourly uplift was $35.38 and the
HOEP was $33.18. The reason for the hourly uplift exceeding the HOEP in this hour was

entirely aresult of IMO accounting practices; it was not aresult of market factors.'’

16 The $200/MWHh threshold is the upper 1% of al HOEP (i.e., 99% of the HOEP are |ess than $200/MWh).
7 On occasion, the IMO is required to make adjustment to market participant CMSC and 10G payments.
For example, the IMO recovers |OG payments on imports that were part of an implied wheel in agiven
delivery hour. These adjustments are made after the delivery hour has occurred; this recovery is not
reflected in the hourly uplift of that hour. For accounting purposes, the amount of the adjustment is instead
incorporated into the uplifts of the final hour of each month, using the same charge numbers as other
CMSC and |OG in that hour. In many cases, the monthly uplift adjustment is negative, sometimes causing

28 PUBLIC



Market Surveillance Panel Report Chapter 2
November 2003-April 2004

The relative decline in the number of high priced hours from November 2002-April 2003
to November 2003-April 2004 is consistent with the general declinein HOEP that
occurred across these two periods (see Chapter 1). Furthermore, most of the high priced
hoursin the previous period occurred in the months of February and March when
seasonally high natural gas prices and fuel shortages at alarge fossil generation facility

caused electricity pricesin Ontario to increase substantially.*®

Table 2-1. High Priced Hours, Monthly, May 2002—-April 2004

HOEP>$200 HourIyHuglElth) Above
2002 2003 2004 2002 2003 2004
Jan 1 3 0 S
Feb 15 0 . -
Mar 24 0 o 5
Apr 4 1 o 5
May 0 0 5
Jun 1 4 0 5
Jul 1 0 o 0
Aug 18 0 3 0
Sep | 34 1 o 0
Oct 0 1 1 o
Nov 1 0 o
Dec 6 0 4 5

In our previous reports, we noted that a HOEP greater than $200 typically occursin hours

when at least one of the following occurs:

the uplift of the final hour of the month to be negative. Other times, the monthly uplift adjustment is
positive and sometimes large relative to the actual uplift for the hour.

However, such monthly charges are debited to load (including exports) on the basis of total consumptionin
the month. Thus actual consumption in the last hour does not (significantly) increase or decrease the
amount of the monthly uplift debited to an individual participant. The appearance on February 29, delivery
hour 24 of the large uplift, $34.57 per MWh of load consumed in the hour, wasin effect just $0.81 per
MWh for charges from that hour and debited to load in that hour, with the rest being monthly charges
debited to monthly consumption. The total of the monthly adjustment plus the actual hourly uplift
appeared as $35.38, which exceeded the HOEP.

'8 These events were discussed at pp. 58-59 of our December 2003 report.
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Real-time demand is much higher than the pre-dispatch forecasts of demand
One or more importsfail real-time delivery

Real-time provision of energy by self-scheduling and intermittent generatorsis
less than scheduled in pre-dispatch

One or more generating units that appear to be available in pre-dispatch become
unavailable in real-time as aresult of aforced outage or derating.

Each of these factors tightens the real-time supply cushion relative to the pre-dispatch
supply cushion.” Spikes of the HOEP above $200 are most likely to occur when one or
more of the factors listed above cause the real-time supply cushion to fall below 10%.
When the real-time supply cushion falls below the 10% level, generally al of the offers
from Ontario’ s traditional price setting generating units have been accepted to provide
energy to meet the Ontario demand. At this point the market must turn to the more
expensive Ontario offers: the offers of combustion turbine units (CTUSs), peaking
hydroel ectric units that did not expect to run, or dispatchable loads, all of which tend to
be offered at prices above $200.%

For the period November 2003—-April 2004, this scenario applied in only one of the four
“high priced hours' . On January 10, delivery hour 12, extreme cold weather created fuel
handling problems at one of the province's large generation facilities, leading to a
derating of 915 MW of supply (the fourth condition listed above). The sudden derate of
the facility contributed to atightening of the real-time supply cushion relative to pre-
dispatch; the supply cushion was 23.3% in pre-dispatch but only 1.1% in real-time. This

hour is discussed as Case 1 below.

The high HOEP of April 6, 2004 delivery hour 8, was the result of a new issue to the
market, one that had not been observed by the MAU to this point. Theissue related to
the decision of a‘quick start’ facility not to synchronise its generation unit in order to be

available to provide 10-minute spinning reserve. The details of this event are described

19 Section 4 of Chapter 1 reports supply cushion calculations for the period November 2003-April 2004.
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in Case 2 below.

The MAU’ sreview of the remaining two high priced hours for the period indicates that
the high HOEP could be attributabl e to seasonally high levels of demand.

a January 14, Delivery Hour 18

On January 14, 2004, delivery hour 18, Ontario primary demand reached an all-time
winter peak of 24,572 MW.# The pre-dispatch supply cushion was only 9%, which is
extremely low by pre-dispatch standards given that in pre-dispatch all import offers are
available. The pre-dispatch price of $448 signalled the expected tight supply and demand
conditions. In real-time, the average load was roughly 268 MW lighter than forecast in
pre-dispatch. However, in three of the 12 intervals, the real-time demand achieved and
slightly exceeded (by 9 MW) the pre-dispatch demand forecast. There were also 267
MW of failed importsin the hour, which further tightened the supply demand in several

intervals. There were no unusual outages or offers.

As the hour began, demand was roughly 700 MW lighter than the peak of the hour
demand that had been forecast. Even with the failed imports the supply demand balance
was better than had been forecast in pre-dispatch and the real-time price in interval 1 was
$80.38/MWh. The demand continued to increase over the hour leading to gradually
increasing prices. By interval 6, demand was within 100 MW of the pre-dispatch forecast
however, given the 267 MW of failed imports, the market faced a severe supply strain
and cleared on the steep portion of the offer stack. The MCP spiked to $1,850. The IMO
had already begun to identify the shortage of supply in the constrained sequence and had
started to lower the reserve requirement to reflect available out-of-market control actions.
The requirement was lowered by 459 MW in interval 6 and then lowered by an additional
200 MW ininterval 8. Demand declined by roughly 200 MW for the next two intervals

% Higher priced imports are not included in this list. Imports are scheduled in the one-hour ahead pre-
dispatch market (no new imports are available in real-time) and cannot set the price in the real-time market.
! This new peak was surpassed the following day, when Ontario primary demand reached 24,937 in
delivery hour 19.
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and prices reached the $130 and $140 level. By interval 10, demand had increased again
to levelsjust above the pre-dispatch forecast. However, with the reserve requirement
now lowered by 659 MW, prices spiked but only to the $400 and $450 level; the
reduction in the reserve requirement prevented the price from spiking to $1,850 asit did

ininterval 6.

b. January 26, Delivery Hour 18

The high HOEP in delivery hour 18 on January 26 was also attributable to a seasonally
high demand. The highest hourly market demand of the winter was reached in this hour,
with market demand at 25,446 MW.?? Once again, the pre-dispatch price of $212
signalled the relatively tight supply and demand conditions. The supply and demand
conditions carried over into real-time and the real-time HOEP was $207.56. Once again,
there were no unusual outages or offersin this hour.

Case 1: January 10, 2004, Delivery Hour 12

The derating of several units of a generation facility due to extremely cold weather was
the key cause of the spike in the HOEP in this hour. Just after the final pre-dispatch was
run, the total facility was derated by 915 MW. These units were infra-marginal in the
supply stack and hence the loss of these units caused an upward pressure on prices. This
hour also provides an illustration of how the dispatch scheduling optimization algorithm
(DSO) establishes the market clearing prices when there are insufficient energy and
operating reserve offers available to satisfy the energy demand and operating reserve

requirements.

2 Market demand and Ontario demand provide two different measures of electricity consumption. Market
demand includes the demand from all Ontario consumers (residential, commercial, industrial and
dispatchable load customers) plus external consumersin the form of exports from Ontario. Ontario
demand, as its name suggests, does not include export customers.
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Key Factors Affecting Market Outcomes

The key factor creating the relative supply shortage conditionsin the hour was the derate
of the generation plant. The derate was for 915 MW of the facility’s capacity. The cause
of the derate was fuel handling problems caused by the extremely cold weather. The
problems were not identified in time to be captured in the final pre-dispatch schedule. As
aresult, the pre-dispatch was unable to schedule other resourcesin place of the
generation facility, particularly imports. The supply available in real-time was therefore
less than had been anticipated in pre-dispatch.

A reduction in supply in real-time, not anticipated in pre-dispatch, places upward
pressure on the real-time market-clearing price. Furthermore, aloss of 915 MW of infra-
marginal supply in real-time can create severe reliability concerns. However, there were
several factors offsetting the 915 MW reduction in available supply in this hour. First,
the real-time demand for electricity was less than what had been expected in pre-dispatch.
The pre-dispatch forecast for the hourly peak demand was 21,229 MW. The real-time
peak demand in the hour was only 20,983 MW ininterval 3, which was 246 MW less
than what was forecast. The real-time demand declined as the hour progressed with the
real-time demand being 632 MW lower than the forecast peak demand by interval 12.
The over-forecast of demand in pre-dispatch (relative to the real-time peak demand)
would have resulted in several imports being scheduled for real-time that would not have
been selected had the forecast been accurate. These additional imports offset some of the
loss of the 915 MW at the generation facility.

Second, due to the unexpected loss of supply at the generation facility, the IMO reduced a
portion of its 30-minute reserve requirement.” Thisis consistent with NPCC standards
where after a contingency a control area can reduce its 30-minute reserve requirement if

it expectsto replace it within afour-hour period. On this day, a nuclear generator was

returning from a prolonged outage and was expected to be generating at full capacity

% The reserve requirement varied across the hour from 1,200 MW in interval 1to 1,120 MW in interval 12.
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within the four-hour time period. It was also expected that in the coming delivery hour,
additional imports would be scheduled in pre-dispatch that would offset the loss of

production at the generation facility.

Asthe delivery hour began, the demand was running lighter than had been projected in
pre-dispatch. The IMO had lowered its 30-minute reserve requirement by 280 MW to
partially offset some of the lost supply from the generation facility. Ininterval 1, demand
was 419 MW less than forecast in pre-dispatch. However, the combination of the lighter
than expected demand and the reduction of the total reserve requirement (total of 699
MW) was not sufficient to mitigate the loss of the 915 MW of supply. Asaresult, the
market cleared on the steep part of the supply curve and the pricein interval 1 spiked to
$600 (the price was established by a dispatchable |oad bid).

Note that when the market cleared in interval 1, there were still sufficient energy offers
and operating reserve offers avail able to meet the energy demand and operating reserve
requirements. Thiswas not the case in the next four intervals. In each of the next four
intervals, there were insufficient offers to meet the energy and reserve requirements (i.e.,
the market was in a shortage condition). Based on these offers the DSO was unable to

find a solution.

Rules for Determining Prices at Times of Shortage

The possibility that there could be insufficient offers available to meet the energy and
reserve requirements was anticipated prior to market opening. Initialy, the solution to
the problem was to use “ penalty factors’ and “shortage variables’. Such functions and
variables would ensure that the software was able to determine an economic dispatch
even under shortage conditions. The outcome of the “penalty factor” approach for
solving for the shortage however was to cause the price for operating reserve and for
energy to immediately rise to the Maximum Market Clearing Price (MMCP) in the event

of any shortage in operating reserve.
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Just prior to market opening, the IMO reconsidered the appropriateness of this approach
to solving shortages and shortage pricing. It was viewed that having the market clearing
price rise to the Maximum Market Clearing Price in the event of any shortagein
operating reserve would be inappropriate given that under the existing reliability
standards, atemporary deficiency in operating reserveisin fact tolerated for a period of
time and given that there are usually out-of-market control actions available as operating
reserve such that a shortage may not actually exist. A more practical basisfor
determining the market clearing price under such situations would be to set price at the
(greatest) price of abid or offer for operating reserve (or energy) actually scheduled in
the market. Asaresult, the rules were changed. Section 8.2.2.2, Chapter 7 of the Market
Rules now provides that in the event of a shortage in operating reserve (but not a shortage
in energy), the price of operating reserve will correspond to the price of abid or offer (for

either energy or reserve) actually scheduled (accepted) in the market.

To implement this shortage-pricing regime, the DSO algorithm was modified in the
following manner. First, if the DSO cannot find a solution due to insufficient energy and
operating reserve offers, the DSO will identify the magnitude of the shortage in the
operating reserve requirement and automatically adjust the reserve requirement by the
amount of the shortage plus2 MW.** The DSO is then re-run to find a dispatch solution

based on the lower reserve requirement.

The expected outcome of this algorithm would be to have the energy price established at
the offer price (cost) of the last available MW. The operating reserve price would then be
set (automatically) at the larger of the highest accepted energy price or the highest

accepted operating reserve offer.

The new shortage-pricing algorithm also has implications for dispatchable loads that bid
at least a portion of their load as non-dispatchable. Dispatchable loads that do not want to
be dispatched below a certain consumption level bid this consumption level into the
market at $2,000. For example, a dispatchable load may make a bid with two

24 The additional 2 MW was subtracted to ensure a solution could be found.
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consumption points. Thefirst bid isfor 20 MW at a price of $600. That is, aslong asthe
market price isless than $600, the load would consume 20 MW. The second part of the
load’sbid isfor 10 MW at $2,000. That is, the load is signalling that regardless of the
price, it does not want to be dispatched below 10 MW.

Under the new shortage-pricing algorithm, when the DSO initially solves short, it fixes
the dispatchable load’ s consumption level so that it is not dispatched below its ‘ non-
dispatchable’ offer. In the example above, the load’ s schedule would be fixed at 10 MW.
Then, when the DSO adjusts the reserve requirement for the shortage amount and
performs its second run, it keeps the dispatchable load’ s consumption level fixed at 10
MW. Fixing the dispatchable load’ s schedule has implications for the market price that is
ultimately produced in the second run of the DSO. Holding the dispatchable load’s
schedul e fixed means that the load cannot be a marginal unit. That is, the DSO cannot
get another MW from the load so it cannot set the market price. In particular, even
though the dispatchable load has a bid at $600 this bid price cannot set the price. The
market price must instead be set by another offer/bid in the market.

Thiswas the situation in intervals 2 through 5 of delivery hour 12. In each of these
intervals demand was higher than it wasin interval 1. The higher demand meant that the
DSO did not have sufficient offers available to meet the higher demand and the operating
reserve requirement. Asaresult, the shortage-pricing algorithm was invoked. Ininterval
2, the DSO was short 27 MW of the 30-minute reserve requirement. The DSO
automatically adjusted for the shortage (plus 2 MW) and re-solved. The second run
produced an energy and operating reserve price (all three classes) of $323.63. Thisprice
was lower than the $600 price set in interval 1, even though demand in interval 2 was
higher. The reason for the lower price was due to the fixing of the dispatchable |oad
schedules. Ininterval 2, the shortage conditions meant that the schedule of the
dispatchable load that set the price in interval 1 was fixed at the consumption level
reflecting its non-dispatchable consumption point. Asaresult, this dispatchable |oad was
no longer available as a marginal unit and hence could no longer set the clearing price
with its $600 bid price. Instead, the price was set by a resource other than the
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dispatchable load; a resource whose offer represented the last available MW of energy,
which was the lower price of $323.63.

Inintervals 3, 4 and 5, asimilar outcome occurred. In theseintervals, the DSO was short
88 MW, 179 MW, and 80 MW respectively. The DSO therefore ran a second timein
each interval, automatically adjusting the reserve requirement by the amount of the
shortage in order to find asolution. In each interval, the dispatchable load’ s schedule was
fixed at its non-dispatchable consumption level and its $600 bid price was prevented from
setting the price. The market price cleared at the lower price of $323.63 in each interval.

In the remaining 7 intervals of the hour, demand declined so that by the end of the hour,
the real-time demand was roughly 700 MW lighter than had been forecast in pre-
dispatch. At the sametime, the IMO had lowered the total reserve requirement by an
additional 100 MW, now fully reducing its 30-minute reserve. The combination of these
two factors fully offset the loss of the 915 MW of supply and also meant that the market
sequence was ho longer short supply to meet both energy and reserve. The market
clearing prices across the next 7 intervals fell from $165.07 to $148.89 by the end of the

hour.

By the start of delivery hour 13, additional imports were added to the supply. At the
same time, demand declined and the nuclear facility that was returning to service from a
prolonged outage was continuing to increase its generation level. The supply shortage
caused by the generation facilities had been corrected and the HOEP in the hour fell to
$99.26.

Case 2: April 6, 2004, Delivery Hour 8

The MAU’ s monitoring of the market in April identified one hour in which the HOEP
exceeded $200. The HOEP for delivery hour 8 on April 6 was $258.93. The peak

% Note that the $323.63 price reflected the incremental cost of getting 1 more MW of energy which asa
result of joint optimization, in this case incorporated not only the energy offer of aunit but the opportunity
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5-minute MCP reached $2,000 in interval 9 of thishour. The price spike was aggravated
by the decision of a market participant not to synchroniseits ‘quick start’ facility in order
to make it available to provide 10-minute spinning reserve. Following itsidentification
and review of the event, the MAU contacted the participant to remind them of the need to
synchronise their units when they are expected to provide spinning reserve. The MAU
also forwarded its review to the IMO Compliance division for their independent review
of the event. The following provides a brief summary of the relevant rules governing

quick start facilities and a more detailed explanation of the event.

Background: Definition of a Quick Start Facility and its Implication in Market Operation

The Market Rules define aquick start facility as a“generation facility whose electrical
energy output can be provided to the IMO-controlled grid within 5 minutes of the IMO’s
request and is provided by equipment not synchronised to the IMO-controlled grid when
the request to start providing energy ismade.” Unitsthat generally qualify as quick start
facilities are hydroelectric facilitiesand CTU's. Nuclear units and fossil units are not

quick start facilities.

Unlike all other facilities, quick start facilities need not be synchronised to the grid in
order to receive a dispatch schedule (either constrained or unconstrained) for energy, 10-
minute reserve or 30-minute reserve. A facility is synchronised when it closes its breaker
and begins to inject or withdraw energy onto or out of the grid. Many hydroelectric
generators (quick start facilities) can achieve synchronisation by condensing their units -
they close their breakers to consume energy in order to keep their motors turning. Note
that there is a cost to quick start facilities for operating in condensed mode. The units
must consume energy from the grid (roughly 1 or 2 MW). The cost to the facility for
doing thisis generally equal to the MCP times the amount of energy consumed (e.g.,
MCPx2MWh or on an hourly basis HOEPx2MW).

cost of having to back down the unit from reserve.
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Under the Market Rules, all generation units that offer 10-minute spinning reserve,
including quick start facilities, must synchronise their units (close their breakers) in order
to be scheduled for 10-minute spinning reserve. The reason for thisrelatesto the IMO's
interpretation of a NERC standard. The IMO interprets NERC standards as requiring a
unit to be available for the entire 5-minute interval if it is scheduled for 10-minute
spinning reserve. To ensure that a unit will be synchronised for the entire interval, the

Market Rules require it to be synchronised prior to the start of the interval.

The need to be synchronised in order to receive a schedule poses a sort of “chicken and
egg” problem for the operator of the quick start facility. That is, the operator of a quick
start facility may wait to get a dispatch message before synchronising its unit - it waits to
get the dispatch message in order to avoid the cost of condensing. However, if the unit
does not synchronise, the market algorithm (DSO) will not schedule it in rea-time for
spinning reserve and hence the unit will not be sent a dispatch message. In this case, the
operator will remain idle (not get scheduled for spinning reserve) even though the
eventual market clearing price for the reserve was above the facility’ s offer price, and
presumably above its cost for providing reserve. That is, the operator misses out on an
opportunity to earn revenue in excess of its operating cost and hence make a contribution
towards its overall profitability.

Events of April 6, 2004, Delivery Hour 8

The decision of a market participant to offer its quick start facility (referred hereto as
“Unit A”) for 10-minute spinning reserve but not to synchronise the facility, coupled with
the sudden outage of a nuclear generation unit, contributed to a price spike to $2,000 in
interval 9 and an eventual HOEP of $258.93 in delivery hour 8.

Unit A was offered for energy and 10-minute spinning reserve in the hour. The unit’s
energy offer wasfor 77.5 MW at a price of $2,000. The unit’s spinning reserve offer was
for 77.5 MW at a price of $0.19.
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One hour prior to the delivery hour, the pre-dispatch projected an energy market clearing

price of $67 and a 10-minute spinning reserve price of $30. Based on these prices, and
the offers of Unit A, Unit A was projected to be scheduled for 77.5 MW of spinning

reserve.

Table 2-2 provides a summary of the key data outlining how the actual real-time delivery

hour evolved. At the commencement of the delivery hour, demand was lighter than had

been forecast in pre-dispatch. As aresult, the energy clearing price was lower than had

been projected at $60.16 and the 10-minute spinning reserve price was $27.13, roughly

$3 lower than had been projected. Thisdatais reported in columns 2 and 3, row 1 of
Table 2-2 below. Note that with the spinning reserve price clearing at $27.13, based on
its offer price, Unit A should be scheduled for 77.5 MW of spinning reserve. However,

Unit A had not synchronised. Asaresult, the DSO did not see the unit as being available

for spinning reserve and hence did not schedule it (see column 4).

Table 2-2: Key Data for April 6, 2004, Delivery Hour 8

Unit A’s Unit A’s | Supply of | Ontario
Interval Energy MCP 10SMCP 10S Energy Nuclear Demand
Schedule Schedule Unit
($YMWh) ($MWh) (MWh) (MWh) (MWh) (MWh)
1) (@) (©) 4 (©) (6) U]
1 60.16 27.13 0 0 795 18,683
2 63.22 30.00 0 0 795 18,685
3 63.60 30.00 0 0 795 18,763
4 63.32 30.00 0 0 795 18,708
5 64.51 30.00 0 0 795 18,815
6 71.02 30.10 0 0 795 18,893
7 35.32 3.93 0 0 795 18,237
8 83.19 33.55 0 0 0 18,419
9 2,000.00 1,955.22 0 15.4 0 18,453
10 453.50 408.72 0 0 0 18,393
11 89.54 30.10 74.9 0.1 0 18,567
12 59.80 3.93 74.9 0.1 0 18,489
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The delivery hour progressed in roughly the same manner over the next six intervals.
However, just prior to the completion of interval 7, alarge nuclear unit was forced out of
service. The unit started to run back its production, but since its breaker was still closed
it appeared that the unit was available for dispatch. At the same time, the IMO activated
650 MW of 10-minute operating reserve and requested an additional 400 MW of shared
reserve activation from neighbouring markets. The supply demand balance appeared to
be relatively flush and the energy price fell to $35.32.%

By interval 8, the nuclear unit was identified as being unavailable and was not scheduled,
thereby tightening the relative supply and demand balance. The reserve energy was till
activated and somewhat offsetting the loss of the nuclear output. The price increased to
$83.19. Note that since Unit A had still not synchronised it was not being scheduled for

reserve or activated for energy.

Ininterval 9, the 10-minute reserve was de-activated; the DSO now needed to satisfy both
the energy demand and the full operating reserve requirement of 1,480 MW. The loss of
the nuclear generation now showed up as a severe tightening of the supply relative to the
energy and reserve requirements in the market. Due to the severe tightness of supply, the
DSO scheduled essentially all the reserve that was available and had to turn to the highest
energy offered in the market to meet its energy demand requirement. Thisincluded the
energy offered by Unit A at a price of $2,000; recall that a quick start facility does not
need to synchronise in order to be scheduled for energy. The unit was sent a schedule for
15.4 MW of energy (see column 5in Table 2-2); it was the marginal unit and it set the
energy price at $2,000.

As soon as the operator of Unit A received its energy dispatch instruction, it synchronised
its unit to provide the energy; once synchronised it was then available to provide 10-

minute spinning reserve. With an offer price of $0.19 for spinning reserve, once the DSO

% Note also the large decline in the market demand (656 MW). Thiswould contribute to adeclinein the
energy price. The appearance of alarge decline in demand in the interval is deceiving, asit islikely the
result of the lost telemetry caused by the sudden run back of the nuclear unit.
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identified Unit A as being synchronised, it quickly converted it from energy to 10-minute

spinning reserve. Unit A remained synchronised for the remainder of the day.

In short, it was the shortage of energy in delivery interval 9 caused by the loss of a

nuclear unit that finally induced the operator of Unit A to synchronise.

Impact on Market Clearing Prices

The MAU simulated the impact that the Unit A operator’s actions had on the market

clearing pricesin this hour. These price impacts are presented in Table 2-3. The

simulation assumed that the unit had synchronised for the start of hour 8. Under the

simulated outcome, had Unit A been synchronised at this time, it would have been

scheduled for 75 MW of 10-minute spinning reserve in al intervals of delivery hour 8.

Table 2-3: Actual Market Clearing Prices vs Simulated Market Clearing Prices

for Delivery Hour 8, April 6, 2004

Energy Price ($MW)

10-Minute Spin Price ($MW)

Interval Actual Simulated Difference Actual Simulated Difference
1 60.16 59.80 0.36 27.13 26.39 0.74
2 63.22 59.80 3.42 30.00 26.48 3.52
3 63.60 63.60 0.00 30.00 30.00 0.00
4 63.32 63.02 0.30 30.00 29.70 0.30
5 64.51 64.51 0.00 30.00 30.00 0.00
6 71.02 71.02 0.00 30.10 30.00 0.10
7 35.32 35.32 0.00 3.93 2.73 1.20
8 83.19 83.19 0.00 33.55 30.00 3.55
9 2,000.00 400.00 1,600.00 1,955.22 352.43 1,602.79
10 453.50 74.88 378.62 408.72 30.00 378.72
11 89.54 89.54 0.00 30.10 30.10 0.00
12 59.80 59.80 0.00 3.93 3.93 0.00
Average 258.93 93.71 165.23 217.72 51.81 165.91
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As Table 2-3 indicates, the impact on the energy market clearing price and 10-minute
spin price was considerable in several intervalsin hour 8. In particular had Unit A been
synchronised, the energy HOEP for hour 8 would have been $93.71 instead of $258.93.

IMO Response to the Event

Following the identification of this event, the MAU contacted the operator of Unit A to
inquire why they did not synchronise their unit. The MAU also informed them of the
impact that their actions had on the energy clearing price. The operator indicated that it
was an oversight on their part not to synchronise and that they would ensure that such an
event would not happen again. Since April 6, the participant has synchronised its unit
whenever it was selected in pre-dispatch. The IMO is aso planning a public education
for market participants to remind them of the need to synchronise their quick start

facilities when they expect to receive a spinning reserve dispatch schedule.

3. Summary of MAU Monthly Reports on Anomalous Events

Each month, the MAU provides the Panel with areport that describes its analysis of any
other eventsthat in its view appear to be anomalous, even though the event may not meet
the Panel’s *bright-line’ pricetests. The following isasummary of three such anomalies
that were reported to the Panel in the MAU's monthly reports.

3.1 Eventsof January 15, 2004

Thursday, January 15, 2004 was an anomalous day for several reasons. Firgt, it was one
of the coldest days of the winter, both in Ontario and the rest of the eastern region of
North America. Asaresult of the extreme cold weather, Ontario demand reached an all-
time winter peak of 24,937 MW in delivery hour 19. Furthermore, a new all-time daily
energy demand was reached at 528,061 MWh. This surpassed the previous all-time peak
daily energy demand of 525,253 MWh set on August 13, 2002 and the previous winter
peak of 517,809 MWh. Although this day was extreme in terms of demand, there were
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no hours on this day in which the HOEP exceeded the Panel’ s $200 high priced hour
threshold. Additionally, there were two days during the period for which the daily
average price was higher than January 15. The daily average price on January 15 was
$99.73 while the daily average price was $109.65 on January 26 and $101.52 on January
27.

Second, supply was particularly uncertain because a generating station experienced
substantial (thousands of MW’ s) unavailability due to fuel handling problems brought on
by the cold weather. The operator could not predict in advance with any degree of
certainty asto the size and timing of the unavailability.

Third, the IMO employed severa out-of-market control actions on thisday in order to
manage the severe conditions on the grid. These out-of-market actions all had impacts on
the market outcomes. While the objective behind the use of out-of-market control actions
isto ensure system reliability, these actions can affect market signals and market
efficiency. We have commented on these unintended consequences in previous reports
and have recommended that the IMO price out-of-market actions in order to improve
market signalling and efficiency. Infact, the IMO in consultation with market
participants has made some progress in this direction as reported in Chapter 3. From a
market design standpoint, it isimportant to ensure that out-of-market control actions are
implemented in a manner necessary to achieve the objective of reliability but alsoin a
manner that minimizes the potential distortion of market signals and market efficiency.
The events of January 15, 2004 are worth reviewing in some detail because they provide

agood example of the way in which out-of-market actions can distort price signals.

Fourth, there were 36 intervals on this day that required administered pricing. The reason
for the administered pricing was due to an input coding error. At times, the differences
between the initial prices produced in the market and the eventual prices administered by
the IMO were considerable; in all cases the administered prices were lower, with the
average price difference between the initial prices and the administered prices being
$967.56. Several market participants raised questions regarding the appropriateness of
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the administered prices on this day given the relative scarcity of supply under such
extreme demand conditions.

For these reasons, the MAU reviewed the day’ s events to better understand the forces
behind the eventual market outcomes. The following is a summary of the MAU’s
findings for the key delivery hours 17 to 22. The summary begins with a brief
description of the supply and demand conditions affecting the day’ s events. It then
provides areview of the different out-of-market control actions generally available to the
IMO to manage system reliability. Following this, a description of the key factors
affecting the market outcomesin each of delivery hour 17 through 22 is provided.
Particular attention is given to the discussion of the events that triggered the IMO’ s use of
different control actions and the impacts that these various control actions had on market
outcomes. Thereis also adiscussion of the reasons for the administrative pricing in
hours 19 through 22. The discussion of January 15 concludes with the Panel’s overall

assessment of the day’s events.

Summary of Key Factors Affecting Market Outcomes on January 15, 2004

Demand Factors: As mentioned above, Ontario demand reached an all-time winter peak
on this day of 24,937 MW in hour 19 as well as a new all-time peak daily energy demand
of 528,061 MWh. Other neighbouring markets also set all-time winter peaks on this day;
New Y ork reached 25,262 MW in hour 19, beating the old record by 600 MW, while
New England topped 22,450 MW in hour 18, beating their old record of 21,597 MW.
Quebec had also issued public appeals to reduce consumption.

Supply Factors: All available Ontario generation was on-line during the peak hours of
the day to supply the high demand levels. About 25,000 MW of Ontario generation was
offered during the peak hours (17 to 22). There were no unusual offersidentified (offer
prices were consistent with the offer prices of the previous 30 days). There were roughly
3,850 MW of supply in planned and forced outage: 3 nuclear units at 2,100 MW, and 4
coal-fired generation facilitiesat 1,750 MW. At approximately 1:00 p.m. (delivery
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hour 13), alarge generation facility began experiencing difficulties with its fuel handling
systems because of the extremely cold weather. The fuel problems aggravated over the
next few hours causing aloss of total available supply of roughly 2,300 MW per hour
across each of the peak hours. There were further fuel handling problems at another
facility but to alesser degree with reductions in available supply of about 250 MW. The
fuel problems at these facilities meant that the available supply from Ontario generation
was reduced to 22,500 MW during the key hours of the day (hours 17 to 22). Asaresult
of the high levels of demand and the fuel problems at the two generation facilities,
Ontario relied on imports to meet demand during the peak hours. As much as 4,500 MW
of imports were offered in each of the peak hours (17 to 22).

Market Procedure and Design Factors: Due to the problems at the above mentioned
generation facility’ s fuel handling systems, both the operator of the facility and the IMO
were uncertain of the amount of output that would be available from the facility at any
point in time. Asaresult, they managed the derate of the facility on an ongoing basis.
The uncertainty of the facility’s availability affected the scheduling of importsin pre-
dispatch. In particular, in some hours (17, 21, and 22), the derates on the units caused the
pre-dispatch to overstate the actual output available for real-time (the maximum hourly
differences were 927 MW in hour 17, 553 MW in hour 21 and 302 MW in hour 22). In
this case, the pre-dispatch scheduled fewer imports than would have been required for
economically efficient dispatch had the outage of the units been correctly identified. On
tight supply days, this can have reliability consequences — the failure to schedule
sufficient imports in pre-dispatch can lead to resource shortfallsin real-time. When
resource shortfalls occur, the use of out-of-market control actions are often necessary (see
below). Under-predicting the lost energy from a derate in pre-dispatch, al else held

constant, causes real-time prices to rise above pre-dispatch prices.

Another factor that caused reliability issues on this day was the amount of failed imports.
Failed imports have the same impact on the market as does the failure to correctly
account for a derate of unitsin pre-dispatch — the potential for resource shortfalsin real-
time and higher real-time prices than the projected pre-dispatch prices. Therewasa
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significant amount of failed imports on January 15 in hours 18 (933 MW), 19 (1,112
MW), 20 (1,712 MW), 21 (1,284 MW) and 22 (965 MW). The amount of import failures
was unusually high on this day, presumably in large part due to the unusually cold
weather that was affecting all marketsin the region. Several generatorsin the New Y ork
and New England markets were reported as being unable to access natural gas supply
causing relative shortages of generation in these markets. Aswell, there were several
transmission limitations and other security limitations in these regions that prevented

inflows to Ontario.

Review of Out-of-Market Control Actions Employed and their Market | mpact

During hours 17 through 22, the IMO employed severa out-of-market control actionsto
manage system reliability. In general, there are four types of out-of-market control
actions that the IMO can take and all four of these were utilized in thisperiod. The four

types of action are:

a) carrying non-market sources of operating reserve,
b) cancelling exports that wereinitially scheduled in pre-dispatch,
c) purchasing additional imports from available offers after the final pre-dispatch, and

d) purchasing emergency energy from neighbouring markets.

The following provides areview of these actions and a general explanation of the impact

that they can have on market outcomes.

a) Carrying non-market sources as operating reserve

Under the Market Rules, if the IMO identifies a shortage or potential shortage of reserve
in the real-time constrained sequence (i.e., it is unable to meet both the energy demand
and its reserve requirement with offers from market participants), it can use out-of market
sources of reserve to meet NERC and NPCC standards. At the same time, when it uses

these out-of-market sources, it can then lower the reserve requirement input into the
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market algorithms, (i.e., the amount of reserve to be purchased from market sources).
These out-of market sources of reserve include:
. the potential to reduce voltage (3% and 5% voltage reduction);
. reducing the 30-minute reserve requirement following a contingency, such as
generator outages, failed imports or heavier than expected demand, if the IMO
believesit can replenish this reserve within 4 hours;

« making an export recallable and holding the potential to cancel the export.

Manually reducing the reserve requirement and carrying non-market sources of reserve to
meet NERC and NPCC requirements has two potential impacts on market outcomes.
First, when the IMO identifies a (potential) shortage of market resourcesin the
constrained sequence to meet the NERC and NPCC requirements, it relies on out-of -
market reserves and reduces the requirement used in the DSO accordingly. This
reduction affects both the constrained and unconstrained (price setting) sequences and
generaly leads to alowering of price (al else held constant).”” Second, given that the
control action is never a precise measure of the actual shortages in the market, when the
actions are used, there are often resources in the province that are offered into the market
but are not utilized (i.e., not scheduled for reserves or for energy). These unused
resources may have alower social cost (reserve offer) than the potential social cost of
using one of the above control actions. If thiswere the case, it would represent a loss of
efficiency to society. While we are aware that there is some debate as to a variety of
methodol ogies to determine real resource cost (and thus the social cost) of out-of-market
control actions, we do not believe that this cost is zero. And by assuming it is, the

efficiency of dispatch is reduced and price signals become distorted.

In several previous reports, we have argued that out-of-market control actions should not
be regarded as ‘free’. They have resource implications and, ideally, should be priced and

%" |t is generally true that the amount of the manual reduction of the reserve requirement used in the DSO is
different and often larger than the IMO’ s foreseen shortage in the constrained sequence. Furthermore, the
shortage foreseen in the constrained sequence is almost always different (typically larger) than any

potential shortage that may or may not exist in the unconstrained sequence. Reducing the reserve
reguirement in the unconstrained sequence (whether there is a shortage or not) will always cause alowering
of the energy and reserve prices, all else held constant.
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‘purchased’ at the social opportunity cost. The IMO, in consultation with market
participants, has responded to these arguments by pricing atranche of out-of-market

operating reserves and this is a welcome step toward greater efficiency.

b) Cancelling exports that were initially scheduled in the final pre-dispatch

Following the final pre-dispatch run, if the IMO determines that there was a material
change to the availability of resources or an increase in demand such that, in its opinion,
the real-time schedules will not have sufficient resources available to maintain the
reliable operation of the Ontario grid, it can recall (cancel) exports that had been
scheduled in the final dispatch. When this occurs, the IMO essentially removes the
export from both the real -time constrained and unconstrained sequences. The export

receives/makes no payment.

The removal of the export from the unconstrained schedule, all else held constant, has the
effect of lowering the HOEP. Note however that if the amount of cancelled exportsis
equal to the amount of the sudden loss of supply (i.e., failed imports), the impact on
HOEP should be neutral. Traditionally, the IMO only cancels exportsif it isfelt that
thereis no available commercial option within the market to solve the shortage.

C) Purchasing additional imports from available offers after the final pre-dispatch

Following the final pre-dispatch run, if the IMO determines that there was a material
change to the availability of resources or an increase in demand such that, in its opinion,
the real-time schedules will not have sufficient resources available to maintain the
reliable operation of the Ontario grid, it can purchase any import that was offered into the
Ontario market but was not initially selected in the final pre-dispatch. Thisis subject to
the import being available. Theimport is added to both the real-time constrained and
unconstrained sequence. Theimport is eligible for an |OG payment.
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The addition of the import to the market schedule (all else held constant) has the effect of
lowering the HOEP.?® Note however that if the amount of additional imports purchased is
equal to the amount of the sudden loss of supply (i.e., failed imports), the impact on
HOEP should be neutral. The IOG payments in this case however will likely increase
since it would be the higher price imports that were reschedul ed.

d) Purchasing emergency energy from a neighbouring market

Asalast resort, when the control room is concerned that there are insufficient resources
available to maintain reliability, it can purchase emergency energy from a neighbouring
market. The energy is generally purchased on an hourly basis. The price of the

emergency energy isgenerally 1.5 times the clearing price in the market from which the

emergency energy is purchased.

When emergency energy is purchased, it impacts the market outcomes through market
demand. The amount of the emergency energy purchased is subtracted from the market
demand. The impact on the market outcomes is sudden and can be significant. The
effect, al else held constant, isto lower the market clearing price® It should be noted
that the IMO buys emergency energy to ensure that it can meet its obligations for energy
and operating reserve in the constrained schedule. However, the emergency purchaseis
linked to both the unconstrained and constrained schedules. With an unconstrained
schedule that is ‘ better off’ than a constrained schedule (i.e., has more available resources
to meet the requirements) this emergency purchase can lead to a sharp reduction in the

% Thisis because the import is placed at the bottom of the offer curve, at a zero price, since imports cannot
set the market clearing pricein real time. The import is compensated through an |OG payment.

# The following example illustrates how emergency energy can impact the market. The market demand in
one interval may be 24,000 MW and the market price may be $300.00. In the next interval, the actual
market demand may increase by 100 MW to 24,100 MW. Without emergency energy, the market would
not have sufficient resources to meet both the market demand and to satisfy the operating reserve
requirements. The market price would increase to as much as $2,000. Suppose instead however, that the
500 MW of emergency energy was purchased in the interval. The amount of the emergency energy
purchase would be subtracted from the market demand. The market would run assuming a market demand
of 23,600 MW (24,100 minus 500). The market price would now clear below the $300 of the previous
interval.
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price. This price can be below the incremental cost of either the generation needed to
supply the actual load or the actual price of the emergency energy purchased.

Specific Factors Affecting Market Outcomes in Delivery Hours 17 through 22

Table 2-15in Appendix B provides a summary of key variables for each of hours 17
through 22 on January 15. Table 2-15 is organized into three parts, (i) Material Change
in Supply, (ii) Out-of-Market Control Actions, and (iii) Prices. The quantity amounts
reported in this table represent the amounts reflected in the unconstrained sequence. The
unconstrained sequence is reported to emphasi s the impact on the market clearing prices

of the various control actions.

First, columns 2 through 5 present hourly data for the two factors that the IMO viewed as
causing amaterial change in supply on this day; the derate of the generation facility and
the failed imports. Columns 2 and 3 present the difference between the pre-dispatch
schedule of the generation facility and the actual (real-time) schedule of the facility
(column 2 is the three-hour ahead pre-dispatch while column 3 is the one-hour ahead pre-
dispatch). The three-hour ahead pre-dispatch isimportant because it isthe final signal
provided to all resources before the closing of the offer/bid window. If the three-hour
ahead pre-dispatch overstates the amount of available supply (i.e., because a derate is not
identified) then the eventual price signal sent to participants (particularly imports/exports)
will not provide an accurate signal of the need for supply in real-time. Column 4 presents
the amount of failed imports that occurred following the final pre-dispatch. Column 5

presents the total amount of supply lost -- the total amount of the material changein

supply.

Second, columns 6 through 10 provide the hourly amounts of control actions taken in
response to the material change in supply, with column 10 presenting the total amount (in

MW) of the control actions used in a given hour.
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Third, columns 11 through 14 provide the hourly average prices that were set for each
hour. Column 11 provides the three-hour ahead pre-dispatch price while column 12
details the one-hour ahead pre-dispatch price. Column 13 liststhe HOEP as it was
initially computed on the day. Column 14 provides the administrated price for each
applicable hour.

a Delivery hour 17

In delivery hour 17, the key factor influencing the need for out-of-market control actions
was the problems with the generation facility. As mentioned above, the facility operator
and hence the IMO, were having difficulty gauging the likely availability of the facility
for the coming hour. This difficulty was impacting the scheduling of resourcesin pre-
dispatch, particularly imports and exports. As column 2 illustrates, the three-hour ahead
pre-dispatch scheduled 2,051 MW from the generation facility that ultimately was
unavailable in real-time (column 2). With the facility's supply being fully scheduled, the
three-hour ahead pre-dispatch price failed to signal the eventual supply shortage; it was
projecting a price of $175 for delivery hour 17 (column 11). On this day, given the
relative supply shortagesin all the surrounding markets, this price would not have been as
attractive to importers (more attractive to exporters) as the prices in other markets; the

one-hour ahead New Y ork-Ontario zone price for example was $257.56 CDN.

When the final pre-dispatch was run, the pre-dispatch was still scheduling supply from
the facility that would not be available in real-time (773 MW). The magnitude of the loss
of supply became clear to the IMO just prior to the start of the delivery hour. The IMO
viewed the significant derate of the facility as a material change in supply requiring
control action. In particular, at thistime, the control action taken was to cancel 566 MW
of exports that had been scheduled in pre-dispatch.

As the hour began, the demand came in roughly 300 MW lighter than had been
forecasted. However, supply disruptions at another generation facility and performance
problems at a third facility were adding strain on supply. The IMO was projecting
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shortfalsinits ability to meet its 10-minute reserve requirements in the hour. It
responded by purchasing 125 MW of emergency energy to free up energy for reserve.
The IMO also responded by manually reducing its total reserve and 10-minute reserve
requirements at various points in the hour and, as a substitute, carrying out-of-market
sources of reserve. The hourly average amount of the out-of-market sources of reserve
carried was 603 MW (column 9).

Thetotal of the control actions taken in the hour exceeded both the initial material change
in supply aswell as the supply problems experienced at other generation facilities. The
energy clearing prices in the hour ranged from alow of $115.82 to a high of $153.84 with
the HOEP being $122.80. The HOEP was lower than the cost of the emergency energy
purchased as well as many of the imports purchased on the hour. In thisregard, the
HOEP was likely an understatement of the true incremental cost of meeting the energy
and reserve requirements in the hour.

b. Delivery Hour 18

Just prior to the start of delivery hour 18, the IMO determined that a significant number
of imports had failed to make checkout in one of the surrounding markets. The total
amount of these failed imports was 933 MW. Given the uncertainty around the supply at
the facility and the large number of failed imports, the IMO decided that there was a
material reduction in supply following the final pre-dispatch that necessitated control
actions to ensure global adequacy. Aswasthe casein hour 17, the IMO cancelled
exports (133 MW) that had been scheduled in pre-dispatch. It also purchased 400 MW of
imports that were still available after the final pre-dispatch was run. These imports were
initially uneconomic in the final pre-dispatch and hence were not initially schedul ed.
Since the final pre-dispatch price cleared at $500, these imports were offered at (and
ultimately paid) a price higher than $500. Other control actions taken in hour 18 were the

purchase of 600 MW of emergency energy from other markets.*

% The imports purchased after the final pre-dispatch were input into the constrained sequence but not in the
unconstrained sequence. Aswill be discussed further below, this input error was deemed not to have had a
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Asin the previous hour, in real-time, due to production difficulties at several generation
facilities, the IMO could not meet its 10-minute reserve requirement through market
based sources (offer and bid) alone. It relied on out-of-market sources to meet its NERC
and NPCC requirements. Delivery hour 18 offers agood illustration of how the IMO can
use out-of-market sources of reserve to meet its NERC and NPCC requirements. Tables
2-4 and 2-5 show the interval-by-interval details of how the IMO satisfied its reserve
requirements for this hour. Table 2-4 presents the reserve carried in the constrained
schedule. Thisisthe schedule that the control room uses to manage reliability. Table 2-5
provides the reserve carried in the unconstrained schedule. Thisis the schedule that

determines the market prices.

Table 2-4: Summary of Reserve Market for Hour 18 (Constrained Schedule)

Out-of-
NPCC DSO Reserve Sourced from the M arket Market NPCC Deficit
Standard Requirement Reserve

Gen/DL Gen/DL CAOR | CAOR | CAOR 5%

Interval | 10Min Total 10N Total 10Min 30R 10 Min 30R Energy 10N 30 Min 10N Total
(©) @ (©) (4) ©) (6) (1) (8) © | 19 | d) | (12) | (13) | (14)
1 920 1,380 920 1,380 | 776.1 60.9 1438 | 254.2 0 0 145 0 0
2 920 1,380 920 921 667.1 1.0 252.8 0 0 0 459 0 0
3 920 1,380 920 921 673.2 1.0 246.8 0 0 0 459 0 0
4 920 1,380 920 921 4229 100.1 398.0 0 0 99 360 0 0
5 920 1,380 700 701 317.5 1.0 382.5 0 14 154 459 67 67
6 920 1,380 700 701 284.5 52.5 364.1 0 34 152 408 120 120
7 920 1,380 620 621 389.3 0.9 230.7 0 0 300 459 0 0
8 920 1,380 620 621 588.2 09 317 0 0 300 459 0 0
9 920 1,380 620 621 575.7 09 44.2 0 0 300 459 0 0

10 920 1,380 620 621 619.8 0.9 0.0 0 0 300 459 0 0
11 920 1,380 920 921 783.7 0.9 136.3 0 0 0 459 0 0
12 920 1,380 920 921 215.9 193.7 380.0 0 20 150 266 174 174

Tables 2-4 and 2-5 present five categories of data. The first category (columns 2 and 3)
lists the amount of reserve required to be scheduled to meet NPCC standards. The

greater impact on the market price than would the administered prices and hence prices were not
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second category of data (columns 4 and 5) lists the reserve requirements that were input
into the DSO to schedule reserve from the market. The IMO must use non-market
sources of reserve to make up the difference between the NPCC standard and the
requirements used in the DSO. The third category of data (columns 6 to 9) represents the
amount of reserve purchased from the different market sources of reserve viathe DSO.
Included in this reserve are the 3% and 5% voltage reductions that have been priced and
placed into the market (CAOR).** Note that column 10 represents the amount of CAOR
that was scheduled as energy. When CAOR is scheduled as energy, the DSO is
indicating that voltage reductions are required to meet all requirements. Voltage
reductions were not actually implemented on this day however. The fourth category of
data (column 11 and 12) represents the non-market sources of reserve that had to be
carried by the IMO to meet its NPCC standard. Finaly, the last two columns represent
the amount by which the IMO fell short of meeting its NPCC standard through the sum of
market sources, 5% voltage reductions or by disregarding its 30-minute reserve.

administered.

31 CAOR stands for Control Action Operating Reserve that has been assigned a price and has been
incorporated into the market as areserve offer. Thisreserveis generally made up of the potential for 3%
and 5% voltage reductions. The CAOR was implemented in August, 2003. The implementation of CAOR
was aresult of recommendation made by the Panel in its first report to make the use of out-of-market
control action by the IMO more transparent to market participants. Putting a price on this reserve and
placing it into the market is one approach to achieving this transparency. The impacts of CAOR are
discussed more fully in Chapter 3 of this report.
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Table 2-5: Summary of Reserve Market for Hour 18 (Unconstrained Schedule)

Out-of-
NPCC DSO Reserve Sourced from the Market Market NPCC Deficit
Standard Requirement R
eserve
Gen/DL | Gen/D | CAOR | CAOR | CAOR 5%

Interval 10 Min Total 10N Total 10 Min L 30R 10 Min 30R Energy 10N 30 Min 10N Total
) 2 3) () 5) (6) (7) (8) ) (10) 11) | 12 | (13) | (14
1 920 1,380 920 921 920.0 1 0 0 0 0 459 0 0
2 920 1,380 920 921 920.0 1 0 0 0 0 459 0 0
3 920 1,380 920 921 700.2 1 0 0 0 220 459 0 0
4 920 1,380 920 701 700.1 1 0 0 0 220 459 0 0
5 920 1,380 700 701 700.1 1 0 0 0 300 459 0 0
6 920 1,380 700 621 620.1 1 0 0 0 300 459 0 0
7 920 1,380 620 621 620.1 1 0 0 0 300 459 0 0
8 920 1,380 620 621 620.1 1 0 0 0 300 459 0 0
9 920 1,380 620 621 920.0 1 0 0 0 0 459 0 0
10 920 1,380 620 921 920.1 1 0 0 0 0 459 0 0
11 920 1,380 920 921 920.0 1 0 0 0 0 459 0 0
12 920 1,380 920 921 712.5 1 207.5 0 0 0 459 0 0

There are several points to be gleaned from these tables. First, note that the simple
reduction of the DSO requirement does not reduce the strain on the grid caused by the
high energy demand and tight supply conditions. In this sense, lowering the requirement
has no impact on reliability. Put another way, lowering the reserve requirement does not
increase the amount of reserve availableto the IMO. It rather makes transparent the
reduced availability of market sources to be used in the event of an adverse contingency.
Indeed, in intervals where reserve requirements are not fully met, the IMO is at greater

risk that, in the event of a contingency, it will actually have to shed load.

Second, when the reserve requirements in the DSO are reduced below the NERC and
NPCC standards, implicitly the IMO must carry the difference through a non-market
source. The IMO strivesto lower the requirement by the amount of the expected
shortfall. The reduction in the requirement is generally blunt however and often means
that some market sources are left idle (i.e., not used for either energy or reserve). If

carrying these out-of-market sources of reserve has a higher social cost than the reserve
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offered in the market, then when the reserve requirement is lowered, the control roomis
essentially undermining the efficient dispatch as higher cost resources are used ahead of
lower cost resources. For example, ininterval 10, the out-of-market 5% voltage
reductions were carried instead of the CAOR, which is backed largely by 3% voltage
reductions. Other sources of reserve with offersin the market were also not selected in
thisinterval.

In the Panel’ s view the purpose of the OR market is to choose the lowest cost sources of
operating reserve in the short-term and to provide a price signal that attracts efficient
investment in OR in the longer term. |f 5% voltage reductions were the lowest cost
source of operating reserve, they would always be carried first in the merit order, the
price of operating reserve would be lower and so would the uplift. Given that the IMO
chooses to carry a 5% voltage reduction as operating reserve only under extreme
circumstances, it is reasonable to infer that it is arelatively high-cost source of operating
reserve. Itisthereforeinefficient and socialy costly to carry it in preference either to

resources that have been voluntarily bid into the market or to CAOR.

Third, as our first report noted, when the DSO reserve requirement is lowered, it is
lowered in both the constrained and unconstrained sequences (generally with a 10-minute
lag). However, the two sequences do not generally have the same degree of shortage,
since the shortages are typically larger in the constrained sequence. Asaresult, in many
intervals, the unconstrained sequence, and hence the market price, do not signal the true
shortage of resources that is present in the constrained sequence.* One consequence of
thisisthat actions that might be taken in response to higher price signals—to reduce
consumption or bring additional peaking capacity to market — are not taken and the
reliability situation is not improved.

%2 Since the unconstrained sequence is fictitious in that it does not recognize real transmission constraints
onthe grid and it includes the assumption that units can ramp at 12-times their actual capabilities, the
unconstrained sequence tends to understate the true cost of dispatch relative to the constrained sequence.
However, when the reserve requirement in the DSO is reduced it causes the unconstrained sequence to
further understate the incremental cost of dispatch as reflected in the constrained schedule.
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Intervals 5, 6 and 12 provide agood illustration of this. The IMO was short of reservein
intervals 5, 6 and 12. However, as Table 2-5 indicates, the market schedule did not see
the same degree of shortage. In fact, the DSO reserve requirement was lowered to alevel
so low that even the CAOR was not scheduled in interval 5 and 6 and was only scheduled
for about half of its allocated capacity ininterval 12. The market clearing pricein these
intervals was not likely signalling the true social cost of energy or operating reserves.

The energy prices were $140, $141 and $156 for intervals 5, 6 and 12, while the 10-

minute reserve price was only $10, $12 and $30.

The MAU conducted several simulations to estimate the price impacts of the different
control actions. The results of this simulation are presented in Table 2-6. The second
column of Table 2-6 reports the actual MCP produced in the hour. The third column
provides the prices simulated assuming that there were no failed importsin the market in

the hour and the IMO did not require the use of control actions.*

Table 2-6: Simulation of Effects of Control Actions Taken
on the Market Clearing Price
Delivery Hour 18, Prices per MWh

M CP with

MCP no Failed MCP with

Failed Importsand Failed
Interval Actual MCP Imports and Proper Imports but
no Control Coding of no Control
Actions Taken Imports/ Actions Taken
Exports

1 141.89 136.29 129.13 163.89
2 142.09 141.89 136.27 525.00
3 142.09 141.89 138.90 164.11
4 141.89 135.53 137.29 450.00
5 140.22 130.85 137.51 163.90
6 141.89 135.53 137.51 400.00
7 141.89 141.89 138.85 164.11
8 141.89 135.41 137.51 163.90

# |n particular, in this simulation the IMO did not purchase additional imports/cancel exports following the

final pre-dispatch, did not manually reduce the operating reserve requirement and did not purchase

emergency energy.
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M CP with
MCP no Failed MCP with
Failed Importsand Failed
Interval Actual MCP Imports and Proper Imports but
no Control Coding of no Control
Actions Taken Imports/ Actions Taken
Exports
9 142.09 141.89 129.19 550.00
10 142.09 141.89 129.19 600.00
11 142.29 141.89 130.83 164.11
12 156.62 159.55 142.29 2,000.00

The fourth column presents the simulated prices assuming that the IMO had properly
coded the additional imports and cancelled exportsin the unconstrained sequence. This
error was the cause of the administered pricesin hours 19 through 22. Asthe fourth
column indicates, had the IMO properly coded the imports/exports, there would have
been only a small impact on the market price. This small impact was deemed to be less
of an error than would administering the prices and hence, the prices were not
administered in hour 18.** Finally, the last column presents the simulated prices

assuming that following the failed imports, no control actions were taken.

The events of the day make it clear that the failed imports, along with the uncertainty as
to the available output from the large generation facility, represented the material 10ss of
supply that triggered the need for control actions. The simulations suggest that the
impact of the control actions essentially offset the price impact of the failed imports, and
without the control actions the price would have been substantially higher in many of the
intervals within the hour.

C. Delivery Hours 19 through 22
In delivery hours 19 through 22, the IMO continued to cancel exports and purchase

imports following the final pre-dispatch as a response to the material 1oss of supply

caused by failed imports and the derating of the generation facility. However, in doing so

¥ The price impacts in hours 19-22 were larger and hence administered pricing applied.
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the export transactions were removed from the constrained schedul e but were left
inadvertently in the unconstrained schedules. Similarly, the additional import
transactions were added to the constrained schedule but were inadvertently left out of the
unconstrained schedules. Collectively, these inadvertent errors in inputs caused the real-
time unconstrained sequence to be shorter supply than the real-time constrained sequence
by the sum of the export and import transactions (730 MW in hour 19, 1,360 MW in hour
20, 1,451 MW in hour 22 and 1,224 MW in hour 22).

As the hours progressed, many of the supply problems that had been experienced at the
generation facilities subsided. With the additional purchase of imports and the
cancellation of exports, the constrained sequence no longer indicated shortages of supply.
Asaresult, the IMO gradually reduced its use of other out-of-market control actions such
as emergency purchases or the carrying of out-of-market sources of reserve. However,
the unconstrained sequence, not recognizing the additional imports and the cancelled
exports, was (at least on appearance) in short supply. The DSO ran under these apparent
shortage conditions and the clearing prices reflected this shortage: the energy clearing

price reached $2,000 (the maximum market clearing price) in 13 intervals.

Reasons for Administered Prices

Due to the data input error described above, the IMO administered the prices for the
period beginning with interval 11 of hour 19 and ending with interval 10 of hour 22 (a
period of 36 intervals).

Under the Market Rules, the IMO can administer prices when:

(i) it determines that a published energy market price or operating reserve market
priceisincorrect due to incorrect inputs which affected the outcome of the
dispatch algorithm, and

(i)  theimpact satisfied the criteria approved by the IMO Board relating to price error
materiality and acceptable causal events. (Market Rules, Chapter 7, Section 8.4.2
and 8.4.3).
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The IMO determined that the input error was an acceptable causal event in the 36
intervals listed above and hence administered the prices.

The Market Rules specify how the administered price isto be selected (Market Rules,
Chapter 7, Section 8.4.4). If it is determined that a dispatch interval was incorrect as
discussed above, the market price and corresponding market schedule shall be the market
price and corresponding market schedules for the last correct dispatch interval.

Furthermore, if the error persists for more than 24 consecutive dispatch intervals, the
IMO will choose adispatch hour (interval) with dispatch conditions similar to those of
the dispatch interval to which the administered price applies. The administered price
shall be the market price that prevailed in the corresponding hour on the similar day.

On January 15, the IMO followed these procedures for determining the administered
price for the 36 intervals. For thefirst 24 intervals (hour 19 interval 11 to hour 21
interval 10, the administered price was $142.55 which was the price in interval 10 of hour
19). For the remaining 12 intervals, the price was set using the HOEP for the comparable
hours of January 13, 2004. The administered prices were $92.65 for the last two intervals
in hour 21 and $87.22 for hour 22.

Note, as discussed above there were input errors in hour 18 and for intervals 1 through 10
of hour 19. However, the IMO did not administer these prices since it concluded that the
input errors in these intervals did not cause a change in market prices that was greater

than would have been caused by administering the prices.

The Panel's Overall Assessment

The events of January 15 highlight several concerns regarding the impact that control

actions can have on market outcomes, market signals and market efficiency.
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In particular, it is unclear to us why the IMO needs to reduce the reserve requirement in
the DSO when a shortage of reserve occurs in the constrained sequence in real-time. As
far as we can tell, reducing the requirement in the DSO does not improve system
adeguacy since it does not increase the resources available to the system. We have
argued consistently that out-of-market actions blunt the price signals that are necessary to
provide consumers and potential suppliers with valuable information about the scarcity
value of the resource. The IMO practice of pricing some of the out-of-market actionsis a
welcome response but the events of January 15 quite clearly show that energy prices on
that day failed to reflect the very serious supply/demand pressure that the energy market

was facing.

Since the manual reduction in reserve requirements is not necessary for system reliability
and results only in the lowering of the market prices, we are concerned that thisaction is
distorting market signals and market efficiency and ultimately in away that could
undermine reliability.* We are not sure what the ‘true’ scarcity priceis at these moments
in time,* perhaps society is not willing to pay too high a price to maintain operating
reserve. However, if the market priceis ‘too’ low —or if peaks are cut off -- because of
the manual reduction in the reserve requirement then the price is not sending appropriate
short-term signal s to generation of the need for operating reserve (i.e., to imports that
may themselves provide reserve or provide energy in upcoming hours that will allow
Ontario resources to be freed up for reserve, or to Ontario generators that are off-line).
Reserve prices that are too low will also understate the market value to future entrants
and undermine efficient investment. In particular, loads that may view it profitable to be
dispatchable if they could earn higher reserve prices may not become dispatchable even

though the market currently has a general shortage of reserve.

% Manually reducing the reserve requirement in the constrained schedule also affects shadow prices. This
can sometimes undermine reliability when there are fossil units running at minimum levels that are ramping
up to reach optimal levelsto provide reserve. The shortage in the constrained sequence may result
precisely because of the ramping limitations on these units. |f the IMO then lowers the reserve
reguirement, the effect will be to depress the shadow prices, potentially to the point where units stop
ramping. Thisfurther aggravates or perpetuates the reserve shortage as no additional reserveis created
from these units.

% One might suggest that the best approximation of a‘true’ scarcity price is the Maximum Market Clearing
Price, which has been determined by the IMO Board to be $2,000/MWh.
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It seems to usthat a good part of the difficulty arises because of the joint optimization of
the operating reserve and energy markets and the constraints in the DSO that require any
manual reduction in operating reserve requirements in the constrained schedule to also be
made to the unconstrained schedule. The essence of the difficulty isthat out-of-market
sources of reserves are acceptable ways of meeting industry-mandated reserve
requirements, but when they are implemented manually they have a zero-cost and affect
both the constrained schedule (where there is a shortage) and the unconstrained schedule
(where there may not be a shortage and they have perverse price effects). Imputing a
price to out-of-market control actions appearsto us to offer away to resolve this dilemma
because it will allow the DSO to automatically select ‘least costly’ sources of operating
reserve (including appropriately priced out-of-market actions) as required in the
constrained schedule without necessarily making the same selection in the unconstrained
schedule. The IMO has made significant progress in implementing a pricing regime for
out-of-market reserves over the past year and we report on thisin Chapter 3. We believe

that more can and should be done.

An additional source of concern to the Panel is the way in which emergency imports are
introduced into the DSO. It seemslogical to usthat if the supply/demand balanceis
sufficiently tight to require emergency imports the energy price ought to reflect that
circumstance. One would think that an appropriate outcome would be for the price of the
emergency imports to set the MCP in the interval, so that consumers and potential
providers of peaking energy understand what the true scarcity cost of the resourceis. Not
only do emergency imports not set the price, but the way in which they are introduced
into the DSO actually resultsin alower price than would be obtained had there been no
need for emergency imports. This seemsto us to be counter-intuitive and counter-
productive and we believe that the IMO should take action to incorporate emergency

imports into the pricing algorithm in a more appropriate manner.
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3.2 Procedure for Managing Outages of Commissioning Units

The MAU’ s monitoring of the market in February identified three hours on February 4,
2004 in which confusion from both a market participant and the IMO regarding the
implementation of a new procedure for managing outages of commissioning units
affected market outcomes. The event eventually caused the MCP in one interval to

increase to $600.

New Procedure for Managing Outages of Commissioning Units

Just prior to February 4, 2004, the IMO revised its procedures for dealing with outages
and derates of commissioning units. These are units that are returning from a prolonged
outage and choose to re-enter the market by first operating as a self-scheduling unit in

order to test the unit’s capabilities.

Prior to the procedure change, outages and derates of commissioning units were managed
in the same way that outages of dispatchable units were managed. First, the owner of the
unit would submit an outage slip to the IMO for approval. The IMO would then approve
or not approve the outage. If the outage was approved, the IMO would transfer the
outage information (i.e., derate the capacity of the unit) to the DSO. The DSO would
then recognize the unit’s new capability in determining the future schedules of the unit.
The owner of the unit may or may not then remove or update the offers of the unit to
reflect the outage condition. The owner’s decision to remove or update its offer was not
crucial however, since the IMO’ stransfer of the outage information to the DSO alone

would be sufficient to assure proper scheduling of the unit.

In applying this procedure to commissioning units, the IMO experienced several
problems. In particular, commissioning units are frequently derated or forced out while
testing. It iscommon for the status of a commissioning unit to change several times over
aperiod of afew hours. The IMO found that because of the frequency of these changes,

the outage approval process outlined above was difficult to manage and at times
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increased the risk that input errors could occur. It also found that the detailsinvolved in
the submission process could compromise the timeliness of the changes.

As aresult of these concerns, the IMO revised the outage submission process for these
units. The new procedure places the onus on the market participant to manage the
outage/derate status of their units through their offers. This new approach should reduce
the workload for the IMO and improve the timeliness of incorporating the status changes
into the DSO.

Events of Wednesday, February 4, 2004

During the early part of February, a nuclear unit (“Unit B”) was commissioning,
operating as a self-scheduling generator. On Tuesday, February 3, the operator of Unit B
submitted standing offers for the unit for supply in all hours of Wednesday February 4.
In each hour of February 4, the operator of Unit B offered 680 MW of energy at aprice
of -$40.

At roughly 8:45 on the morning of February 4, the operator of Unit B reported that the
unit had a heat transport leak. The operator informed the IMO that it would force the unit
out of service at 14:00 (the start of delivery hour 15) and that the unit would be out of
service for 5to 6 days. The operator submitted an outage dlip for IMO approval as per
the old procedure. The operator did not remove its standing offers for delivery hour 15
and beyond. Shortly after the call, IMO staff approved the outage as per the old
procedure. The outage was transferred to the DSO.

For the next severa hours (delivery hour 10 to 13), Unit B was scheduled in each of the
respective fina pre-dispatch runsfor 680 MW. The unit also ran steadily in real-time at

roughly the same level of output.

At approximately 13:20 (40 minutes prior to its planned/forced outage), Unit B began
experiencing boiler troubles. Asaresult, the unit ran at roughly 100 MW below its
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offered quantity for the next few intervals. Then, inthefina 2 intervals of the hour, the

unit ramped down as per its planned/forced outage.

In the meantime, at roughly 13:09, the final pre-dispatch for hour 15 was run. The outage
that was approved at 9:00 was still reflected in the DSO. Asaresult, Unit B was not
scheduled in pre-dispatch for hour 15. By 14:00 (start of delivery hour 15), the breaker
of Unit B was open and the unit was officialy off-line and unavailable for real-time
energy production for the next 5to 6 days. Unit B did not produce energy in delivery
hour 15 as projected in the fina pre-dispatch.

Sometime between 13:09 and 14.09, staff in the IMO’s Market Forecasts and Integration
department identified the Unit B outage in the outage data base tools as it was initially
approved at 9:00 that morning. Staff was aware of the new procedure change that
required the market participant to manage the outage through the unit’s offer. In
accordance with the new procedure, the staff effectively reversed the initial decision to
approve the outage. The outage information was automatically removed from the DSO.
The staff member did not however inform the control room of its decision to remove the
outage from the outage database tools. At the same time, the operator of Unit B had not
updated or removed its offersto reflect the outage. Asaresult, the unit appeared to be
available in the DSO for scheduling. Had the staff informed the control room, the control
room could have either contacted the operator of Unit B to request that they update their
offers as per the new procedure or manually rejected Unit B’s offers. Either of these
actions would have prevented the eventual problem.

At 14.09, the final pre-dispatch for delivery hour 16 was run. At this time, because the
IMO staff had removed the outage information from the DSO and the operator of Unit B
had failed to remove its offer, the unit was scheduled for the delivery of 680 MW of
energy in the upcoming hour. Similarly, at 15:09 and 16:09, the final pre-dispatch for
delivery hours 17 and 18 respectively was run and Unit B was scheduled for 680 MW in
each of these pre-dispatches.
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Sometime around 16:55, the IMO recognized that Unit B was being scheduled in pre-
dispatch. Staff manually rejected the Unit B offers for subsequent hours. Thefinal pre-
dispatch for delivery hour 19 wasrun. Asaresult of the IMO’s manual rejection of the
Unit B offer, the unit was not scheduled in this or subsequent pre-dispatches.

Impact of the Events on the Market Outcomes

All else held constant, incorrectly identifying a unit as available for supply in pre-
dispatch when it is not available for supply in real-time, places upward pressure on the
real-time price (real-time price should be higher than the pre-dispatch price). In times of
tight supply, this error can also cause reliability concernsif as aresult, too few imports
are selected to meet the real-time demand.

On February 4, the impact of the pre-dispatch scheduling error of Unit B in delivery
hours 16 to 18 on both the real-time price and reliability was generally mitigated by other
factors. For example, the load projected in pre-dispatch was significantly higher than the
actual load realized in real-time in each of these hours. This discrepancy meant that some
imports that were scheduled in order to meet the higher pre-dispatch load that did not
materialize, could instead be available in real-time to offset the 680 MW of Unit B that
was expected in pre-dispatch but unavailable in real-time. A second factor that offset the
Unit B scheduling error was an unexpected removal of a derate on four generation
facilities that were owned by another operator. Thisincreased the amount of supply
available in real-time by 220 MW. However, thisincrease in supply was not recognized
in the hour 16 and 17 pre-dispatch. Asaresult, the increase in 220 MW of supply in real-
time in these hours offset some of the 680 MW of Unit B that was unavailablein real-
time. Additional factors affecting the market outcome were failed net imports, although

these played only alimited role.
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Table 2-7: Key Data for Delivery Hours 16 —18 on February 4, 2004

Supply Output from
Unavailable Pre- Units
. in Real-time | dispatch Average Peak Average Pre- Failed Returning
Delivery | gueto Unit L oad Real-time | Real-time Forecast dispatch Net From
Hour B Outage Forecast L oad L oad Difference Price HOEP Imports Derates
(MWh) (MWh) | (Mwh) | (Mwh) (MWh) FMWh) | $MWh) | (MWh) (MWh)
16 680 21,367 | 20,697 | 20,832 670 81.2 55.75 15 220
17 680 22,161 | 21,026 | 21,361 1,135 93.3 41.79 0 220
18 680 22,952 | 22,115 | 22,721 837 100.0 138.20 27 N/A

Table 2-7 provides a summary of how these factors mitigated the impacts of the pre-

dispatch scheduling error of Unit B. In delivery hour 16, the difference between the

projected peak load in pre-dispatch and the real-time average load was 670 MW. In the

first 6 intervals, the difference between projected and real-time load was greater than the

680 MW of Unit B. Intheseintervals, the MCP was lower than the pre-dispatch price

and well within typical levelsfor this period. By interval 7, the difference between

projected and real-time load had fallen below the 680 MW level. Thistypicaly should

cause the real-time price to increase above the pre-dispatch price. However, by interval

7, 220 MW of derates had been removed on four units and this increased supply plus the
load forecast error was still sufficient to offset the 680 MW unavailable from Unit B.

The MCP for the remaining interval s began to approach the pre-dispatch price of $81.20

but still remained roughly $10 lower. As Table 2-7 indicates the HOEP was lower than

the pre-dispatch price for this hour.

In delivery hour 17, the difference between the projected and the real-time load was

significant, averaging 1,135 MW. Thisdifference always exceeded 680 MW. At the
same time, the real-time supply from the four generation facilities was higher than the
pre-dispatch supply by 220 MW. Both of these factors more than offset the loss of 680

MW of expected supply from Unit B, causing the real-time prices to be considerably

lower than the pre-dispatch price of $93.30.

By hour 18, the 220 MW of derated supply of the four units had now been recognized as

available and was scheduled in pre-dispatch. The difference between projected and real -
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time load was still significant in this hour — it exceeded the 680 MW level in intervals 1
through 7. Inthese intervals, the MCP was lower than the pre-dispatch price of $100.
However, by interval 8, the load forecast difference was 580 MW. This meant that the
over-projection of load was no longer sufficient to mitigate the 680 MW Unit B error.
This coupled with 27 MW of failed imports meant that the real-time supply/demand

bal ance was tighter than projected in pre-dispatch. The MCP in thisinterval increased to
$119. Thiswas $19 above the pre-dispatch price. Real-time demand continued to
increase in the next few intervals, as did the MCP; it was $124 ininterval 10. By interval
11, the real-time demand reached its peak value for the hour. The real-time demand was
still 189 MW higher than what was projected in the final pre-dispatch. However, given
the 680 MW discrepancy in supply from Unit B, the real-time supply/demand balance
became extremely tight causing the price to spike to $600. By thistime, the IMO
lowered the operating reserve requirement to 1,200 MW of total reserve. Ininterval 12,
real-time demand declined by roughly 90 MW. This coupled with the lower OR
requirement caused the M CP to decline from $600 to $125.

L essons L earned

Both the relevant IMO staff and the market participant are aware of the implementation
requirement of the new procedure. If the new procedure is applied properly in the next
instance, the outage status of commissioning units should be properly accounted for in
pre-dispatch. Going forward the IMO and market participants may wish to consider
discussing in the appropriate consultative forum ways to ensure that new provisions and

procedures are effectively communicated to all involved.

3.3 AlLarge Accumulation of IOG Payments in Delivery Hours 22 through 24

In its March 2004 report to the Panel, the MAU indicated that there were persistent
Import Offer Guarantee (10G) payments being made to importersin delivery hours 22
through 24. The IOG provides importers with a guarantee that if selected in the final pre-

dispatch, the price that they will receive for their import is no less than their offer price.
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The IMO implemented the |OG just prior to market opening. The intent behind
implementing the |OG was to reduce importers' trading risk to encourage imports to

Ontario during periods of tight supply or supply shortagesin Ontario.

The MAU had been monitoring the persistent IOG payments in these three hours for
sometime. They linked the regular payment of IOG’s in these hours to the persistent
difference between the demand projection used in the final pre-dispatch and the actual
average (and peak) demand that occurred in real-time. In particular, the pre-dispatch
demand is persistently and substantially higher than the real-time average and the real-
time peak demand in these hours. This persistent and substantial difference causes the
pre-dispatch to schedule more imports than would otherwise be required in real-time. It
also causes the real-time price to be lower than the pre-dispatch price and the offer price
of avery large proportion of the imports that were selected in pre-dispatch. Asaresult,
|OG payments are made to the importers.

The MAU report to the Panel raised three concerns.

First, it questioned why the pre-dispatch demand was persistently higher than the actual
demand in these hours. The tendency of pre-dispatch forecasts of demand and price to
over-estimate real -time outcomes has been a characteristic of the Ontario market since its
inception and we have commented on it in all of our reports to date. What is significant

is the extent to which the over-estimates in hours 22-24 stand out.

Second, the MAU report to the Panel noted that persistent (and predictable) differences
between pre-dispatch and real-time could be resulting in offsetting flows of imports and
exports; imports sold into Ontario just to be exported out of Ontario. These transactions
would be driven by the difference between the pre-dispatch price and the real-time price
but supported by the IOG payment. Importers are attracted to the Ontario market by the
relatively high pre-dispatch price and the guarantee provided by the IOG. At the same
time, exporters (who pay the real-time Ontario price) are attracted by the relatively low
real-time price. In this sense, the persistent and substantial differences between pre-
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dispatch and real-time create an artificial arbitrage opportunity for offsetting imports and
exports. These transactions do not improve market efficiency but they do result in

payments from Ontario consumers to traders.

Third, the MAU questioned whether the 10G was performing itsintended role in these
three hours. Specifically, the |OG was implemented to ensure imports would be available
at times when Ontario supply wastight. However, hours 22 through 24 are not

traditionally hours where Ontario istight supply.

In response to this report, we asked the MAU to begin discussions with the IMO to seek
to ensure that our understanding of the situation was appropriate and to explore ways to
remedy it. The following sections provide greater elaboration of these points and report

on the ongoing efforts to address the underlying problem.

Significant Accumulation of 10G Payments

Table 2-8 presents the |OG payments made to importers by year and by hour since
market opening.*” Overall, one can see the large decrease in 10G paymentsin the 12
months of 2003 compared with the 8 months during which the market functioned in 2002.
This reflects the more favourable supply/demand conditions in 2003. 1OG paymentsin
2004 appear to berising again, with the total for the first four months amounting to
almost half the total for all of 2003.

Table 2-8 also presents comparative data on 10G payments, and the percentage of
imports receiving such payments, in agiven hour. 1f we consider hour 24, for example,
for the period May 1, 2002 to December 2002, atotal of $1,016,495.01 was paid to
importersasan 10G. For the period, January 1, 2004 to April 30, 2004, atotal of
$1,530,866.92 was paid to importers as an |0G. The |OG payments for the 2004 period
are ahalf amillion dollars higher than for the 2002 period even though the 2004 period
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covers four fewer months than 2002.% Also, in 2002, only 17% of the imports scheduled
in delivery hour 24 received an |OG payment. By 2004, the percentage of imports that
received an |OG payment in hour 24 increased to 56.5%.

3" These are |OG payments net of payments made to imports that were part of an implied wheel. Imports
that are part of an implied wheel where the importing market participant also has a corresponding export
out of Ontario are not eligible for an 10G payment.

% Furthermore, for the 2004 period, the supply demand balance was much improved compared to the 2002.
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Table 2-8: Measures of Difference between Pre-dispatch and Real-time Demand

10G Payments Net of Implied Wheeling

Per centage of | mports Receiving

10G (%)
*

Hour | Zg?é o a er?]%i . a ;q%pr) 2002 2003 2004
1 $270,502.94 | $1,16800581 |  $631,928.66 7 85 332
2 $186,142.06 |  $686459.79 |  $486,100.69 6 75 303
3 $40.865.66 |  $424,799.43 |  $348,857.44 3 5.2 24.9
4 $57,024.06 |  $246,652.58 |  $228,014.20 3 46 187
5 $110,411.17 |  $38079471 |  $268,861.40 5 6.1 223
6 $231,882.04 |  $902528.82 |  $452,398.16 8 8.8 279
7 $257,000.02 | $1,01000454 |  $526,852.44 7 107 2.1
8 $383262.33 |  $72532806 |  $283,238.44 9 116 227
9 $609,742.16 | $1,247,642.48 |  $267,100.18 13 145 20.0
10 $2,732,546.97 | $1544,71151 |  $522,986.84 16 14.3 26.4
1 $5,650,21853 | $1,849,997.19 |  $623,090.66 19 17.1 338
12 $8,557,257.41 | $2,624,331.46 |  $728566.17 19 17.3 335
13 | $1241677363 | $2,41528606 |  $769,60043 | 23 16.8 389
14 | $1788807653 | $2170,80940 |  $636537.68| 25 165 352
15 | $2283320171| $2463467.00|  $94339334| 27 185 415
16 | $26535052.66 | $4,466453.80 | $1,167,72875| 30 221 476
17 $34,841,265.02 | $4,068359.06 | $2,366,335.49 | 31 245 56.9
18 | $30,202,837.28 | $4,202,206.83 | $2,39242950| 29 228 483
19 | $2749949326 | $3914,74250 | $2231,49424| 27 215 403
20 | $17,77532445 | $2228819.27 | $1,812,08633| 22 180 37.8
21 $6,808222.02 | $2,180,20525 | $1,80121485| 23 194 430
22 $5,386,00L.50 | $2937,16152 | $2,121560.84| 26 27.9 49.0
23 $300560240 | $4164,37328 | $1,951400.83| 27 265 60.1
24 $1,016495.01 | $3425692.75 | $1,530,866.92 17 19.7 56.5

Total | $226,386,000.82 | $51,457,923.19 | $25,002,653.49 | 100% 100% 100%

* Excludes data for August 2003 due to blackout.

While the cumulative |OG payments made in hours 22 through 24 are not large relative to

other hours such as hours 17, 18 and 19 - their sizeis still surprising given that hours 22

through 24 are not typically hours where alarge number of imports are required to deal

with tight supply conditions. It isalso surprising that such alarge percentage of imports
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scheduled in these hours are paid an |OG. For the year 2004, these three hours are among
the highest four hoursin this respect with hour 23 being the first highest, hour 24 the
third highest and hour 22 the fourth highest.

Source of the |OG Payments

Aswe described in our first report, for |OG payments to occur, it is necessary that there
be a positive difference between the pre-dispatch price and the real-time HOEP. To
understand why there were arelatively large amount of 10G payments being madein
hours 22 through 24, the MAU sought to determine the source of the positive difference
between the pre-dispatch and real-time prices in these hours. Table 2-9 provides some

indication of the differences and the source of the differences.

Table 2-9: Measures of Difference between Pre-dispatch and Real-time Demand and
Price by Delivery Hour
Since Market Opening*

Mean Forecast Difference: Mean Forecast Difference: M ean Forecast Difference:
Pre-dispatch minus Average | Pre-dispatch minus Peak Pre-dispatch Price minus
Demand divided by the Demand divided by the HOEP divided by the
Average Demand (%) Peak Demand (%) HOEP (%)

Hour 2002 2003 2004 2002 2003 2004 2002 2003 2004
1 2.64 242 2.82 0.76 0.65 0.97 21.66 25.44 30.58
2 2.37 2.16 2.76 1.06 0.93 157 13.73 24.09 35.14
3 153 1.27 193 0.57 0.39 113 7.59 13.38 22.77
4 1.30 1.20 1.62 0.48 0.37 1.00 1.77 9.88 17.85
5 2.63 248 2.27 0.86 0.85 1.16 13.39 21.56 23.69
6 4.16 4,01 3.64 0.77 0.93 114 26.44 39.01 38.00
7 3.61 3.68 3.95 0.06 0.24 0.65 20.38 4181 42.78
8 2.66 2.35 2.37 0.35 0.26 0.19 12.79 30.90 23.07
9 2.24 1.74 1.58 0.58 0.38 0.58 18.34 32.35 19.15
10 1.58 1.40 147 0.45 0.51 0.72 23.18 33.03 30.91
11 142 115 111 0.67 0.50 0.56 40.13 30.63 28.50
12 1.38 0.86 0.91 0.67 0.24 0.30 37.65 34.09 22.62
13 117 0.73 1.04 0.55 0.08 0.39 43.93 25.97 24.79
14 125 0.78 111 0.63 0.12 041 55.78 25.16 20.24
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M ean Forecast Difference: M ean Forecast Difference: M ean Forecast Difference:
Pre-dispatch minus Average | Pre-dispatch minus Peak Pre-dispatch Price minus
Demand divided by the Demand divided by the HOEP divided by the
Average Demand (%) Peak Demand (%) HOEP (%)

Hour 2002 2003 2004 2002 2003 2004 2002 2003 2004
15 152 101 1.19 0.89 0.35 0.57 58.15 32.04 25.80
16 1.86 147 183 0.98 0.56 0.87 68.67 46.73 35.38
17 231 1.99 241 0.90 0.45 0.75 91.20 45.46 48.21
18 2.06 184 2.09 0.92 0.50 0.44 89.60 47.58 45.22
19 1.87 171 1.85 0.84 0.57 0.64 81.01 43.18 36.89
20 1.64 141 1.67 0.54 0.37 0.78 61.02 28.65 30.55
21 176 159 2.20 0.32 0.19 0.70 32.74 31.46 38.49
22 3.27 2.96 5.72 0.40 031 0.71 40.05 54.70 55.44
23 4.86 4.27 3.96 154 1.02 1.04 59.42 71.79 71.62
24 4.83 4.47 4.60 2.06 1.75 1.80 43.64 57.06 66.88

* Datafor 2002 cover the period May-December; data for 2003 exclude datafor August 2003 due to the
blackout; and data for 2004 cover the period January-April.

Table 2-9 reports the measures of difference between pre-dispatch forecasts and real-time
outcomes for price and demand by delivery hour since market opening.* Thisisan
hourly version of the data presented in Table A-24 and A-31 of the Statistical Appendix.
As indicated, the percentage difference in terms of the real-time averageislargest in
hours 22 through 24 and generally by a considerable margin. At the same time, the
percentage difference in terms of peak demand also tends to be higher in these hours,
athough it is also relatively high in the morning hours aswell. Not surprisingly, the pre-
dispatch to real-time price difference as a percentage of the real-time HOEP is also
largest in hours 22 through 24.

Table 2-10 provides further indication of the persistent difference between the pre-
dispatch forecasts and real-time outcomes in the hours of 22 through 24. Table 2-10
charts the frequency with which the pre-dispatch prices and demand exceed the real-time
price and demand by delivery hour since market opening. Asindicated, in over 97% of
the hours, the pre-dispatch demand val ue exceeds the real-time average demand in hours

¥ All demand values reported are the non-dispatchable load plus |osses component of demand, calcul ated
as the sum of the unconstrained schedules of all generation plus net imports minus dispatchable load.
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23 and 24. The frequency for the pre-dispatch to ‘ over-forecast’ real-time peak demand
isaso considerably high in these hours - 79% and 87% of the hours for delivery hour 23
and 24 respectively). Thisisconsiderably higher than it is during hours 7 and 8 when the

frequency of an ‘over-forecast’ of the hourly peak is only 53% to 55%.

Table 2-10: Frequency of Over-Forecast, Hourly Price and Demand
Since Market Opening*

Delivery Percentage Ti me_Over - | Percentage Time Over - Per;:gg;g: ;ivn;rea(;;/er i
Hour forecast of Price forecast Peak Demand Demand
1 86.0 66.8 92.2
2 84.7 73.5 91.2
3 77.8 63.1 83.0
4 77.3 64.6 824
5 86.9 72.5 91.7
6 93.7 72.0 97.2
7 91.5 55.5 96.6
8 83.8 53.3 93.0
9 79.0 62.2 88.7
10 75.9 65.2 854
11 74.5 66.3 818
12 69.3 62.7 79.2
13 68.9 57.1 76.6
14 69.4 60.3 76.4
15 74.0 64.7 80.7
16 80.0 69.0 86.7
17 80.9 65.6 86.8
18 85.6 67.6 88.9
19 82.2 69.3 88.3
20 79.3 63.4 86.1
21 80.7 57.8 86.4
22 93.5 62.5 97.8
23 97.2 79.2 99.4
24 97.3 87.3 99.4

* Excludes data for August 2003 due to blackout.
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The key source of the persistent difference between the pre-dispatch price and real-time

HOEP in hours 22 through 24, and hence the key factor contributing to the accumul ation
of 10G payments in these hours, is the persistent and positive difference between the pre-
dispatch demand value and the real-time demand values. There appear to be two reasons

for this persistent difference.

First, the demand value used in pre-dispatch is the expected peak demand value for the
delivery hour. The IMO uses the expected peak demand value for the hour in order to
ensure that sufficient resources are scheduled or on-line to meet the hourly peak demand.
However, the use of the peak demand value in pre-dispatch will cause a general positive
bias between the pre-dispatch price and the HOEP. Even if the pre-dispatch demand
value actually equals the real-time value in some interval in the hour, it will exceed the
demand valuein all other intervals. This suggests that there will always be aforecast bias
when the pre-dispatch demand is compared to the real-time average demand. It also
suggests that since the real-time HOEP is more reflective of the average real-time
demand, there will generally be a positive bias between the pre-dispatch price and the
HOEP. In some hours, where demand changes are relatively small across the hour, this
biaswill be small. However, in other hours where there is a large difference between the
peak demand value and the minimum demand value, the bias will be quite large. Thisis
the case for delivery hours 22 through 24. The hourly change in demand is presented in
Table 2-11.
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Table 2-11: Difference Between Hourly Peak and Hourly Minimum Demand
Since Market Opening

Difference Between Hourly Peak and
Minimum Demand (MW)

Per centage Differ ence Between Hourly
Peak and Minimum Demand (%)

Hour 2002 2003* 2004 2002 2003* 2004
1 538 566 549 3.6 3.8 34
2 373 360 347 2.6 25 22
3 269 257 243 19 18 16
4 228 232 213 16 17 14
5 454 422 378 31 29 25
6 948 857 775 6.0 55 4.7
7 1,253 1,179 1,142 7.3 7.0 6.4
8 869 834 892 4.9 4.7 4.8
9 609 554 375 33 31 21
10 442 359 292 2.3 20 16
11 303 283 225 16 15 12
12 270 295 257 14 16 14
13 241 300 255 13 16 14
14 246 252 268 13 14 14
15 245 296 246 13 16 13
16 327 431 317 17 22 17
17 530 539 559 2.7 28 2.8
18 481 598 663 24 31 3.2
19 399 425 474 20 22 24
20 414 399 414 2.2 21 21
21 599 584 772 3.2 31 3.8
22 1,083 1,058 1,066 59 59 55
23 1,132 1,139 1,001 6.6 6.7 6.0
24 840 898 890 52 56 52

* Excludes data for August 2003 due to blackout.

AsTable 2-11 indicates, delivery hour 22 through 24 are the hours with the second to

fourth highest difference between peak and minimum hourly demand. The hour with the

largest difference between peak and minimum demand is delivery hour 7. Thisisthe

morning hour were demand increases rapidly. Hours 22 through 24 are the hours were

demand declines most rapidly. The large difference between the hourly peak and
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minimum demand in these hours contributes to the general positive bias between pre-
dispatch prices and real-time prices.

A second source of the persistent difference between pre-dispatch and real-time in hours
22 through 24 is the persistent and positive difference between the demand value used in
pre-dispatch and the actual peak demand value realised in real-time. For example as
Table 2-10 above indicates, roughly 80% of the time the pre-dispatch demand value is
higher than the real-time peak demand value in hours 23 and 24, the highest percentage
of al hours. The differenceis positive 62.5% of timein delivery hour 22.

The MAU and IMO have examined this persistent discrepancy and believe that it may
relate to the manner in which the IMO projects the peak demand value for the hour. In
particular, the IMO forecasts the average demand value in each hour. However, because
the pre-dispatch requires the input of the hourly peak demand, the IMO must make an
adjustment to their demand forecast to account for the peak demand. The adjustment
does not attempt to forecast the actual peak demand. Instead, it uses asimple linear
combination of the average forecast demand to project the hourly peaks. For example,
suppose that the IMO forecasts that the average hourly demand for hour 21 is 21,000
MW while the hourly average demand for hour 22 is 20,000 MW. To compute the peak
hourly demand for hour 22 it would simply add the forecasted demands for hour 21 and
hour 22 and divide by 2 (i.e., 20,500 MW would be the hourly peak demand used in pre-
dispatch for hour 22). Note however, that if the rate of change in demand in the hour is
not linear there is a strong possibility that the algorithm used to cal cul ate the peak
demand will be biased. In particular, if the demand declines across these hours at an
increasing rate (i.e., is convex) then this method for selecting the peak will overstate the

peak demand value.

The MAU does not have data on the actual demand forecasts made by the IMO (i.e., the
forecasts of the hourly average demands). The MAU has only the values input into the
DSO (the values that ultimately influence the prices). The IMO have indicated to the
MAU that its records do not indicate the same degree of persistent over-forecast in
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demand in hours 22 through 24 as do the MAU'sdata. The MAU and IMO are working
together to understand the extent to which the IMO's algorithm to project the peak hourly
demand values in hours 22 through 24 is contributing to the pre-dispatch to real-time

bias.

Offsetting Flows of |mports and Exports

As noted above, the MAU report also raised concerns that persistent (and predictable)
differences between pre-dispatch and real-time could be resulting in offsetting flows of
imports and exports. These transactions would be driven by the difference between the
pre-dispatch price and the real-time price but supported by the |OG payment. Importers
are attracted to the Ontario market by the relatively high pre-dispatch price and the
guarantee provided by the IOG. At the same time, exporters (who pay the real-time
Ontario price) are attracted by the relatively low real-time price. In this sense, the
persistent and positive difference between pre-dispatch and real-time creates an artificial
arbitrage opportunity for offsetting imports and exports. These transactions do not
improve market efficiency but they do result in payments from Ontario consumers to
tradersin the form of |0G's.®

Table 2-12 provides some indication of the tendency for offsetting imports and exports in
hours 22 through 24. Table 2-12 reports the average hourly amount of offsetting imports
at (i) the Michigan intertie, (ii) the New York intertie, and (iii) across the aggregate of the
Michigan and New Y ork interties.

Table 2-12 indicates the following. First, offsetting imports and exports occur most often
on the New York intertie in delivery hour 24 with an average hourly amount 243 MW in
2004 (i.e., on average each hour has at least 243 MW of imports that are offset by 243
MW of exports). Delivery hour 22 and 23 are also among the highest four hours with

offsetting importsin New York. The same story is not true for Michigan however, where
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offsetting imports/exports are most likely to occur during hours 13 and 14. In general,
there are more offsetting imports/exports on the New Y ork tie than on the Michigan tie

and the number of offsetting imports/exports appears to be increasing overtimein all

hours. Finaly, when Michigan and New Y ork are grouped together, the largest number

of offsetting imports/exports occurs in the off-peak hours of hour 1 through hour 6 and in

hour 24.
Table 2-12: Offsetting I mports, Hourly Averages (MW)
Since Market Opening
Intertie Michigan New York Michigan + New York
Hour 2002 | 2003* 2004 2002 | 2003* 2004 2002 | 2003* 2004
1 0 107 49 50 122 126 373 625 746
2 0 109 55 46 106 99 414 642 776
3 0 99 44 41 86 82 419 628 757
4 0 101 43 39 74 57 443 628 790
5 0 119 54 43 78 68 474 654 799
6 0 116 76 40 100 81 448 671 774
7 64 113 91 30 84 83 292 538 648
8 73 119 95 26 65 75 199 403 479
9 82 127 84 38 79 107 176 388 482
10 61 137 92 41 110 137 158 380 491
11 54 141 115 44 115 98 160 388 498
12 53 144 127 51 129 107 174 398 519
13 49 147 166 53 115 122 169 394 544
14 57 142 153 47 108 126 171 397 540
15 56 130 147 50 103 107 161 382 514
16 57 137 140 52 102 120 168 378 503
17 47 137 139 55 101 144 170 377 496
18 61 133 100 55 93 132 154 364 457
19 57 133 89 49 96 161 153 359 456
20 35 138 117 53 97 163 147 357 444
21 42 133 104 55 114 186 147 366 457

“OWhere electricity is ‘wheeled’ through Ontario by asingle entity, no 10G payments apply. The issue

here is independent decisions by different traders in response to perceived arbitrage opportunities that have

the overall effect of increasing |OG payments.

PUBLIC

81



Market Surveillance Panel Report
November 2003-April 2004

Intertie Michigan New York Michigan + New York

Hour 2002 | 2003* | 2004 2002 | 2003* | 2004 2002 | 2003* 2004

22 36 137 88 55 122 174 162 375 480
23 0 127 122 70 136 186 231 503 568
24 250 143 79 93 231 243 348 605 704

* Excludes data for August 2003 due to blackout.

From the data available, it is difficult to determineif persistent differences between pre-
dispatch and real-time, particularly those in delivery hour 22 to 24 areresulting in alarge
number of offsetting imports and exports. In any event, improvementsinthe IMO’s
approach to adjusting the pre-dispatch demand to project the hourly peak demand should
reduce the potential for these types of offsetting transactions.

Purpose of the |OG in Ddlivery Hour 22 through 24

The MAU report to the Panel also posed the question as to whether the |OG was
necessary in the hours of 22 through 24. As discussed above, the intent behind
implementing the |OG was to reduce importers' trading risk to encourage imports to
Ontario during periods of tight supply or supply shortagesin Ontario. In thisregard, the
|OG represents aform of insurance - it is a payment made to importers to assure that
sufficient supply is available to avoid shortages. However, one would not expect that
supply shortages would be an issue for delivery hour 22 through 24.

There is a broader issue here that deserves further investigation by the IMO, and that is
whether the systematic over-prediction of real-time outcomesin pre-dispatch is
contributing to 1OG payments that may not be required for reliability concernsin hours
other than 22-24. In other words, are we paying more for this ‘insurance policy’ than we
should be.
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4. Analysisof Low Priced Hours

Commencing with this report, we have asked the MAU to begin to routinely review all
‘low priced hours' and report their findings. For the purpose of this review, we defined a
‘low priced hour’ as any hour in which the HOEP was less than $20/MWh. Table 2-13
provides the number of hoursin which the HOEP was less then $20 by month and by

year since market opening.

Table 2-13: Hourswith HOEP <$20, Monthly Since Market Opening

Hourswith HOEP<$20
Month/Y ear 2002 2003 2004
Jan N/A 3 1
Feb N/A 0 0
Mar N/A 0 1
Apr N/A 0 2
May 119 8 N/A
Jun 43 40 N/A
Jul 0 20 N/A
Aug 0 1 N/A
Sep 0 10 N/A
Oct 0 0 N/A
Nov 0 0 N/A
Dec 0 13 N/A

There have been atotal of 261 hours since market opening for which the HOEP was less
than $20. Most of the hours (46%) occurred in the first month of market opening when
demand was relatively low and there were few planned outages or forced outages. In
comparison to the same months in 2002, there was alarge number of hoursin July,
September and December, 2003 in which the HOEP was less than $20. The relatively
large number of low priced hours during July, September and December of 2003 is
attributable to the lower demand levels that occurred in 2003. Therewas also arelative
abundance of available (lower cost) supply during these months compared to the same

monthsin 2002. Severa large nuclear generation facilities had returned to service by this

PUBLIC 83



Market Surveillance Panel Report
November 2003-April 2004

time in 2003, higher water levels due to increased amounts of rainfall around July and
September of 2003 increased the amount of hydroel ectric energy available, and a new
entrant in 2003 added additional supply in 2003.

Since market opening, the lowest HOEP was $7.84 in delivery hour 25 on May 16, 2002.
The lowest HOEP for the period reviewed under this report was $13.36, which occurred
on December 23, 2003 in delivery hour 4.

The MAU reviewed the ‘low priced’ hours and determined that a HOEP below $20
typically occursin hours when at |east one of the following occurs:

« Demandislow. Ontario demand islessthan 15,000 MW. Thistypically occursin
the overnight hours, on holidays or during the spring/fall.

. Alarge amount of base-load supply is available. Thereisasignificant portion of the
demand that is satisfied by base-load generation. In periods of freshet such asthe
spring time months of April, May and June, this base-load supply is augmented by the
supply from a number of hydroelectric facilities that become “run-of-river” facilities
due to the abundance of water from the spring run-off.

While these are the primary factors that contribute to a HOEP less than $20, there are
other factors that can exaggerate the supply demand balance in a manner that places

additional downward pressure on the HOEP. These factorsinclude:

« Alarge pre-dispatch to real-time forecast difference. A large pre-dispatch to real-
time forecast difference can result in an over-purchase of imports or an under-
purchase of exports. Then in real-time, when demand is lower than forecasted, the
extraimports are placed at the bottom of the offer stack and other relatively lower
cost Ontario generation is backed down to meet the lower real-time demand. This
causes the real-time HOEP to be lower than it would otherwise have been. In periods
when there is a relative abundance of base-load supply to meet the relatively low
demand, it isthe relatively costlier fossil generation that is backed down due to the
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effects of the over-forecast of demand and prices are then set by the base-load
generation.

A relatively large amount of failed exports. When exports are scheduled in pre-
dispatch, at times, either additional fossil generation facilities may be committed to
remain on-line (through low offer prices at their minimum loading points) or
additional imports may be scheduled in pre-dispatch to service the exports. If alarge
amount (MW) of these exports then fail however, then the committed fossil units and
imports are still scheduled and cannot be dispatched off. Some other units are
dispatched off. Once again, in periods when there is arelative abundance of base-
load supply to meet the relatively low demand, it isthe relatively costlier fossil
generation that is backed down due to the effects of the failed transactions and prices

are then set by the base-load generation.

Furthermore, a price of $20/MWh is typically below the marginal cost of the fossil-

fuelled generation facilities that are located in the eastern part of the province. In this

respect, one would not expect afossil generation unit to be on-line providing energy in

‘low priced hours'; it would be a potential anomaly. The MAU therefore paid particular

focus to the fossil units that were on-line in these hoursto see if there were any potential

anomalous offers. In particular, were there any generators that appeared to be operating

below their incremental cost?

The MAU did identify several hours with HOEP less than $20 when eastern fossil-fired

generation units were on-line and providing energy. Inreviewing each case, the MAU

determined that these units were on-line for one or more of the following reasons:

The unit was operating at its minimum loading point in order to stay on-line and be
available for the peak hours of the day. Units often stay on-line in off-peak hoursto
avoid having to incur cost for restarting their units or to avoid the risk of potential
damage and future forced outages that may be caused by frequently shutting down the
unit. Furthermore for some units, once they are shutdown, they cannot be restarted
for several hours. Thiswould mean that the unit would not be available later in the
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day when prices are higher. In each of these cases, the incremental heat rate measure
of incremental cost does not reflect the true (opportunity) cost, with the true cost
being less than the heat rate measure of cost.

« Theunit was on-line in order to provide 10-minute spinning reserve. In off-peak
hours, an additional fossil unit may be required to stay on-linein order that sufficient
10-minute spinning reserveis available to meet NERC and NPCC standards. In this
instance, the unit may be scheduled at minimum levelsto ensure it stays on-line to
provide reserve. The unit may also be ‘force-loaded’ to provide reserve. In
particular, the amount of reserve that a unit can provide depends on how much energy
itisproviding. For each unit, thereisan optimal production point at which the unit
can provide the most amount of reserve. Sometimes, aunit is scheduled for energy to
this point to increase the amount of reserve available. It will thus be scheduled for
energy even though its energy offer is higher than the market clearing price. Inthis
instance, the unit will be fully compensated for both its energy and operating reserve
through the operating reserve price; it will be profitable for the unit to produce energy

even though the energy clearing price is less than its energy offer (incremental cost).

As Table 2-13 above indicates, there were seventeen hoursin the period November 1,
2003 to April 30, 2004 in which the HOEP was less than $20/MWh. Fourteen of these
occurred during the Christmas holiday period (between December 23, 2003 and January
1, 2004). In all of these hours, the Ontario demand was below 14,000 MW. Table 2-16
in Appendix C provides key data describing the factors affecting the low HOEP in these

hours.

One of these days was December 23, 2003. There were two consecutive hours on this
day with HOEP below $20, delivery hour 4 and delivery hour 5. We discuss the factors
influencing the low HOEP in these hoursin Case 1 below.

The other three hours occurred in late March (March 30) and early to mid April (April 9
and April 19). On March 30, delivery hour 4, demand was 13,500 MW, while for the two
hours in April, demand was never higher than 13,000 MW. At the same time, there was a
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considerable abundance of hydroel ectric generation available due to the large freshet
experienced in the spring. Given therelatively low level of demand and the abundance of

base-load generation in these hours, the price never exceeded $20.

Case 1: December 23, 2003, Ddlivery Hours 4 and 5

On December 23, there were two consecutive hours (hours 4 and 5) for which the HOEP
was less than $20. There were several factorsinfluencing the HOEP in these hours.
First, the demand was relatively low with the average demand being 13,797 MW in hour
4 and 13,956 MW in hour 5. Mild winter temperatures contributed to the relatively low
demand on this day, as did the upcoming Christmas holiday period. When demand is at
these low levels, it can generally be satisfied by base-load generation; less fossil

generation is required.

A second factor influencing the HOEP in these hours was the large over-forecast of
demand in pre-dispatch. As Table 2-16 in Appendix C indicates, the final pre-dispatch
demand was 540 MW and 667 MW higher than the actual hourly average demand in
hours 4 and 5 respectively. When pre-dispatch demand is 500 or 600 MW higher,
additional imports are selected in pre-dispatch and fewer exports are selected than would
have been selected had the forecast been more accurate. The over-forecast isalso
reflected in the pre-dispatch price. The pre-dispatch price in these hours was $22.24 and
$23.29 respectively; the HOEP was well below these levels.

The over-forecast of demand (price) in pre-dispatch has two effects on real-time
outcomes. First, the additional imports selected cannot be dispatched off in real-time,
even though they may be more expensive than some of the Ontario generators. When
these imports are placed at the bottom of the offer curve, and demand comesin lighter
than expected, the most expensive Ontario generators are dispatched off, causing the
base-load generators with offer prices below $20 to establish the price. Second, if the
pre-dispatch is signalling a higher demand and higher price for the hours, fossil units may
decide to commit their units by offering their minimum running levels at prices that will
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assure that the units stay on-line. When the actual demand is lighter than forecast, these
units stay on-line and other base-load units are dispatched down to meet the lower than

expected demand. These units set the price with an offer price below $20.

In delivery hours 4 and 5 on this day, both of these factors influenced the low HOEP.
First, the pre-dispatch price of $22.24 and $23.29 attracted 233 MW and 84 MW of
imports that would not have been selected if the forecast had been more accurate. These

are imports that were offered above the HOEP in the hour.

Second, 174 MW of exports were not selected as aresult of the higher pre-dispatch price.
The failure to select the exports al'so means that the HOEP will be lower than it would
have been had the forecast accurately identified the load.

Third, there were a considerable number of fossil units on-linein thishour. The MAU
has no way of detecting whether the pre-dispatch price signal was the cause of the units
staying on-line at their minimum loading point or if the units were on-line for one of the
other reasons discussed above. There were atotal of 10 fossi| units (at three facilities)
on-line. Each unit had been on-line the entire prior day and for the earlier hours of
December 23. In each of these hours, the market clearing prices were higher than the
units' incremental (heat rate measured) cost; it would have been economic for the unitsto

run.

All but two of the units were running at minimum levels. The two units that were
running above their minimum were running at 80 MW below full capacity. During this
period these units were having operating problems. The units were running at full
capacity for several hours on the day and on the previous days. The units were offered at
low prices to ensure they ran at full or near full capacity in order to avoid sporadic
dispatch that could affect the stability of the units’ operations and potential outages.
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Appendix A: Summary Data on High Priced Hours

Table 2-14: Summary Data on Hours Greater than $200 MWh

Delivery Date 10-Jan-04 14-Jan-04 26-Jan-04 06-Apr-04
Delivery Hour 12 18 18 8

HOEP ($MWh) 249.55 340.45 207.56 258.93
Hourly Uplifts ($MWh) 9.94 22.74 8.28 13.70
Ontario Pre-Dispatch Price ($MWh) 150.00 448.00 212.00 67.00
Pre-dispatch Demand (MW) 21,229 24,478 24,604 18,822
Average Actual Demand (MW) 20,788 24,210 24,361 18,592
Actual Peak Demand (MW) 20,983 24,488 24,764 18,892
Failed Imports (MW) 0 275 25 0
Failed Exports (MW) 0 0 0 0
Self Scheduled Under-generating (MW) 200 29.2 -20 -94
Pre-dispatch Supply Cushion (%) 233 9.0 10.2 10.3
Real-time Supply Cushion (%) 11 0.0 33 0.6
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Appendix B: Events of January 15, 2004
Table 2-15: Summary of Out of Market Control Actions Employed, January 15, 2004
Material Changein Supply Out of Market Control Actions Prices
Maximium Out-of- Total of
Hourly Total Imports Exports Market Out-of-
Derate Derate Material Pur chased Cancelled Sour ces Market 3Hr Pre- 1Hr Pre-
3Hr PD - 1Hr PD - Failed Changein After Pre- After Pre- Emergency of Control dispatch dispatch Admin.
RT RT Imports Supply dispatch dispatch Purchases Reserve Actions Price Price HOEP Price
Hour MW) (MW) (MW) (MW) MW) (MW) MW) (MW) (MW) ($¥MWh) ($¥MWh) (¥MWh) | ($MWh)
(@) @ (©) 4 ©) (6) U] (©)] (©) (10) (11 (12) (13) (14
17 2,051 937 0 773 0 566 125 603 1,294 175.00 400.00 122.08 N/A
18 1,847 255 933 827 400 133 600 586 1,719 450.00 500.00 143.08 N/A
19 (454) (458) 1,112 378 553 177 680 136 1,546 1,000.00 925.00 145.9 144.61
20 (1,162) 228 1,712 1,783 1,204 156 500 0 1,860 801.99 500.00 873.02 142.55
21 (563) 553 1,284 1,786 1,331 120 0 63 1,514 501.00 444.00 1,871.13 | 134.23
22 353 302 965 1,085 790 434 0 1,224 400.00 453.50 529.59 95.57
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Appendix C

Appendix C: Summary Data on Low Priced Hours

Table 2-16: Summary Data on Hours Less than $20/MWh

Date 23-Dec- | 23-Dec- | 24-Dec- | 26-Dec- | 26-Dec- | 29-Dec- | 29-Dec- | 29-Dec- | 31-Dec- | 31-Dec- | 31-Dec- | 31-Dec- | 31-Dec- | O1-Jan- | 30-Mar- | 09-Apr- | 19-Apr-
03 03 03 03 03 03 03 03 03 03 03 03 03 04 04 04 04
Delivery Hour 4 5 4 4 5 4 5 6 2 3 4 5 6 9 4 3 2
('m‘v‘;”d 13,797 | 13,956 | 13,140 | 12,354 | 12,411 | 12,471 | 12,481 | 12,864 | 13,813 | 13,383 | 13,299 | 13,290 | 13,711 | 13,543 | 13,563 | 12,950 | 12,529
;‘j;%?;t‘("},%e) Baseload | 76, | 769 | 808 | 858 | 858 | 844 | 840 | 828 | 812 | 814 | 813 | 814 | 817 | 850 | 813 | 878 | 889
(F,\m')ee“era“m 1,908 | 1,914 | 1290 | 750 | 750 | 928 | 928 | 1,191 | 1,360 | 1,260 | 1,260 | 1,260 | 1,260 | 1,063 | 1,328 | 600 | 548
Per centage of Fossil
Gereration (6) 139 | 137 | 96 6.0 6.0 73 7.2 8.8 9.6 9.2 9.2 9.2 9.0 75 8.9 46 4.0
Differ ence Between Pre-
dispatch and AvgReal- | 540 | 667 | 254 78 106 | 105 | 264 | 609 | 403 | 250 87 146 | 218 | 768 | 195 | 335 | 500
time Demand (MW)
'(,r\‘/l‘f’,\c,’;ts 1223 | 1,126 | 1,269 | 1,186 | 1,226 | 873 | 872 | 919 | 1,096 | 1,095 | 1,100 | 1,098 | 1,008 | 898 | 232 | 1,127 | 911
(E,\jl‘ﬁ’,\‘,’;‘s 765 | 836 | 1,203 | 980 | 969 | 738 | 790 | 1,163 | 1,177 | 1,177 | 1177 | 1,177 | 1,102 | 1,261 | 1,077 | 936 | 1,549
(N,\f\,\f)'“‘”ed Exports | g5 0 0 0 0 390 | 338 | 250 0 201 0 201 | 201 0 75 | 467 0
F(’;/e,v‘f\‘,f/phé;“’h Price | 5504 | 2329 | 21.55 | 18.00 | 19.00 | 22.64 | 22.41 | 24.00 | 21.39 | 21.39 | 2036 | 21.05 | 23.00 | 25.00 | 20.67 | 35.05 | 34.12
'(*$/OMEVF\’/h) 13.36 | 18.33 | 19.32 | 17.43 | 17.72 | 18.30 | 14.66 | 19.44 | 1954 | 18.62 | 19.48 | 1856 | 19.93 | 19.87 | 19.84 | 19.65 | 17.83
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Chapter 3: Summary of Changesto the Market Sincethe Last Report

1. Introduction

A market is operating efficiently when energy is produced by the cheapest supplier, is
consumed by those most willing to pay for it and the price of energy coversthe
production cost of the marginal supplier. Thereliability of the system is dependent on

market participants’ response to clear and transparent market signalsin all time frames.

In the last M SP report, we reported upon changes made during the first 18 months of the

market as participants and the IMO learned how the market worked in practice.

This chapter describes some of the continuing changesin Market Rules and procedures

made over the course of the past six months.

2. IMOInitiatives
2.1 Thelntroduction of Control Action Sources of Operating Reserve in the Market

Asdiscussed in earlier chapters and previous reports, when there is insufficient operating
reserve (OR) the IMO is permitted to use out-of-market control action sources of
operating reserve in real-time.* These sources are: 3 percent voltage cuts, 5 percent
voltage cuts, recallable exports and the reduction of 30-minute operating reserve for up to
4 hoursif itisfelt that it can be restored. In the past when the IMO saw an energy
shortage it introduced these resources manually in real-time. This had the effect of
lowering the real-time price relative to pre-dispatch price and our analysis suggested that
this contributed substantially to the discrepancy between the pre-dispatch and real-time

prices. In July 2003, arule amendment was passed to allow standing offers for these

“ See our December 2003 report at pp. 94-96
(http://mww .theimo.com/imoweb/marketSurveil/mspReports.asp).
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sources to be introduced in the market at prices to be determined by the IMO Board.*”
These standing offers would then be available for selection by the dispatch scheduling
algorithm on the basis of need and the relative prices of all offers of operating reserve.
This program of including control action sources of operating reserve in the market is
known as“CAOR”.

Following consultation with participants, the IMO Board decided to introduce a portion
of these resources into the unconstrained and constrained schedules in two 200 MW
tranches so that price effects aswell as unpredicted effects could be determined. The first
200 MW was introduced on August 6, 2003 with prices imputed to these resources at
$30.10 for 10-minute non-spin and $30 for 30-minute OR. The second 200 MW was
introduced on October 15, 2003 with the same price structure.

In December 2003, the IMO also decided to discontinue its purchases of supplemental
OR. On January 14, 2004, the 200 MW requirement for supplemental OR during on-
peak hours was removed. This reduced OR requirements from 1,580 MW to 1,380 MW.
The 200 MW supplemental OR requirement had been introduced in June 2002 amid
concerns about system reliability.

Since the introduction of the CAOR and the elimination of the supplemental OR
requirement, the MAU has observed a reduction in the incidence of out-of-market control
actions measured as the percentage of intervals with manual OR reductions. Six percent
of intervals experienced out-of-market OR reductions prior to August 6, 2003 compared
to 2% after August 6, 2003 through to April 30, 2004.%

We understand that the IMO is considering a further transfer of out-of-market sources of
OR into the CAOR program, this time using the 30-minute OR that can be reduced for up
to 4 hours. The expectation isthat inclusion of this resource will eliminate the need for

manual out-of-market reductions.

“2 To be consistent with the emergency control actions list, in practice, the IMO uses recallable exports
before voltage cuts.
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CAOR can be selected in differing amounts in the constrained and unconstrained

schedules in both pre-dispatch and real-time, and this provides important additional

flexibility with regard to preserving the integrity of price signalsin the energy market.

Asisevident from Table 3-1, CAOR has been used much more frequently in the

constrained schedule than the unconstrained schedule. Thisis consistent with the fact

that fewer alternatives are available under the constrained schedul e than under the

unconstrained schedule. Causes of the difference between the schedules include:

. the constrained schedul e recognizes that some generation is bottled by transmission
limitations;

. thereal-time constrained schedule is based on actual ramp rates while the real-time
unconstrained schedul e assumes ramp rates that are 12-times higher;

. thereal-time constrained schedule is based upon forecast demand while the real-time
unconstrained schedule is based on actual demand. When the constrained forecast

demand is higher, resources are tighter.

Over the past nine months, the frequency with which CAOR has been used has increased
in both schedules and in both pre-dispatch and real-time. A possible explanation is that
CAOR isrelatively inexpensive in comparison to an increasing quantity of other sources
of OR available in the market. We will continue to monitor devel opments in the OR
market with a view to determining the effect of current pricing of CAOR on the incentive

for new sources of OR to enter the market.

We understand from the IMO that over 200 MW of new dispatchable load isin the
process of entering the market. Thisis consistent with the current, higher prices of OR
being attractive to some new sources. Of course, current pricing of CAOR might be
crowding out other potential sources and the Panel will continue to be alert to this

possibility.

* See Table A-30 in the Statistical Appendix for additional data.
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Table 3-1: Use of CAOR in Real-time and Pre-dispatch

Real-Time use of CAOR

Constrained Unconstrained
August 6, 2003 - October 14, 2003 8.20% 1.80%
October 15, 2003 - January 14, 2004 13.40% 5.90%
January 15, 2004 - April 30, 2004 14.40% 5.00%

Pre-Dispatch use of CAOR

Constrained Unconstrained
August 6, 2003 - October 14, 2003 7.90% 2.90%
October 15, 2003 - January 14, 2004 11.30% 7.70%
January 15, 2004 - April 30, 2004 16.00% 10.60%

2.2 Clarifying Transmitter’s Role to Co-ordinate Outages with Affected Mar ket
Participants

Effective at the end of November 2003, the IMO modified the Market Rules relating to
co-ordinating transmission outages. Except where reliability is an issue, the process has
been streamlined so as to give the transmitter the responsibility of notifying and
discussing planned transmission outages with affected market participants. Since
transmission outages can lead to additional costs or inconvenience to market participants,
direct co-ordination among them is expected to improve market efficiency. Thisisalso
consistent with the Transmission System Code, which requires transmitters to report

changes to equipment that could materially impact a customer.

In previous reports the M SP has stressed the importance of the co-ordination of

transmission outages with generation and load.
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2.3 Observations following Changes to Confidentiality Classifications

In January 2003, the IMO Board requested the M SP to advise it regarding the potential
impacts, if any, of proposed changes to certain confidentiality classifications, and the
release of information pertaining to generator output and intertie transactions.

Market participants consulted by the MSP in the preparation of its report cited the

following benefits from greater disclosure:

1) Improved timing of start-up fossil generation;

2) More efficient short-term decisions about fuel deployment in particular whether
contracted natural gas should be used for generation or resold;

3) Improved timing of planned outages,

4) Greater liquidity in the forward markets,

5) A more favourable investment climate for new generation in Ontario;

6) Easier detection of inappropriate behaviour.

At the same time, OPG argued that the release of such information was inappropriate, as
such information is not required in any of the control areas adjacent to Ontario. OPG was
also of the view that the release of such information could affect the efficiency of the

market by allowing other participantsto “price up” or withhold offers.

In its report to the Board, the Panel provided its assessment of the effect of the proposed
disclosure on competition in the wholesale market.* The Panel concluded that the
proposed disclosure would have no material impact on competition. The Panel also
recommended that, in the event that the Board decided to proceed with the proposed
release of information to the market, the consequences of this action should be monitored

and provisions for disclosure should be revisited periodically.

“ Our report to the Board, dated March 17, 2003, is available at
http://www.theimo.com/imoweb/marketSurveil/mspReports.asp.
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In March 2003, the IMO Board approved the release of information pertaining to
generator output and intertie transactions with a one hour time delay. On December 15,

2003, the IMO began publishing generator-specific information one hour after the fact.

The MSP has asked the MAU to determine whether the publication of generator-specific
information with a one hour delay is having any impact, either positive or negative, on
the market. One hypothesisis that improved information increases market efficiency. In
the simplest terms, the availability of more accurate and more timely knowledge of
buying and selling opportunities in the market should result in both a market equilibrium
that is more efficient (in the sense of involving the lowest cost sellers and the buyers most
willing to pay) and faster convergence to this equilibrium state. An alternate hypothesis
isthat improved information about suppliers that are absent from the market may make it
easier to engage in a strategy of withholding supply and raising the market price. The
resulting market equilibrium would then be characterized by higher cost sellersand a

higher price. Itisnot clear how withholding would change the path to equilibrium.

In the course of its normal surveillance functions, the MAU has not been able to discern
any change in behaviour that could be attributed to the increase in information available
to the market. In particular, the MAU has found no evidence of economic or physical

withholding.

The MAU also attempted a more formal analysis of whether behaviour in the market
changed after publication of generator-specific information with a one hour delay began
in December 2003 and if so, whether this change was pro-competitive or anti-

competitive.

The MAU conducted a variety of tests and the results of two of them are reported here.
The general test methodology isto compare behaviour in the market after the
implementation of the disclosure policy (January—April, 2004) with behaviour during
comparable periods of time before its implementation. The “before” periods chosen for
purposes of this comparison are January—April 2003 and August—November 2003.
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Thefirst test compares the responsiveness of import offers to news of an outage before
and after the implementation of the disclosure policy. The responsiveness of the market
to news of an outage at timet, is defined as the percentage difference between import
offers seven hours ahead as at time t-2 and import offers two hours ahead as at time t+3.
In essence, thisis a comparison of imports offered for a given hour two hours before an
outage occurs with imports offered for the same hour three hours after the outage occurs.
This comparison is made for al occasionsin each of the three periods in which there was
an outage. The average percentage increase in import offers after an outage for each of
the three periods is shown by the lighter barsin Figure 3-1. Since import offers may
increase between seven hours ahead and two hours ahead even if there is no outage, the
average percentage change in import offers between seven hours ahead and two hours
ahead is calculated for al the hours in each of the three periods for which there was no
intervening outage. Thisis shown by the darker barsin Figure 3-1. Figure 3-1 shows
that during al three periods, import offers increased more when there was an outage than
when there was not. There does not appear to be much difference, however, between the
period after the implementation of the disclosure policy and the two periods before as far
asthe differential response of import offersis concerned. While avariety of other
influences could have been at play, this test implies that the provision of additional
information to the market made import offers neither more nor less responsive to the

occurrence of an outage.
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Figure 3-1: Changein Import Offers 7 Hours Ahead to 2 Hours Ahead
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The second test conducted by the MAU and reported here is essentially the same as
described above except that it is applied to export bids (offtakes). The results of this test
are presented in Figure 3-2. The percentage increase in export bids after an outage is
shown by the lighter barsin Figure 3-2. The average percentage difference between
seven hours ahead and two hours ahead when there are no outages is shown by the darker
bars. The darker bars show that when there are no outages, export bids are higher two
hours ahead than they are seven hours ahead. The interpretation of Figure 3-2 is easiest
for the two winter (January to April) periods. The darker bars show that export bids are
16 to 20 percent higher two hours ahead than seven hours ahead when there are no
outages in winter 2003 and winter 2004 respectively. The lighter bars for the two winter
periods show that export bids are only 3 to 7 percent higher two hours ahead than they
were seven hours ahead when there was an outage five hours ahead. Thus, the two winter
periods show plausible and similar behaviour — export bids increase by a smaller amount
when there has been an outage than when there hasn’t. An implication of this behaviour
of export bids in the two winter periods is that even without disclosure, exporters were
able to identify periods where price risk after an outage had increased. The middle two
barsin Figure 3-2 say that in the fall (August to November) of 2003 export bids were
much higher (around 30 percent) two hours ahead than seven hours ahead regardl ess of
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whether there was an outage or not. The factors that may have been at work to produce

this result are not obvious.

Figure 3-2: Changesin Export Bids 7 Hours Ahead to 2 Hours Ahead
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Itis, in general, quite difficult to test whether additional information has made a market
more responsive, holding all else equal in order to discern the marginal effect of a policy
change. The Panel is persuaded by the MAU’ s conclusion that the disclosure of
generator-specific information has not resulted in any anti-competitive behaviour. Nor is
it apparent from the tests that have been conducted to date that there has been any
material change in behaviour that is traceable to the provision of this additional

information to the market.
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3. MSP Initiatives

3.1 Update on Implementation of MSP CMSC Recommendations

In previous reports, we have discussed our examination of the role played by constrained
off congestion management settlement credits (CM SC payments). This examination
resulted in areport submitted to the IMO Board on July 3, 2003, with recommendations
that dealt with:*

1) thereduction or elimination of some constrained off CM SC payments,

2) the mechanics of CMSC review for hydroelectric facilities;

3) CMSC payments related to the Niagara 25 Hz sub-system and,;

4) impediments to effective transmission planning as well as suggestions for reform.

Presently the IMO Board has put on hold proposed changes to the Niagara 25 Hz sub-
system until the financial status of the major customer of this system becomes clearer.

Since then there have been ongoing activities in each of these areas, as mentioned in our
Monitoring Report on the First Eighteen Months. It isworth noting at this time the

subsequent progress in one particular area— self-induced CM SC payments.

3.1.1 Facility (Sdf) Induced CM SC Payments

On December 12, 2003, the IMO Board approved a market rule amendment (section
3.5.1A of Chapter 9) which effectively states that a dispatchable load facility is not
entitled to CM SC resulting from the facility’ s own equipment or operational limitations.
Thus the IMO would not pay or could recover CMSC if it were induced by the load not
following dispatch instructions, and/or the result of alow ramp rate quoted in the bid.

“* For more details on the consultation and recommendations please refer to the IMO web site,
http://www.theimo.com/imoweb/consult/consult_cmsc.asp and specifically
http://www.theimo.com/imoweb/pubs/marketSurv/ms_CM SC-Consultation 20030703.pdf
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We had identified the situation where a dispatch deviation in one interval could lead to
restricting the dispatch in the subsequent intervals, thus inducing a constrained off CMSC
payment.

Thisisof concern for both dispatchable load and generating facilities, but arule was
introduced at the time only for dispatchable loads. The rule amendment was so limited
because of the larger CM SC payments being made to dispatchable load (for each event
and possibly even in total), and because of significant complexity associated with the

assessment for generation facilities.

The MAU has been reviewing these dispatchable |oad payments and has offset
approximately $1.8 millionin CMSC to date. Thisis associated with trade daysin March
and April only,” and is higher than the $6 million per year or about $0.5 million per
month anticipated when the rule was put into effect.

Due to the significant complexity in discerning self-induced payments to generators this

continues to be under review by the IMO as to whether such a rule should be proposed.

“6 |n earlier months this was being dealt with by the Compliance Unit as a continuation of earlier
procedures where this may have been a matter of non-compliance as well, or the participant was voluntarily
allowing recovery of some of this CMSC.

PUBLIC 103



Market Surveillance Panel Report
November 2003-April 2004

104 PUBLIC



Market Surveillance Panel Report Chapter 4
November 2003-April 2004

Chapter 4. State of Competition within,
and the Efficiency of, the IMO-Administered Markets

1. General Assessment

Thisreport istypical of our earlier reportsinsofar as the market anomaliesidentified are
explained by the interaction of demand and supply or learning experiences for the IMO
and market participants on the implications of the Market Rules and facilitating
procedures. In this six-month period two of the four high priced events were caused by
demand pressures, athird by aforced derate of alarge unit and the last by procedures
governing selection of offers by the Dispatch Scheduling Optimizer (DSO). One of the
contributing factors to more stable prices in the recent period was significantly improved
supply towards the end of 2003 with the return of three nuclear generation units and
expanded capacity at other Ontario-based facilities adding about 2,500 MW. As
observed in our very first report, a better supply-demand balance goes along way to
alleviating stresses and strainsin the market. I1n terms of market participant conduct, we

have found no evidence of gaming, nor any evidence of the abuse of market power.

Our review of anomalous events in Chapter 2 has pointed once again to the way in which
the use of out-of-market control actions can distort price signals and to the continuing
tendency of pre-dispatch price forecasts to overstate real-time outcomes. The IMO has,
in consultation with market participants, undertaken actions to address these issues and
progressis being made. Chapter 2 contains one observation that we have not previously
made. In discussing the events of January 15, we noted that the way in which emergency
imports are introduced into the DSO has the effect of lowering the market clearing price,
which appears inconsistent with sending appropriate signals regarding the supply/demand
balance. We suggest that the IMO reconsider this approach.
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2. Moving Forward

Since our last report dated December 10, 2003, the Government of Ontario has provided
further guidance on its plans for the electricity sector.* We welcome the comprehensive
nature of the government’ s plans and the conscious effort to provide a more certain
regulatory and public policy environment. Most important to the Panel is that the
government has chosen to continue the wholesale market. The Panel’ s view, as stated in
its last report, isthat market-based dispatch is working very well in Ontario and has the

near-term potential to work even better.

The government has aso proposed a number of initiatives intended to supplement the
market. While we recognize that the new framework will take time to implement and
will evolve over that time, we also believe that there are some crucial implementation

issues. Here we offer some initial comments on some of the main challenges:

. A key element of the government framework is that “ratepayers must pay the true
cost of the electricity they consume.” The wholesale market is the best vehicle for
ascertaining the real cost of electricity - aslong as market prices accurately reflect the
supply-demand balance. The wholesale market price will not reflect the true cost of
electrical energy if thereis gaming or the abuse of market power. In light of the
likelihood of the continuing concentration of the ownership of generation resourcesin
relatively few hands, the restraint of the exercise of market power will be akey policy
issue. We discuss our work in this areain section 3 below.

« IMO procedures or Market Rules may aso have the unintended consequence of
distorting market prices. The Panel will continue its work in identifying,
documenting and publishing its findings regarding any such distortions. Operational
issues of this nature are frequently aresult of a concern with system reliability. While
we recognize that reliability is paramount, reliability should be achieved in away that
minimizes the distortion of market signals. Since market opening, a number of

" At the time of writing, the government’ s legislation had not been tabled.
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changesin Market Rules and procedures have been made to make market signals
better reflect the supply-demand balance. One example is the introduction of control
action sources of operating reserve in the market (CAOR) discussed in Chapter 3.
The Panel is of the opinion that this experiment could be pursued further still.

« Thewholesale marketplace has the capability of providing much more information
about the true cost of energy than it is currently doing. In thisregard, the Panel
continues to support an evolution of the market to locational marginal pricing. Inthe
Panel’ s opinion, nodal prices provide the best signal for both investment and
consumption decisions.

. The government has announced its intention to issue Requests for Proposals (RFP) to
provide new generation capacity in Ontario. Aswe understand it, there will be a
competitive process for potential investors to bid to build new capacity. We
understand the perceived need to compensate investors in new generation capacity
although we are also of the opinion that a reduction in regulatory uncertainty and an
increase in the transparency of the objectives and obligations of OPG will improve
the investment climate considerably. We are also of the view that the RFP process
will be more successful the less uncertain and the more transparent is the regime in
which the potential bidders can expect to operate.

. Experience with the wholesale market over the last two years has provided
compelling evidence of the efficiency of market-based dispatch. For thisreason, it is
crucial that all current sources of generation in Ontario continue to bid into the
wholesale market and that all future sources of generation do so aswell. The Panel
strongly urges the government to incorporate this design feature in the terms of the
RFP’ sfor new generation it intends to issue.

« With the creation of a new entity, the Ontario Power Authority, it will be important to
have clarity asto the relationships between it and the existing institutions, the IMO
and the OEB. An ongoing dial ogue among the three should be promoted with clear

communications to participants.

We welcome the importance given to conservation and encouraging load responsiveness
to price in the government’ s proposals. The challenge will be to provide education and
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incentives that encourage consumersto act rationally in their use of energy. Smart meters
are important and the steps the government is proposing are welcome. But it will also be
critical that the price signals from an effectively competitive wholesale market —
reflecting the true cost of energy — be permitted to pass through to all consumers. The
design of the standard rate plan for small businesses and residential consumers will be
quite important. In our last report we set out three principles that we think should guide

the elaboration of such a standard rate plan.”® These are:

. “firgt, to promote efficiency in use through ensuring that the price paid for
consumption at the margin reflects the incremental cost of producing electricity;

« second, to provide market driven opportunities for consumers to protect
themselves against volatility; and

. third, to encourage and facilitate the ability of consumersto invest in interval

meters to conserve energy where it is efficient for them to do so.”

It seems to us that these principles should continue to apply. There will obviously be a
need in rate design to reflect the lower cost of the *heritage’ electricity through some
blended rate that recognizes regulated heritage rates and spot rates as determined in the
wholesale market. There will also be aneed for some stability through a periodic *true-
up’ of the standard rate to market realities. We believe that both of these aspects of rate-
setting can be managed in away that is consistent with the principles set out above.

3. Monitoring for the Exercise of Market Power

The Market Rules charge us under section 3.1.1.1 of Chapter 3 to “...identify
inappropriate or anomalous market conduct including, but not limited to, unilateral or
interdependent behaviour resulting in abuses and possible abuses of market power and
gaming”. Asdiscussed in earlier reports, market power is the ability to profitably set the
market clearing price above competitive levels. When this occursit is said that thereis

“8 See page 109 of the December 2003 report.
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an exercise of market power. We have drawn the distinction between the exercise of
market power and the abuse of market power. The abuse of market power in our view is
behaviour by market participants that interferes with the operation of the market so that

competitive forces are not able to check the exercise of market power.

The original market design recognized the potentia for the exercise of market power
because of the dominance of Ontario Power Generation. The Market Power Mitigation
Agreement (MPMA) addressed this market power issue by providing a schedule for the
divestiture of key OPG generating assets and requiring the payment of a partia rebate to
consumers if the average annual market price exceeded $38/MWh. One of the IMO
licence conditions directed the Market Surveillance Panel to these arrangements and
specified that if the annual price exceeded this threshold, the rebate was to be the ‘ sole
remedy’. The calculations underlying the MPMA rebate come to an end at the close of
2004 and the government will likely be addressing its approach to market power issues as
part of itsfinal legidative package.

Although we clearly have a special responsibility with respect to addressing the potential
abuse of market power we have found that understanding and identifying the exercise of
market power is fundamental to carrying out our work. When the market price spikes
upward we need to understand the causes. If the cause is the withholding of supply, the
key characteristic of the exercise of market power, we believeit is part of our roleto
identify and, at a minimum, discuss our analysis of these events with the market
participant in question. To do so requires arigorous analytical framework that is
understood and accepted by market participants. During the last several months we have
begun to define in operational terms how we would identify the exercise of market
power. We believe it would now be constructive to consult with market participants and
other stakeholders on this framework.

PUBLIC 109



Market Surveillance Panel Report
November 2003-April 2004

110 PUBLIC



Market Surveillance Panel Report Statistical Appendix
November 2003-April 2004

STATISTICAL APPENDIX
TO

MARKET SURVEILLANCE PANEL
MONITORING REPORT ON
THE IMO-ADMINISTERED ELECTRICITY MARKETS

(MAY 2002 — APRIL 2004)

N.B. All figures and tables presented in this Appendix (and throughout this Report) exclude date
from August 14, 2003 00:00:00 EST to August 22, 2003 23:59:59 EST. Thisisdueto the
suspension of the IMO-administered markets caused by the August 14, 2003 system failure in the
Northeast.

In some instances, the data reported in this Report has been updated or recalculated and therefore
may differ from values previously quoted in our earlier reports.
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Table A-1: Monthly Energy Demand (TWh)

Energy Consumption | Total Market Demand Export
2002 2003 2002 2003 2002 2003
) 2003 2004 2003 2004 2003 2004
May | 11.87 11.63 11.99 12.35 0.11 0.72
Jun | 12.19 11.89 12.42 12.54 0.23 0.66
Jul | 14.03 12.90 14.11 13.89 0.08 0.99
Aug | 13.75 12.51 13.79 13.07 0.04 0.56
Sep | 12.59 11.79 12.70 12.19 0.11 0.40
Oct | 12.40 12.16 12.71 12.31 0.31 0.15
Nov | 12.66 12.39 13.03 12.71 0.38 0.32
Dec | 13.48 13.33 14.02 13.95 0.54 0.62
Jan 14.49 14.77 15.17 15.57 0.68 0.80
Feb 13.12 13.09 13.59 13.59 0.46 0.50
Mar 13.41 13.22 13.84 13.79 0.43 0.56
Apr 12.10 11.79 12.38 12.64 0.29 0.85
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Table A-2: Average Monthly Temperature ( Celsius)

2002 2003 2004
Jan -0.3 -1.7 -9.0
Feb -1.3 -6.9 -3.3
Mar 04 -0.5 2.3
Apr 7.3 5.6 6.9
May 11.3 12.3 N/A
Jun 19.2 18.6 N/A
Jul 24.2 214 N/A
Aug 22.7 21.9 N/A
Sep 20.2 17.2 N/A
Oct 9.2 9.1 N/A
Nov 3.3 5.0 N/A
Dec -1.8 0.0 N/A

Table A-3: Number of Days Temperature Exceeded 30 C

2002 2003 2004
Jan 0 0 0
Feb 0 0 0
Mar 0 0 0
Apr 0 0 0
May 0 0 N/A
Jun 5 4 N/A
Jul 15 1 N/A
Aug 7 3 N/A
Sep 4 0 N/A
Oct 0 0 N/A
Nov 0 0 N/A
Dec 0 0 N/A
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Table A-4: Outages, May 2002-April 2004 (TWh)

Total Outage

Planned Outage

Forced Outage

2002 2003 2002 2003 2002 2003
2003 2004 2003 2004 2003 2004
May | 4.97 5.29 3.60 3.46 1.37 1.83
Jun | 3.54 3.77 2.62 151 0.92 2.27
Jul | 2.80 2.22 1.39 0.95 1.41 1.27
Aug | 3.06 2.82 1.10 0.73 1.96 2.08
Sep | 3.95 3.94 2.97 2.28 0.98 1.65
Oct | 5.29 5.52 4.34 3.48 0.95 2.05
Nov | 4.59 2.91 3.38 0.96 1.21 1.96
Dec | 3.75 1.45 2.15 0.69 1.61 0.75
Jan 2.31 2.88 0.91 0.27 1.40 2.61
Feb 2.68 3.53 1.35 0.36 1.32 3.17
Mar 3.80 3.76 2.48 1.17 131 259
Apr 5.64 3.73 3.84 1.54 1.79 219
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Table A-5: Average HOEP, On and Off-Peak, May 2002-April 2004

Average Average Average
HOEP On-Peak HOEP Off-Peak HOEP
2002 2003 2002 2003 2002 2003
2003 2004 2003 2004 2003 2004
May | 29.19 43.17 34.59 56.53 24.35 32.16
Jun | 35.13 41.64 43.75 55.54 28.24 29.47
Jul | 58.10 40.08 73.00 53.14 44.71 28.35
Aug | 64.18 46.85 83.42 65.77 48.34 36.28
Sep | 75.19 48.56 110.48 58.63 46.96 39.74
Oct | 48.66 57.09 61.61 68.42 37.02 46.92
Nov | 49.38 40.45 60.92 50.29 39.27 32.59
Dec | 56.27 44.42 69.49 54.55 46.30 36.08
Jan 59.62 66.22 74.31 84.76 46.42 50.94
Feb 86.46 52.74 96.83 64.46 77.03 42.77
Mar 81.49 48.90 94.61 57.33 70.69 40.65
Apr 58.88 45.92 74.41 55.04 46.46 37.95
May-02-Apr-03 58.36 N/A 72.71 N/A 46.12 N/A
May-03-Apr-04 N/A 48.20 N/A 60.35 N/A 37.81
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Table A-6: Average Richview Slack Bus Price, On and Off-Peak
May 2002-April 2004

Average On-Peak Aver age Off-Peak Average
Richview Slack Bus Richview Slack Bus Richview Slack Bus
Price Price Price
2002 2003 2002 2003 2002 2003
2003 2004 % 2004 2003 2004
May | 226.74 107.50 42.91 45.55 129.88 73.53
Jun | 151.98 107.87 43.41 41.01 91.67 72.21
Jul | 272.39 72.09 65.55 32.09 163.41 51.02
Aug | 206.03 77.08 64.04 40.81 128.16 55.10
Sep | 540.12 65.74 66.48 45.65 276.98 55.03
Oct | 94.68 83.98 61.17 59.82 77.02 71.25
Nov | 80.26 69.73 51.06 39.46 64.69 52.91
Dec | 195.59 87.78 67.07 56.86 122.35 70.83
Jan 92.14 136.59 59.67 63.03 75.03 96.25
Feb 129.04 80.61 106.51 55.33 117.24 66.95
Mar 147.53 84.33 103.84 53.67 123.57 68.84
Apr 135.54 77.63 78.53 48.26 105.13 61.97
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Table A-7: Frequency Distribution of HOEP, May 2002-April 2004
(Percentage of Hourswithin Defined Range)*

HOEP Price Range ($MWh)

SO | oo | s | swo | s | s | o0 | swoeo | swoe | 200

200 200 200 200 200 200 20027| 2003| 200: 200. 200 200. 200 200. 200 200. 200 200 200 200
2003 | /2004 003 |[/2004 |2003 | 72004 |~ 2003 |~ 2004 |/2003 |2004 |2003 |2004 | ~2003 }~2004 | 2003 | 72004 | 2003 |/2004 |2003 /2004

May | 0.67 | 0.00 | 1532 | 1.08 | 31.45 | 48.66 | 46.24 | 11.83 | 282 | 753 | 134 |538 |108 |739 | 093 | 16.67 | 0.13 | 148 | 0.00 | 0.00
Jun | 0.56 | 0.00 | 542 | 556 | 30.14 | 52.78 | 49.44 | 8.47 333 | 639 | 292 | 500 | 458 |667 | 278 | 1181 | 069 | 278 | 0.14 | 0.56

Jul | 0.00 | 000 | 000 |269 |901 |5228]| 29.30 | 5091 12.10 | 457 | 9.27 | 605 | 1223 | 1586 | 21.10 | 1237 | 6.71 | 0.27 | 0.26 | 0.00
Aug | 000 | 000 | 000 | 019 | 685 |2443 | 2540 | 29.36 | 1828 | 9.09 | 860 | 7.01 | 1048 | 13.64 | 21.38 | 1534 | 658 | 095 | 2.38 | 0.00
Sep | 000 | 0.00 | 000 | 139 | 167 | 1056 | 3403 | 4056 | 13.89 | 11.11 | 833 | 819 (972 |847 | 2069 | 1931|694 | 028 | 472 | 014
Oct | 0.00 | 0.00 | 000 | 0.00 | 3253|1196 | 1411 | 20.70 | 753 | 7.80 | 847 | 860 | 20.30 | 1290 | 15.73 | 37.10 | 1.34 | 0.81 | 0.00 | 0.13
Nov | 0.00 | 0.00 | 0.00 |0.00 | 30.14 | 36.67 | 1069 | 29.03 | 819 | 931 | 11.25| 861 | 2847 | 681 | 1056 | 931 | 056 | 028 | 0.14 | 0.00
Dec | 0.00 | 0.00 | 000 | 175 | 38.17 | 36.69 | 6.45 2621 | 538 | 672 |618 |457 | 739 |336 |3011|1935|551 |134 |081 |0.00
Jan | 000 | 0.00 | 040 | 013 | 3441 | 11.56 860 | 2137 | 524 | 954 484 | 806 | 484 | 1169 | 3266 | 1882 | 887 | 1841 | 0.13 | 040
Feb | 000 | 0.00| 000 | 0.00| 1890 | 273 670 | 33.05| 655 |2270| 521 | 1078 | 640 | 920 | 2440 | 1911 | 2961 | 244 | 223 | 0.00
Mar | 000 | 000 | 0.00 | 013 | 1358 | 10.89 | 1277 | 2164 | 739 | 2849 | 6.18| 1492 | 793 | 11.83 | 2527 | 11.83 | 23.66 | 0.27 | 3.23 | 0.00
Apr | 000 | 000 | 0.00 | 028 | 20.00 | 1528 | 1264 | 26.39| 7.08 | 2542 | 17.78 | 1444 | 25.00 | 1028 | 9.72 | 750 | 722 | 028 | 056 | 0.14
'\,gg)r/:gg 010 | N/A | 1.78 | N/A | 2231 | N/A | 2140 | N/A 816 | N/A | 752 | N/A | 1152 | N/A | 1797 | N/A | 804 | N/A | 120 | N/A
'\2\3’:82 N/A | 000 | N/A | 110 | N/A | 2621 | N/A 2259 | N/A | 1239 | N/A | 847 | N/A | 984 | N/A | 1654 | N/A | 247 | N/A | 011

*Bolded values show highest percentage within month.
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Table A-8: Frequency Distribution of HOEP plus Hourly Uplift, May 2002-April 2004
(Percentage of Hourswithin Defined Range)*
HOEP plus Hourly Uplift Price Range ($/M Wh)

00 | Hooo | s | s | 0w | w00 | s | sooo | seom | 820001

20027 2003/ 2002| 2003/ 2002 2003 2002/ 2003/| 2002 2003 2002 2003 2002 2003"| 20021 2003/] 2002 2003~] 2002 200:

2003 |,/2004 |,,2003 |,2004 |,/2003 |,2004 /2003 |,2004 |,/2003 |,/2004 |,2003 |,2004 |/"2003 |/ "2004 |,2003 |2004 |,2003 |/ 2004 2003 |/ 2004

May | 067 | 013 | 1384 | 081 | 26.34 | 39.78 | 51.34 | 1841 | 336 | 7.80 | 175 |565 | 121 |578 | 121 | 1949 | 027 |202 | 000 | 013
Jun | 056 | 000 | 389 |375 | 2750|5125 5194|986 | 333 |653 [333 542 |361 |569 |486 |1278 | 083 | 403 | 014 | 069
Jul [ 000 | 013 | 000 |202 |605 |50.94| 2823|685 | 1438|497 |739 |457 |914 |1237 | 2151 |17.88 | 11.29 | 027 | 202 | 0.00
Aug | 0.00 | 000 | 000 | 019 | 497 | 2254|1909 | 2294 | 2272 | 1572 | 981 | 1511 | 10.35 | 1420 | 20.83 | 18.18 | 7.93 | 114 | 430 | 0.00
Sep | 0.00 | 000 | 000 |125 | 125 |93l | 2819|3528 | 1819 | 1500|722 |875 | 972 |7.36 |21.94 | 2250 | 653 | 042 | 694 | 0.14
Oct | 0.00 | 013 | 000 | 000 | 2634|497 | 1747|2634 |847 |806 | 753 |739 | 1371 | 10.89 | 2419 | 4099 | 228 | 1.08 | 0.00 | 0.13
Nov | 0.00 | 0.14 | 000 | 000 | 2681 | 2417 | 11.81 | 39.72 | 847 | 750 | 903 [958 | 2264 | 6.94 | 2000 | 11.67 | 097 | 028 | 028 | 0.00
Dec | 0.00 | 013 | 000 | 134 | 3495|2392 (874 |3642|524 |712 |618 |565 |632 |323 |3078 | 1882 | 645 |336 | 134 | 0.00
Jan | 0.00| 013 | 040 | 000 | 2984 | 7.26| 1223 | 21.51 | 4.84 | 10.89 | 4.97 | 874| 484 | 10.08 | 30.11 | 20.30 | 1250 | 2043 | 027 | 0.67
Feb | 0.00| 0.00| 000| 000 | 1250 | 230 | 1012 | 2514 | 6.85| 2744 | 536 | 1221 | 699 | 848 | 21.73 | 2055 | 3363 | 3.88| 283 | 0.00
Mar | 000 | 013 | 0.00| 000 | 7.39 | 10.35| 1680 | 1909 | 7.53 | 2540 | 551 | 1747 | 887 | 1290 | 2500 | 1384 | 2527 | 081 | 363 | 0.00
Apr | 000 | 014| 000 | 014 | 1361 | 13.06 | 1653 | 2250 | 7.22 | 26.39 | 12.64 | 1583 | 26.94 | 10.83 | 1472 | 1056 | 7.78 | 042 | 056 | 0.14
“ﬁ?{:gg 010 | N/A | 153 | N/A | 1818 | N/A | 2276 | N/A | 924 | N/A | 672 | N/A | 1033 | N/A | 1977 | N/A | 951 | N/A | 1.85 | N/A
“ﬁ;“r’:gj N/A | 0.09 | N/A | 079 | N/A | 2165| N/A | 2367 | N/A | 1357 | N/A | 970 | N/A | 906 | N/A | 1896 | N/A | 318 | N/A | 0.6

*Bolded values show highest percentage within month.
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Table A-9: Total Hourly Uplift Charge, May 2002-April 2004

Total Hourly IOG* CMSC Operating L osses
Uplift Reserve
$ Millions $ Millions $Millions $ Millions $ Millions
2002 2003 2002 2003 2002 2003 2002 2003 2002 2003

2003 2004 2003 2004 2003 2004 2003 2004 2003 2004

May | 18 30 0 3 4 8 5 8 9 11

Jun | 25 37 6 14 7 5 10 11

Jul | 123 22 67 2 29 8 5 2 22 10

Aug | 117 19 47 2 46 5 2 3 22 9

Sep | 163 24 84 1 48 7 7 4 25 12

Oct | 40 27 6 2 15 9 4 2 15 15

Nov | 36 25 2 1 15 7 3 6 16 10

Dec | 56 31 23 8 13 4 3 5 18 13
Jan 34 53 4 15 9 14 3 5 18 20
Feb 60 33 14 8 17 6 3 3 25 16
Mar 49 32 8 4 16 7 3 6 22 16
Apr 38 31 3 3 14 6 7 9 13 14

*Numbers are not net of 10G offsets which was implemented in July 2002 and totalled $7.9 million in recoveries by the end of April 2004. See Table A-11 and
accompanying description.
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Table A-10: 10G Payments, Top 10 Days, November 2003 to April 2004*

Guaranteed 10G Average Peak
. Importsfor Payments 10G Demand in
Delivery ;
Day Payment S-minute
Date
Interval
(MWh) ($ Millions) ($MWh) (MW)

15-Jan-04 20,204 4.71 233.10 25,367
16-Jan-04 25,185 1.52 60.50 24,831
10-Jan-04 18,465 1.02 55.05 23,470
18-Mar-04 32,234 0.83 25.63 21,022
14-Jan-04 10,459 0.78 74.28 25,789
28-Jan-04 16,900 0.77 45.30 24,097
05-Feb-04 25,431 0.73 28.87 22,864
08-Feb-04 24,217 0.72 29.77 21,298
19-Dec-03 22,594 0.68 30.32 22,348
17-Jan-04 24,301 0.65 26.64 22,859

Total Top

10 days 12.41

Tot_al for 38.80

period

0

% of Total 300

Payments

*Numbers are not netted against |OG offset for the ‘implied wheel’.
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Table A-11: 10G Offsets due to Implied Wheeling

|OG Offset |OG Offset
($'000) %
2002 2003 2002 2003
2003 2004 2003 2004
May | N/A 286 N/A 11.3
June | N/A 430 N/A 6.6
Jul | 465 166 0.7 10.6
Aug | 745 92 16 6.1
Sep | 1,223 33 15 2.3
Oct | 27 23 05 12
Nov | 49 47 24 3.8
Dec | 582 289 2.6 3.6
Jan 170 1,368 4.6 9.0
Feb 417 692 3.0 8.7
Mar 376 329 4.5 7.8
Apr 26 67 0.9 2.7
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Table A-12: CMSC Payments, Energy and Operating Reserve, May 2002-April 2004*

Constrained Off Constrained On Total CM SC for Operating Reserves Total CMSC
Energy* Payments**
$Millions $ Millions $Millions $ Millions $Millions
2002 2003 2002 2003 2002 2003 2002 2003 2002 2003
2003 | 2004 003 2004 ) 2003 2004 2003 2004 2003 2004
May | 2.8 5.0 0.9 31 3.6 8.3 0.5 1.0 4.1 9.3
Jun | 41 7.3 12 7.0 54 145 0.3 0.7 5.6 15.2
Jul | 7.5 8.2 19.3 16 29.0 10.0 0.5 0.7 29.5 10.7
Aug | 8.2 43 23.3 0.7 46.0 53 0.1 04 46.1 5.7
Sep | 5.3 49 37.6 14 48.1 6.6 0.2 0.3 48.3 6.9
Oct | 74 6.2* 74 21 14.8 8.9 0.5 0.2 15.3 9.1
Nov | 6.4 55 7.1 0.9 15.2 6.8 0.1 04 15.3 7.2
Dec | 2.8 34 10.3 16 12.9 5.9 0.0 04 13.0 6.3
Jan 6.2 7.8 2.9 4.0 9.1 14.7 0.1 0.3 9.2 15.0
Feb 7.8 31 8.8 1.9 16.6 5.2 0.3 0.3 16.8 55
Mar 6.6 3.8 85 24 15.2 6.5 0.2 0.6 154 7.1
Apr 9.7 4.6 3.8 13 13.6 6.2 0.7 0.8 14.3 7.0
M ay-02-Apr-03 74.6 N/A 1311 N/A 229.5 N/A 35 N/A 2329 N/A
May-03-Apr-04 N/A 64.0 N/A 28.1 N/A 98.9 N/A 6.1 N/A 105.0

*The sum for energy being constrained on and off does not equal the total CM SC for energy in some months. Thisis due to the process for assigning the
constrained on and off label to individual intervals not yet being complete. Note that these numbers are the net of positive and negative CM SC amounts.
**The totals for CM SC payments do not equal the totals for CMSC paymentsin Table A-9: Total Hourly Uplift Charge as the values in the uplift table include
adjustments to CM SC payments in subsequent months.
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Table A-13: Share of Constrained On Payments by I mport and Domestic Suppliers

Domestic Imports
(%) (%)
2002 2003 2002 2003
2003 2004 2003 2004
May | 93 83 7 17
Jun | 51 33 49 67
Jul | 32 85 68 15
Aug | 17 8l 83 19
Sep | 22 82 78 18
Oct | 33 86 67 14
Nov | 34 74 66 26
Dec | 29 69 71 31
Jan 78 38 22 62
Feb 80 56 20 44
Mar 86 56 14 44
Apr 93 60 7 40
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Table A-14: Share of CMSC Payments Received by Top Facilities

November 2003-April 2004

Share of Total Payments
Received by Top 10 Facilities

Share of Total Payments
Received by Top 5 Facilities

Constrained Constrained Constrained Constrained

Off On Off On

(%) (%) (%) (%)

Nov 03 70.5 47.5 59.8 29.6

Dec 03 61.6 47.4 42.1 32.8

Jan 04 55.9 53.0 34.7 40.0

Feb 04 61.3 41.3 44.9 27.3

Mar 04 51.3 43.7 37.0 321

Apr 04 57.2 45.4 44.4 30.3

May 2002 - Apr 2003 39.0 50.0 26.7 41.0
May 2003 - Apr 2004 41.1 36.2 24.5 22.2

PUBLIC
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Table A-15: Local Market Power | nvestigation Statistics

May 2002 | May 2003
to to Total
April 2003 | April 2004
Number of LMP Investigations
Terminated (no CM SC Adjustment) 50 25 75
Completed (CM SC Adjustment) 265 189 454
Pending 0 10 10
Total Initiated 315 224 539
Inquiry Cases Terminated 5 0 5
Inquiry Cases Completed 46 0 46
CM SC Adjustment ($ million)
Completed Cases 6.2 29 9.1
Pending — Potential Adjustment - 0.6 0.6
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Table A-16: Share of Real-time MCP Set by Resource (% ), May 2002-April 2004

Coal Nuclear Oil/Gas Water
2002 2003 2002 2003 2002 2003 2002 2003
2003 2004 2003 2004 2003 2004 2003 2004
May | 75 66 0 0 1 23 24 11
Jun | 80 69 0 0 5 13 15 19
Jul | 70 66 0 0 19 25 11
Aug | 68 65 0 0 16 27 16
Sep | 58 41 0 0 18 34 23 25
Oct | 52 37 0 0 29 53 19 11
Nov | 47 66 0 0 42 25 11 9
Dec | 53 54 0 0 29 21 18 24
Jan 51 28 0 0 36 51 13 21
Feb 42 47 0 0 42 42 16 11
Mar 34 45 0 0 54 35 12 20
Apr 32 54 0 0 54 19 13 27
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Table A-17: Share of Real-time MCP Set by Resource (%), Off-Peak,
May 2002-April 2004

Coal Nuclear Oil/Gas Water
2002 2003 2002 2003 2002 2003 2002 2003
2003 2004 2003 2004 2003 2004 2003 2004
May | 67 83 0 0 33 8
Jun | 81 82 0 0 19 15
Jul | 81 85 0 0 10 9
Aug | 79 79 0 0 11 12 10
Sep | 76 438 0 0 10 18 14 34
Oct | 75 48 0 0 8 41 17 12
Nov | 67 78 0 0 18 10 15 12
Dec | 64 62 0 0 19 10 16 28
Jan 69 40 0 0 21 38 10 23
Feb 49 70 0 0 30 20 21 10
Mar 44 60 0 0 41 16 15 24
Apr 46 66 0 0 43 7 11 27
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Table A-18: Share of Real-time MCP Set by Resource (%), On-Peak,
May 2002-April 2004

Coal Nuclear Oil/Gas Water
2002 2003 2002 2003 2002 2003 2002 2003
2003 2004 2003 4 2003 2004 2003 2004
May | 86 44 0 0 3 40 11 15
Jun | 77 53 0 0 12 23 11 25
Jul | 61 47 0 0 27 42 12 10
Aug | 56 44 0 0 21 49 23 7
Sep | 35 33 0 0 30 52 36 16
Oct | 23 25 0 0 57 65 21 10
Nov | 21 53 0 0 73 42 6 4
Dec | 37 46 0 0 43 33 20 20
Jan 30 15 0 0 55 65 16 20
Feb 34 27 0 0 56 61 10 12
Mar 22 33 0 0 71 50 7 16
Apr 16 42 0 0 68 31 16 27
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Table A-19: Resources Selected in Real-time Market Schedule (%),
May 2002-April 2004

I njections Offtakes Fossil-Coal ('J::I)/Sglas Hydroelectric Nuclear
200 20037| 200 20037 200 200 200 200 200 200 200 200
2003 | 2004 | 2003 | 72004 |~ 2003 | 2004 |~ 2003 |[/2004 |~ 2003 |[2004 |,2003 | 2004
May | 2 7 1 6 16 24 5 7 33 27 45 41
Jun | 2 8 2 6 20 26 5 6 30 23 44 42
Jul | 5 5 1 8 26 30 8 6 22 21 40 46
Aug | 8 6 0 6 26 27 7 6 19 22 41 45
Sep | 8 8 1 4 25 18 6 7 19 22 43 49
Oct | 7 9 3 1 27 28 8 9 22 26 39 30
Nov | 9 6 3 3 27 23 8 7 21 28 39 39
Dec | 9 7 4 5 28 18 8 7 20 26 40 46
Jan 6 7 5 6 30 25 7 7 19 23 43 43
Feb 8 6 3 4 26 23 7 7 18 23 38 45
Mar 8 5 3 5 22 19 9 7 19 24 39 50
Apr 6 5 2 8 25 15 8 7 21 29 37 52

A-20 PUBLIC




Market Surveillance Panel Report

November 2003-April 2004

Statistical Appendix

Table A-20: Resources Selected in the Real-time Market Schedule (TWh)

May 2002-April 2004

I njections Offtakes Fossil-Coal gﬁ/ﬁ;‘s Hydroelectric Nuclear Total
200 200: 200 2003/ 200 200: 200 200 200 20037 200 200: 200 200
2003 2004 |~ 2003 | 72004 |~ 2003 | 2004 |~ 2003 | 2004 |2003 | 2004 | 2003 |2004 | 2003 |2004
May | 0.19 0.87 0.12 0.74 1.88 2.80 0.63 0.79 3.93 311 536 | 479 11.88 | 11.62
Jun | 0.29 0.95 0.23 0.69 245 3.09 0.63 0.75 3.64 2.79 538 | 4.99 12.16 | 11.88
Jul | 065 | 060 |009 |109 |362 |38 |10 |083 |308 |272 |563 |597 | 1399 |12.89
Aug | 104 (049 | 004 |059 |353 |248 |098 |058 |265 |206 |557 |411 | 1372|913
Sep | 106 |094 |013 |045 |310 |(217 |078 |079 |238 |25 |540 |577 | 1259 |11.81
Oct | 0.87 106 | 035 |017 |333 |340 [094 |110 | 274 |313 |487 |360 | 1241 |1212
Nov | 112 | 072 |040 |036 |342 |287 |100 |087 |261 |341 |491 |486 | 1266 | 1237
Dec| 116 |098 |055 |064 [375 |241 |[111 |094 |264 |344 |538 |618 | 1349 |1331
Jan 087| 106| 069| 08| 428| 374| 107| 109| 275| 335| 6.22| 6.34| 1450 | 14.73
Feb 107| 084 048 | 053] 365| 297 102 093 250| 303| 534 | 585| 1310 13.09
Mar 116| 068| 043 | 060| 317| 249 132 09| 264| 314| 552| 655| 1338|1321
Apr 082| 055 029| 093] 315| 181 105| 081 270| 335| 466| 6.16| 1209 | 11.75
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Table A-21: Offtakes by Intertie Zone, On-peak and Off-peak (MWh),
May 2002-April 2004*

MB MI MN NY PQ

2002 2003 2002 2003 2002 2003 2002 2003 2002 2003

2003 2004 2003 2004 2003 2004 2003 2004 2003 2004

Off-peak | O 0 12,227 | 8,278 0 139 57,106 | 460,429 | 9,005 20,955
4 On-Peak | O 1,045 20,264 | 33,007 | 400 2,919 20,503 | 205,235 | 550 4,777
Off-peak | o 3,312 11,334 | 9,710 1,800 943 79,837 | 350,691 | 4,495 44,240

Jun On-Peak | o 2,133 47,370 | 28,716 | 1,215 10,564 | 87,937 | 220,195 | O 23,789
Off-peak | o 14,675 | 9,216 69,856 | 1,400 18,854 | 46,353 | 521,199 | 624 43,708

oul On-Peak | o 31,929 | 53 98,096 | 540 31,828 | 30,418 | 235,600 | O 21,673
Off-peak | o 46,801 | O 7,126 0 13,817 | 26,694 | 353,700 | 350 18,348

e On-Peak | o 29619 |0 33,644 | 1,000 28,389 | 15447 | 52,269 | O 2,376
Off-peak | o 3191 | O 159 3,965 2,775 89,543 | 247,693 | 13,617 | 26,908

= On-Peak | o 24,188 | 450 1,072 4,745 11,683 | 13,625 | 86,484 | 722 13,198
Off-peak | o 40,830 | 200 446 1,140 139 258,720 | 58,563 | 26,536 | 13,949

o On-Peak | o 16,079 | 3,000 4,387 2,385 2,781 50,683 | 23,839 | 5,155 6,757
Off-peak | 130 55,006 | 250 688 0 973 267,209 | 111,894 | 41,236 | 22,004

Nov On-Peak | 114 27,79 |0 1,863 0 19,738 | 68,306 | 111,769 | 22,512 | 6,860
Off-peak | o 43116 | O 2,675 0 2,085 374,664 | 347,624 | 41,915 | 30,522

pee On-Peak | o 26,495 | 176 2,746 695 15,393 | 119,697 | 150,844 | 16,522 | 15,612
Off-peak 13| 583,207 1,415 3,797 1,260 8,340 | 363,451 | 412,602 | 37,257 | 50,457

Jan On-Peak 0| 26,656 8,306 3,463 0| 15,797 | 253,297 | 240,286 | 22,707 | 35,896
Off-peak 0| 21,875 0 555 0 0| 294,170 | 313,363 | 34,585 | 54,437

Feo On-Peak 0 7,520 510 2,820 890 3,000 | 124,145 | 100,634 | 21,346 | 28,899
Off-peak 0| 10477 2,416 3,871 139 1,964 | 316,178 | 253,878 | 19,293 | 58,351

Mar On-Peak 0 110 6,998 | 24,471 1,251 | 49,892 | 75,680 | 159,004 | 12,644 | 39,482
Off-peak 0 4,094 306 | 10,501 100 5485 | 212,969 | 481,821 | 17,487 | 57,719

s On-Peak 0 39 8,988 | 25,077 0| 40,690 | 49,824 | 260,816 2,790 | 39,770

*MB —Manitoba, M| — Michigan, MN — Minnesota, NY —New Y ork, PQ - Quebec
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Table A-22: Injections by I ntertie Zone, On-peak and Off-peak (MWh),

May 2002-April 2004*

MB MI MN NY PQ

2002 2003 2002 2003 2002 2003 2002 2003 2002 2003
2003 2004 2003 2004 2003 2004 2003 2004 2003 2004

Off-peak 60,456 85,264 | 187 318,783 | 9,182 29,752 | 348 5,374 6,422 3,765
4 On-Peak 72,027 68,058 | 176 281,276 | 2,985 21,817 | 1,416 48,009 | 37,627 | 7,012

Off-peak 73,090 73,990 | 4,671 351,737 | 16,279 | 29,390 | 4,044 9,045 28,739 | 201

un On-Peak 63,040 66,820 | 5,726 308,741 | 9,495 19,225 | 8,923 86,715 | 72,703 | 5,839
Off-peak 82,875 65164 | 35522 | 247,645 | 5,255 17,864 | 32,733 | 27,195 | 59,426 | 4,229

! On-Peak 79,410 67,930 | 96,261 | 97,847 | 2,501 4,502 88,086 | 66,803 | 171,284 | 2,016
Off-peak 106,514 | 43,836 | 208,749 | 226,597 | 11,930 | 13,026 | 20,312 | 1,570 94,465 | 6,585
A On-Peak 87,863 40,800 | 244,916 | 65,393 | 15200 | 84 95,944 | 35,758 | 154,851 | 55,109
Off-peak 100,261 | 47,388 | 257,363 | 380,029 | 19,789 | 24,651 | 68,481 | 21,330 | 12,407 | 3,799
= On-Peak 78,701 61,925 | 243,642 | 296,925 | 13,597 | 11,843 | 205,410 | 75,660 | 56,357 | 12,615
Off-peak 73,250 65,634 | 260,874 | 294,639 | 32,009 | 26,447 | 18,954 | 119,571 | 1,209 18,648
o On-Peak 62,454 54,109 | 274,506 | 263,018 | 26,843 | 17,548 | 101,980 | 163,378 | 22,430 | 32,427
Off-peak 86,173 19,669 | 406,874 | 315,854 | 31,818 | 20,249 | 17,638 | 47,658 | 105 9,551
Nov On-Peak 74,594 200 372,829 | 234,892 | 28,208 | 5,547 98,114 | 59,115 | 2,813 10,725
Off-peak 101,180 | 47,872 | 450,013 | 371,020 | 32,742 | 23,362 | 41,925 | 67,631 | 304 13,216
pee On-Peak 76,467 3,313 358,898 | 309,766 | 23,959 | 6,573 74,569 | 112,489 | 2,408 28,733
Off-peak 99,284 5790 | 298,259 | 481,990 | 33,262 | 17,708 | 14,896 | 49,852 640 5,659
Jen On-Peak 90,591 7,003 | 273,961 | 363,567 | 30,663 6,516 | 25,709 | 102,299 3,660 | 17,035
Off-peak 77,022 | 21,933 | 388,210 | 344,345 | 26,984 | 12,848 | 62,893 | 77,751 40 0
Feb On-Peak 71,136 | 17,366 | 312,942 | 257,303 | 25,107 7,572 | 103,877 | 99,389 190 720
Off-peak 62,879 | 42,797 | 454,822 | 258,140 | 32,607 4,638 | 106,813 | 35,812 0 0
Mar On-Peak 50,621 | 61,078 | 300,637 | 196,008 | 25,291 9,928 | 122,076 | 70,978 0 2,561
Off-peak 77,094 | 26,878 | 307,144 | 303,658 | 22,992 0| 51,806 5,581 7,050 0
s On-Peak 70,749 | 39,065 | 162,462 | 161,750 | 16,413 0| 88,109 8,864 | 14,865 384

*MB —Manitoba, Ml — Michigan, MN — Minnesota, NY —New Y ork, PQ - Quebec
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Table A-23: Measures of Difference between 3-Hour Ahead Pre-dispatch Prices

and HOEP
3-hour ahead pre-dispatch price minus HOEP ($MWh)
' _ _ o _ Standard Average difference
Average difference | Maximum difference |Minimum difference deviation asell_%é)lfathe
2002 2003 2002 2003 2002 2003 2002 12003 2002 2003
2003 2004 2003 2004 2003 2004~ 2003~ 2004 2003 2004
May|1.65 1311 195.83 1,976.90 |(64.61) (150.79) (1046 |75.66 [11.14 46.07
Jun|8.31 1241 418.15 405.10 (656.69) [(103.26) [42.27 |3343 |2541 38.59
Jul(87.94 7.98 1,91816 |91.16 (51.75) |(3859) [289.59 |13.97 [104.49 |29.25
Aug|36.35 8.24 1,907.36 |56.15 (512.2) (53.16) 150.18 (14.75 |47.27 24.91
Sep|42.26 6.94 1,907.67 |63.98 (928.42) |((282.68) |268.32 |(17.09 |36.25 20.39
Oct|(8.32 7.28 320.42 45.48 (108.40) ((249.97) |21.78 |17.22 |23.16 19.87
Nov|11.97 7.82 157857 |52.69 (132.85) [(53.37) [61.44 |[12.06 |31.53 [22.71
Dec|18.57 18.18 1,813.14 |73.35 (101.57) |(49.56) 131.17 |20.58 |36.47 51.31
Jan 16.68 27.09 630.95 855.39| (8L.76)| (77.54)] 38.22| 59.01 41.26 48.22
Feb 25.13 18.44| 44750 7718 (221.94)| (3354) 6171 17.75| 7589 42.22
Mar 20.00 11.93 338.30 63.43| (173.92)| (93.06)] 44.22| 1411 51.58 28.32
Apr 7.75 12.89 178.31 63.98| (333.11)| (199.13) 30.66] 15.53 22.73 34.51
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Table A-24: Measures of Differences between 1-Hour Ahead Pre-dispatch Prices and
HOEP

1-hour ahead pre-dispatch price minus HOEP ($/MWh)

_ _ _ . _ Standard Average difference
Average difference | Maximum difference |[Minimum difference e asa % of the
HOEP
2002 2003 2002 2003 2002 2003 2002 12003 |2002 2003
2003 2004 2003 2004 2003 2004)~ 2003 2004 2003 2004
May|1.61 11.04 47.89 78.53 (62.89) |(128.79) |[8.03 19.54 ]10.88 35.10
Jun|7.24 11.63 365.46 490.1 (661.69) [(225.41) |(36.44 |32.79 |23.17 38.76
Jul{77.94 7.65 1,929.71 |55.27 (48.78) |(38.59) [266.52 |13.19 |91.94 26.93
Aug|40.04 8.23 1,506.00 |52.98 (572.20) ((47.28) |166.81 |(13.96 |50.06 23.92
Sep(47.93 7.01 1,907.67 |63.14 (640.13) ((287.68) |270.92 |(16.41 |38.28 19.59
Oct(17.63 7.25 1,949.32 |47.62 (104.99) ((223.15) |103.13 |(15.46 [38.72 19.53
Nov|10.51 6.86 195.05 74.23 (139.85) |(56.49) 1951 (1147 |28.63 19.65
Dec|19.83 15.92 1,723.14 |70.15 (121.62) |(83.54) 12544 |19.33 |38.88 44.92
Jan 17.59 23.07 525.95 780.39] (80.56) (99.55) 37.84| 51.72 42.17 42.34
Feb 24.03 15.86 348.64 62.16| (219.15) (38.2) 58.33] 16.17 72.30 36.15
Mar 18.40 10.45 238.30 57.54| (126.59) (92.83)] 4098 1293 48.40 24.79
Apr 7.80 12.02 219.30 57.45| (329.11)| (191.93) 20.78| 14.74 22.50 31.29
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Table A-25: Measures of Difference between Pre-dispatch Prices and Peak Hourly MCP

1-Hour Ahead Pre-dispatch Price minus Peak Hourly MCP
Average Difference Average Difference as % of Peak
($¥MWh) Hourly MCP
y 2003 y 2003
2003 2004 2003 2004
May | (2.08) 0.81 0.2 16.8
Jun | (0.49) 0.73 14.6 21.0
Jul | 68.44 3.15 739 14.9
Aug | 28.37 2.87 37.7 12.2
Sep | 17.73 0.78 22.5 7.1
Oct | 9.43 0.58 22.4 6.8
Nov | 2.14 1.65 114 8.4
Dec | 6.55 7.15 18.2 24.2
Jan 5.75 8.19 20.5 19.4
Feb (1.58) 6.53 37.1 18.3
Mar (1.46) 2.47 20.9 9.7
Apr (9.79) 2.20 3.9 15.3
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Table A-26: Average Monthly HOEP Compared to Peak Hourly MCP

HOEP Peak Hourly MCP Peak minus HOEP
2002 2003 2002 2003 2002 2003
2003 % 2003 2004 2003 2004
May | 29.19 43.17 32.88 5341 3.68 10.25
Jun | 35.13 41.64 42.87 52.54 7.73 10.91
Jul | 58.10 40.08 67.41 44.52 9.31 4.44
Aug | 64.18 48.97 75.88 53.62 11.69 4.65
Sep | 75.19 48.56 105.37 54.81 30.17 6.26
Oct | 48.66 57.09 56.86 63.77 8.21 6.68
Nov | 49.38 40.45 57.75 45.70 8.37 5.25
Dec | 56.27 44.42 69.49 53.16 13.22 8.74
Jan 59.62 66.22 71.46 81.29 11.84 15.08
Feb 86.46 52.74 112.05 62.12 25.6 9.37
Mar 81.49 48.90 101.90 56.89 20.41 7.99
Apr 58.88 45.92 76.67 55.72 17.79 9.80
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Table A-27: Frequency Distribution of Difference between 1-Hour Pre-dispatch and HOEP, May 2002-April 2004*

1-hour ahead pre-dispatch price minus HOEP
(% of time within range)
Greater than Greater than
550,01 -$50 to-$20.01 -$20.00 to -$10.01 -$10.00 to -$0.01 $0.00 to $9.99 $10.00 to $19.99 $20.00 to $49.99 $50.00
2002 2003 2002 2003 2002 2003 2002 2003 2002 2003 2002 2003 2002 2003 2002 2003
2003 2004 2003 2004 2003 2004 2003 2004 2003 2004 2003 2004 2003 2004 2003 2004
May | 0.40 0.67 148 1.08 242 2.29 20.43 8.36 67.34 50.27 6.99 9.30 0.94 26.28 0.00 1.75
Jun | 0.28 0.84 111 3.63 1.53 251 8.89 1311 67.22 45.05 1111 8.51 8.19 21.90 1.67 4.46
Jul | 0.00 0.00 1.08 0.81 161 0.54 9.95 14.80 49.19 58.68 9.54 6.86 13.17 18.17 15.46 0.13
Aug | 0.67 0.00 2.15 0.95 1.75 152 12.65 14.02 49.39 55.68 11.57 7.58 11.84 20.08 9.96 0.19
Sep | 431 0.14 3.62 111 181 2.50 18.36 14.72 48.40 50.69 9.46 15.42 8.62 15.14 542 0.28
Oct | 0.67 0.54 0.54 0.81 1.75 1.88 14.38 14.13 48.92 52.22 13.17 14.27 17.74 16.15 2.82 0.00
Nov | 0.42 0.14 0.56 0.70 0.97 167 15.74 10.57 46.52 57.58 11.28 16.55 22.70 12.52 181 0.28
Dec | 1.21 0.13 741 121 3.10 148 16.31 6.45 37.20 43.28 7.01 11.96 23.99 29.30 3.77 6.18
Jan 0.40 0.40 2.02 2.02 1.88 3.36 11.29 10.77 41.13 30.96 8.87 11.57 24.87 29.21 9.54 11.71
Feb 5.96 0.00 4.02 0.72 3.87 1.58 13.86 5.32 22.80 38.22 6.71 18.10 20.42 33.48 22.35 2.59
Mar 3.90 0.13 2.83 1.34 3.23 1.88 13.06 9.95 31.09 42.07 10.63 23.79 19.25 20.43 16.02 0.40
Apr 2.36 0.28 3.62 0.42 3.89 1.53 16.97 7.92 36.16 37.50 14.05 29.03 18.64 22.64 431 0.69

*Bolded values show highest percentage within price range.
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Table A-28: Difference between 1-Hour Pre-dispatch and HOEP
within Defined Ranges

Hourly Difference - % of Timewithin Range
1-hour ahead pre-dispatch price
minus HOEP
Greatg) Al Equal to $0 Lessthan $0
2002 | 2003 | 2002 2003 | 2002, | 2003
2003 | 2004 2003 |~ 2004 |~ 2003 | 2004
May | 74.03 | 87.60 | 0.69 0.00 25.28 | 12.40
Jun | 88.19 | 79.78 | 0.00 0.14 11.81 | 20.08
Jul | 85.22 | 8358 | 215 0.27 12.63 | 16.15
Aug | 81.97 | 8333 |0.81 0.19 17.23 | 16.48
Sep | 71.00 |80.97 | 0.80 0.56 28.20 | 18.47
Oct | 82.70 |8250 | 0.00 0.13 17.30 | 17.36
Nov | 81.90 |86.93 | 0.00 0.00 18.10 | 13.07
Dec | 71.60 | 90.73 | 0.00 0.00 28.40 |9.27
Jan| 84.30| 8331 0.00 0.13| 15.70| 16.55
Feb | 7228 | 92.39 0.00 0.00| 27.72 7.61
Mar | 76.85| 86.56 0.13 0.13| 23.01| 1331
Apr | 72.88| 89.86 0.28 0.00| 26.84| 10.14
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Table A-29: Difference between One Hour Pre-dispatch and Peak Hourly MCP
within Defined Ranges

Hourly Difference - % of Timewithin Range

1-hour ahead pre-dispatch price
minus peak hourly MCP

Greater than
$0

2002, 2003 | 2002 2003 7| 2002 | 2003

Equal to $0 Lessthan $0

2003 |~ 2004 2003 | ~ 2004 |~ 2003 | 2004
May | 4458 | 6590 |5.83 2.83 49.58 | 31.27

Jun | 7222 |57.04 | 181 2.65 25.97 |40.31
Jul | 6599 |61.78 | 6.45 2.83 2755 | 35.40
Aug | 63.80 | 63.64 |4.17 2.46 32.03 | 33.90
Sep | 4743 | 56.39 | 2.64 4.17 49.93 | 39.44
Oct | 57.80 |55.05 |1.34 4.58 40.86 | 40.38
Nov | 54.87 | 65.09 | 2.37 2.92 42.76 | 31.99
Dec | 49.87 | 71.10 | 2.02 2.02 48.11 | 26.88
Jan | 57.93| 60.97 2.82 363 39.25| 3540
Feb | 44.71| 70.26 1.19 230| 54.10| 2744
Mar | 46.30| 68.15 2.96 282 50.74| 29.03
Apr | 50.90| 71.67 3.62 111 4548 | 27.22
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Table A-30: Percentage | ntervals with Operating Reserve Reductions
(Market Schedule), May 2002-April 2004*

No >1 MW and | >200 MW and | >400 MW and

Reductions | <200MW | <40OMW | <gooMw | ~SOMW

2002/ | 2003/ | 2002 /| 2003/ | 2002/ | 2003/ | 2002/ | 2003/ | 2002/ | 2003

2003 |/ 2004 | / 2003 |/ 2004 | / 2003 | / 2004 | / 2003 | / 2004 | / 2003 | / 2004

May | 9798 | 9698 | 083 |043 (053 |178 048 |080 |0.18 |0.02

Jun | 86.97 [96.82 |097 |015 |816 |145 321 |135 |069 |0.23

Jul | 77.83 | 98,53 | 0.6 015 1826 |065 |212 |05 |119 |011

Aug | 948 |9654 (046 |019 (109 |273 |194 |047 |171 |0.07

Sep (93.78 | 9961 {058 [005 219 |019 |183 (014 |162 |0.02

Oct | 9284 |97.77 |084 |077 |3.07 |09 |276 |030 |049 |0.19

Nov | 9797 [99.11 | 019 |042 |067 |035 |066 |013 |0.13 |O0.00

Dec| 961 |9795 |022 |045 |18 |093 (146 |05 |036 |0.12

Jan| 9768 | 981 016, 0.74] 164| 1le6| 049| 056] 003| 021

Feb| 9797 | 9868| 043, 049 118, 063 036| 019 006| 0.00

Mar | 9592 | 98.75| 016 072} 221 025 160, 029| 011, 0.00

Apr 96.2| 9799| 044| 116 198, 069 097 008| 041| 0.08

*|n previous reports, the Market Assessment Unit utilized a static OR requirement (=1,580 MW). Since
then, the MAU has refined its capability to calculate and now utilizes the approximate OR requirement for
each hour.
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Table A-31: Forecast Biasin Demand

Mean forecast difference: pre-
dispatch minus aver age

Mean forecast difference: pre-
dispatch minus peak demand in

Mean forecast difference: pre-
dispatch minus aver age
demand divided by the average

M ean forecast difference: pre-
dispatch minus peak demand

demand in the hour the hour demand divided by the peak demand
(MW) (MW) (%) (%)
3-hour ahead |1-hour ahead |3-hour ahead |1-hour ahead |3-hour ahead |1-hour ahead |3-hour ahead |1-hour ahead
2002 (2003 12002 | 2003 | 2002 | 2003 | 2002 | 2003~ | 2002 | 2003 | 2002 | 2003 | 2002 | 2003 | 2002 | 2003
2003 2004 2003 2004 2003 2004|2003 | 2004~ 2003|2004 2003 2004|2003 | 2004|2003 2004
May | 300 338 303 333 63 111 66 105 1.99 231 2.00 2.26 046 |0.78 046 |0.73
Jun (484 339 460 325 218 84 194 70 3.02 2.16 2.86 2.06 134 |0.53 118 (043
Jul | 595 417 542 380 304 141 251 104 3.30 254 |3.00 231 165 |0.86 135 |0.63
Aug| 386 356 384 345 103 85 100 74 2.18 221 2.16 211 0.57 |0.56 054 |047
Sep | 404 328 39 320 130 75 121 67 243 2.09 2.35 2.03 0.79 |047 0.71 |041
Oct 319 324 331 325 70 81 82 83 1.98 213 2.05 211 043 |056 050 |0.55
Nov | 380 366 374 357 119 101 113 93 2.25 2.26 2.20 219 0.71 065 067 |0.58
Dec|404 418 397 404 136 134 129 120 2.27 2.48 2.23 2.36 0.75 1]0.83 0.71 |0.72
Jan 375 435 378 438 114 137 117 140 1.97 2.58 1.98 257 060] 0.75] 0.61 0.74
Feb 341 422 330 401 91 167 80 146 1.79 2.34 172 221 047 0.93] 041 0.80
Mar 299 367 299 366 63 120 63 119 171 221 170 218} 0.37 0.75] 035| 0.73
Apr 291 349 292 348 65 124 67 123 184 226 183 223) 044) 0821 043 0.78
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Table A-32: Percentage of Timethat Mean Forecast Error (forecast to hourly peak)
within Defined MW Ranges (%)

>500 200 to 500 100 to 200 0to 100 Oto-100 -100to-200 | -200to-500 <-500 >0 <0
MW MW MW MW MW MW MW MW MW MW
200 200 200 200 200 200 200 200 200 200 200 200 200 200 200 200 200 200 200 200
2003 | 2004 |2003 | 72004 | 72003 |[~2004 |~2003 | 2004 | 2003 |/2004 003 |[/2004 | /2003 | 2004 |~2003 | 72004 | 2003 |[~2004 }~ 2003 004
May | 5 3 26 28 17 17 12 22 14 14 11 10 13 6 3 0 59 71 41 29
Jun | 17 6 31 23 12 13 11 17 10 16 7 11 8 13 3 1 72 58 28 42
Jul | 26 10 24 25 10 12 11 13 9 11 7 13 10 16 3 1 72 59 28 41
Aug | 10 10 25 23 11 12 16 15 14 11 8 9 13 16 3 4 62 60 38 40
Sep | 10 5 28 22 14 16 14 17 12 16 9 9 10 13 4 1 65 60 35 40
Oct 3 22 28 16 15 22 18 15 14 13 10 7 10 1 1 64 64 36 36
Nov 5 29 28 19 17 17 16 12 13 9 10 9 10 0 1 70 66 30 34
Dec | 10 8 29 28 15 17 12 15 12 14 9 8 11 9 2 1 66 68 34 32
Jan 5 8 33 33 17 15 15 13 12 10 8 9 10 11 1 1 70 70 30 30
Feb 6 5 26 35 15 19 15 17 14 12 10 7 12 5 2 1 62 76 38 24
Mar 4 6 26 33 14 16 17 16 14 11 9 8 14 9 2 2 61 71 39 29
Apr 6 7 23 30 13 17 18 15 13 14 13 8 13 9 1 1 60 68 40 32
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Table A-33: Discrepancy between Self-Scheduled Generators

Offered and Delivered Quantities

T M.aximum Minimum Average (Diflf::ri:ar?caetlﬁ/lw
Prec:)-tcziails'p\)/la\tl\(/:h Difference Difference Difference Pre-dispatch)
MW) MW) (MW) .
2002 2003 2002 2003 2002 2003 2002 2003 2002 2003
J 2003 ) 2004 2003 ] 2004 2003 2004 2003 2004 2003 2004
May | 817,406 778,341 261.43 290.51 (124.26) | (69.88) 65.21 62.34 6.55 6.26
Jun | 802,612 886,176 350.04 668.18 (333.99) | (243.79) | 65.55 93.82 471 8.65
Jul | 878,350 1,249,147 299.48 509.86 (74.80) (146.78) | 46.15 94.12 3.84 5.68
Aug | 843,516 703,045 241.39 364.83 (82.37) (193.14) | 62.06 86.83 5.61 6.92
Sep | 695,346 764,657 305.81 543.98 (32.07) (111.61) | 103.61 37.07 11.01 3.80
Oct | 900,153 821,786 196.15 154.27 (86.90) (94.26) 59.03 (0.42) 4.87 0.07
Nov | 850,818 | 964,681 | 24240 |277.22 (131.30) | (139.22) | 5580 |(573) |495 | (0.69)
Dec | 1,123,099 863,853 667.80 404.54 (317.20) | (140.32) | 96.70 (0.74) 6.39 0.11
Jan 1,188,390 1,080,865 575.70 1,317.40 | (317.90) | (834.48) 69.10 17.39 4.29 111
Feb | 801,147 | 834172| 37068 64354 | (313.42) | (249.99)| 9062| (399 712| (092
Mar 943,991 1,174,221 421.15 724.42 | (427.07) | (130.98) 51.08 11.08 4.24 0.55
Apr | 689538 | 760221| 23188 26247 | (139.09) | (11258)| 5977 | (11.35) 683 | (100)

* Self-scheduled generators a so include those dispatchable units temporarily classified as self-scheduling
during testing phases following an outage for major maintenance.
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Table A-34: Incidents and Average Magnitude of Failed I mportsinto Ontario

Number of Maximum Average Hourly Failure Rate
Incidents Hourly Failure Failure
(MW) (MW) (%)
2002 2003 2002 2003 2002 2003 2002 2003
2003 2004 2003 2004 2003 2004 2003 2004
May | 66 239 220 654 61.3 63.4 1.9 1.7
Jun | 154 151 300 687 60.5 1053 |3 1.6
Jul | 256 111 1,000 | 891 1678 |1104 |6.1 2.0
Aug | 232 87 1,121 | 389 156.7 | 90.1 34 1.6
Sep | 317 167 1,460 | 525 2026 |974 5.7 1.7
Oct | 284 279 700 792 1760 |1331 |54 34
Nov | 194 164 711 682 1268 | 1003 |22 2.2
Dec | 253 191 871 861 1503 | 1187 |32 2.3
Jan 202 287 774 1,233 804 | 1271 1.8 3.3
Feb 399 160 795 654 79.8 90.8 2.9 1.7
Mar 406 148 604 700 66.9 90.8 2.3 1.9
Apr 312 130 498 463 56.6 67.9 21 1.6
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Table A-35: Incidents and Average Magnitude of Failed Exports from Ontario

Number of Maximu_m Averag_e Hourly Failure Rate
Incidents Hourly Failure Failure
(MW) (MW) (%)
2002 2003 2002 2003 2002 2003 2002 2003
2003 2004 2003 2004 2003 2004 2003 2004
May | 120 427 400 1,020 120.2 214.9 10.7 11.1
Jun | 275 386 600 1,107 144.4 337.3 14.5 15.9
Jul | 339 464 800 1,300 247.7 343.5 49.0 12.8
Aug | 280 306 900 1,036 264.9 322.5 63.1 14.4
Sep | 188 291 500 977 201.6 236.5 23.0 134
Oct | 332 148 986 815 192.0 171.7 15.5 13.2
Nov | 179 262 800 737 156.3 158.7 6.6 104
Dec | 219 270 740 903 222.5 192.5 8.1 7.5
Jan 255 285 650 1214 1755 167.9 6.1 54
Feb 206 240 800 740 151.8 152.2 6.2 6.4
Mar 187 281 550 675 136.4 1374 5.6 6.0
Apr 254 301 500 977 142.3 188.4 11.0 5.8
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