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Executive Summary 

 

Overall Assessment 

 

Over the winter period, November 2010 to April 2011, Ontarioôs wholesale electricity 

market operated reasonably well having regard to its hybrid design. Wholesale electricity 

prices generally reflected the underlying demand and supply conditions. There were 

occasions where the design of generation contracts, actions by market participants, or 

actions taken by the IESO led to inefficient outcomes. The Panel continues to identify 

areas for improvement in the market and in this report makes four recommendations, 

which are reproduced at the end of this Executive Summary.  

 

The MSP did not find an abuse of market power to have occurred in this period. In 

August 2011, the Panel concluded its investigation of an alleged abuse of market power 

by Ontario Power Generation (OPG) related to that companyôs operation of its coal-fired 

generating units. The Panel concluded that OPG coal-fired generation offers did not 

constitute an exercise or abuse of market power. The Panel currently has five 

investigations underway, all of which relate to possible gaming issues. 

 

Demand and Supply Conditions 

 

Ontario demand was 144 TWh for the period May 2010 to April 2011, up 5.7 TWh (four 

percent) compared to the previous period. With one exception, demand in all months in 

the 2010/2011 period was higher than in 2009/2010 (October 2010 was slightly lower 

than October 2009). The increase in demand came in part from customers served by local 

distribution companies (LDCs). Electricity consumption by wholesale customers (i.e. 

large industrial and natural resource customers that are directly connected to the IESO-

controlled grid), which hit a record low in mid-2009, also increased marginally.  
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There were several significant changes to Ontarioôs supply mix in the 12 months to April 

30, 2011. There were 1,626 MW of capacity added into the market (roughly a 5 percent 

increase), 1,026 MW from two large gas-fired generators, 330 MW from four large wind 

generators, and 270 MW from new or returning small hydro electric stations. 

 

OPG shut down four coal-fired units (2,000 MW of capacity) in October 2010, in 

advance of the Ontario Governmentôs requirement that coal-fired generation be phased 

out by the end of 2014. Shutting down these four units reduced Ontarioôs supply capacity 

by approximately five percent, and reduced Ontarioôs coal-fired generating capacity by 

31%. 

 

Market Prices, Uplifts and the Global Adjustment 

 

The average HOEP for the May 2010 to April 2011 period was $35.64/MWh, up from 

$28.27/MWh (26.1 percent) one year earlier. Both on- and off-peak average HOEP 

increased this year. One major reason for the sharp increase in HOEP was an increase in 

electricity demand as Ontario started to recover from the economic recession. 

 

Hourly uplift totalled $239 million in the period May 2010 to April 2011, down from 

$330 million in the preceding year. The main reason for the decrease was a reduction in 

CMSC payments and lower operating reserve prices. An important source of reduction in 

CMSC payments was a reduction in constrained-off payments to importers at the 

Manitoba interface.  

 

At the start of 2011, a new method of allocating Global Adjustment (GA) charges was 

introduced. Before 2011, GA was allocated to all Ontario customers based on MWh of 

consumption. Under the new method, large industrial customers that meet certain criteria 

(called Class A customers) now pay a fixed percentage of monthly GA regardless of the 

amount of energy they consume. The new allocation method has reduced the amount of 

GA charges paid by Class A customers. For the period of January 1, 2011 to April 30, 

2011, the first four months that the new allocation method was in place, GA paid by 
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Class A customers averaged $24.41/MWh, compared with $38.03/MWh for all other 

customers. During the May to December 2010 period, when the old volumetric allocation 

method was used, all customers paid $24.98/MWh of GA. 

 

Market Outcomes 

 

Coal units continued to be the most frequent marginal resources in real-time although 

they were at the margin far less often than in prior years (37 percent of intervals in May 

2010 - April 2011 compared to 45 percent in 2009/2010). Shares for gas-fired units 

increased significantly to 36 percent of intervals, compared to 23 percent in the prior 

year. 

 

Generators were at the margin in the final one hour ahead pre-dispatch run 67 percent of 

the time (up from 50% the year before) Exports were at the margin 18 percent of the time 

(24 percent a year earlier) and imports 15 percent of the time (26 percent a year earlier). 

 

On average, there were improvements in 2010/2011 in both the average and absolute 

average differences between HOEP and final pre-dispatch prices.  The average difference 

decreased from $3.23/MWh to -$1.06/MWh while the absolute average difference 

decreased from $6.41/MWh to $5.49/MWh. The average difference was negative in eight 

out of 12 months in 2010/2011, indicating that, on average, the HOEP was greater than 

the pre-dispatch price in these months, which is the opposite of the usual historic 

relationship. 

 

Average internal zonal shadow prices were higher by 20 percent or more in 2010/2011 

relative to the previous period, consistent with higher Ontario demand. The average 

Richview nodal price was $37.38/MWh in the most recent period, which is $7.50/MWh, 

or 25 percent, higher than the previous period.  The average zonal price in the Northwest 

zone rose to -$167.59/MWh, compared with -$363.06/MWh during the 2009/2010 

period. As observed in previous reports, bottled supply in the Northwest is the primary 

reason for the consistently large negative zonal prices in this area.   
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Operating Reserve (OR) prices dropped by approximately 60 percent over the prior year 

as the amount of offered reserve increased with new gas-fired units coming on-line and 

low water availability. Since October 2009, there also appears to be a convergence of the 

10-minute spinning and non-spinning OR prices (which are typically similar) and the 30 

minute OR prices (which historically have been lower). 

 

In spite of increased demand in 2010/2011, supply cushions were higher this year than a 

year earlier. This was primarily due to new wind and gas-fired generation resources. The 

average monthly pre-dispatch (one-hour ahead) supply cushion increased from 16.6 

percent in 2009/2010 to 20.4 percent in 2010/2011. The average monthly real-time 

supply cushion increased from 18.8 percent to 21.5 percent. In addition, the real-time 

supply cushion was 10 percent or lower in 918 hours (or 10.5 percent of the time) in 

2010/2011 compared to 1,369 hours in 2009/2010. 

 

Planned outages at fossil-fired and nuclear units remained stable in the past year, while 

planned outages at coal-fired generators increased. The increase in planned outages at 

coal units is consistent with the Governmentôs coal phase-out policy. Forced outage rates 

at coal-fired generators also increased during the year. More noticeable is the increase in 

forced outage rates at gas-fired generators in the past two years, which reflected more 

new gas-fired generators under commissioning. On the other hand, the nuclear forced 

outage rate decreased after reaching a high of 30 percent in May 2009.     

 

Changes in Ontario HOEP were generally consistent with price trends in neighbouring 

jurisdictions. Prices in New England, and to a lesser extent PJM, sometimes diverged 

considerably from prices in other interconnected markets. Those two jurisdictions were 

almost always the most expensive regions and saw prices soar above the other 

jurisdictional prices from December 2010 to February 2011.  The average annual HOEP 

was persistently and materially lower than all other jurisdictions except MISO. 
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Anomalous Events 

 

There was one hour in the winter period in which the HOEP exceeded $200/MWh in the 

period November 2010 ï April 2011. The instance was consistent with normal 

supply/demand variation when at least one of the following occurred: 

 real-time demand was higher than the pre-dispatch forecast of demand;  

 one or more imports failed during real-time;  

 one or more generating units available in pre-dispatch become unavailable in real-

time as a result of a forced outage or derating; and/or 

 a significant increase in net exports.  

 

The interval MCP reached $2,000/MWh (the maximum permitted by the Ontario market 

rules) twice in the winter period, indicating a supply shortage condition in the two 

intervals. 

 

There were 515 hours in which the HOEP was less than $20/MWh, of which there were 

53 hours in which the HOEP was negative.  The high frequency of low or negative-priced 

hours was a continuation of the trend in the past couple of years, mirroring the general 

trend of low Ontario demand and the increase to Ontario baseload supply or generation 

that is offered like baseload supply.  Primary factors that contribute to a low or negative 

HOEP include: 

 low market demand (Ontario demand plus external demand); 

 abundant low-priced supply; and 

 failed export transactions. 

 

During the review period November 2010 to April 2011, there were no hours when the 

anomalous uplift criteria were met. 
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Matters to Report in the Ontario Electricity Marketplace  

 

Wind Generation Forecast 

 

Wind generators are treated as non-dispatchable in real-time by the IESO. In other words, 

their output is their schedules and is placed at the bottom of the real-time energy supply 

stack when the real-time market clearing price (MCP) is established. However, they are 

treated as dispatchable in pre-dispatch based on their forecast of output and their pre-

dispatch schedules may be different from their actual output. This creates two major 

problems. 

 First, the pre-dispatch price may be significantly distorted if the wind resources 

significantly over- or under-forecast their output. The distorted pre-dispatch price 

signal may induce inefficient intertie transactions and/or generation commitment 

decisions. 

 Second, even though the wind resources have accurately forecast their output, the 

real-time price may turn out to be significantly lower than the pre-dispatch price 

when the wind resources are marginal or supra-marginal in pre-dispatch. In this 

case, the real-time price is distorted as it does not reflect the actual real-time 

supply/demand situation. 

 

The Panel believes that a transparent wind output forecast would improve the rationality 

of price expectations by market participants and promote more efficient supply/demand 

decisions.  

 

Pre-dispatch Frequency 

 

The IESO runs its pre-dispatch algorithm hourly. Two important outcomes result from 

the pre-dispatch run: intertie transactions are scheduled and generators make their unit 

commitment decisions. All intertie transactions that are scheduled in the final one hour 

ahead pre-dispatch run are fixed for the whole dispatch hour. 
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The hourly pre-dispatch runs are based on forecast Ontario demand for the hour. The 

forecasts are made using estimated peak demand during the ramping-up hours (HE 6-9 

and HE 16-19) and average demand during non-ramping-up hours. When demand over 

the course of the dispatch hour remains relatively flat, the use of a single hourly forecast 

(whether peak or average demand) for intertie scheduling and unit commitment does not 

have a significant effect on market efficiency. However, when demand is expected to 

increase or decrease significantly over the course of the dispatch hour, scheduling intertie 

transactions and making unit commitment based on a single forecast for the entire hour 

can lead to inefficient intertie transactions and unit commitment. A sharp change in 

intertie transaction from one hour to the next can also lead to a large ramping 

requirement. These negative consequences could be mitigated if more frequent intertie 

scheduling were implemented.  

 

Change in GA Allocation 

 

In 2010, the Government of Ontario amended Ontario Regulation 429/04 to change the 

way in which GA charges are allocated to customers. The amended regulation creates 

two classes of customers ï Class A customers (which have an average peak demand of 

more than 5 MW for a defined base period), and Class B customers (all other customers). 

Given the significant demand threshold to be classified as a Class A customer, such 

customers tend to be large industrial or natural resource entities.  

 

Beginning in January 2011, when the revised regulation took effect, total GA charges for 

each month have been allocated between Class A and Class B customers based on the 

relative contribution of each group to hourly Ontario demand during the five coincident 

peak hours in the preceding period (the Base Period). For example, if a Class A customer 

responsible for 1 percent of system demand (MW) during the five peak hours in the Base 

Period, it will be charged 1 percent of GA during the Billing Period. This is true even if 

the Class A customer has consumed more (or less) than 1 percent of the total energy 

(MWh) used in Ontario during all the remaining hours in the Base Period. In contrast, all 

Class B customers will continue to pay the GA based on their actual energy consumption 
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in the month (i.e., the volumetric allocation method that had been used before 2011 to 

allocate GA to all customers). The Panel intends to analyze the market efficiency, 

demand response, and other consequences of the new GA allocation method in its next 

semi-annual report. 

 

Constrained-on CMSC Payments to Dispatchable Loads and Exporters when their Bid 

Price is Negative  

 

In its January 2010 Monitoring Report, the Panel recommended that the IESO should 

mitigate the CMSC payable to dispatchable loads and exporters by utilizing a 

replacement bid price such as $0/MWh when such customers bid at negative prices. After 

consultation with market participants, the IESO implemented a new rule on December 3, 

2010 which uses a -$50/MWh replacement bid amount for dispatchable loads and a          

-$125/MWh replacement bid for exporters. 

 

The replacement bid for dispatchable loads was set based on an estimate of all costs a 

load would incur when it is constrained-on by the IESO. GA charges are the largest 

single cost included in the -$50/MWh replacement bid for dispatchable loads. Given the 

change in the GA allocation in January 2011, dispatchable loads will not incur any extra 

GA charges when they are constrained-on unless the hour happens to be one of the five 

peak hours in a year. It seems highly unlikely there could be negative shadow prices 

(which may lead a load with a negative bid to be constrained-on) in the peak hours. 

 

The Panel will take a further look at the replacement bid for exporters and determine if 

there are alternative replacement bids that could both improve market efficiency and 

reduce uplift charged to Ontario customers. 

 

Wind Dispatchability 

 

As of April 2011, the total installed wind capacity had grown to about 1,400MW. The 

introduction of the OPAôs feed-in-tariff (FIT), which occurred subsequent to the 
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publication of the Integrated Power Supply Plan (IPSP) in 2007, has led to a significant 

increase in expected installed capacity of renewable resources compared to what had 

been originally forecast under the IPSP.  Under the IPSP, the OPA forecast 

approximately 3,000 MW of installed wind, solar and biomass capacity.
 
The OPA is now 

anticipating as much as 6,600 MW of renewable resources may be contracted for under 

the FIT program by the end of 2013. 

 

In the past, the Panel observed that an increased wind capacity will result in more 

incidents of surplus baseload generation (SBG) and supported the IESOôs efforts to make 

wind resources dispatchable. In this report, the Panel further investigates the negative-

price hours and finds that making wind resources dispatchable could improve market 

efficiency and the price signal. 

 

The Panelôs Activities 

 

Investigations 

 

In 2010 the Panel received a complaint from a trader regarding alleged withholding by 

Ontario Power Generation Inc. (OPG), the operator of the 15 coal-fired generation units 

in the province.  The complaint alleged that OPG had exercised and abused market power 

by withholding supply of coal-fired generation, particularly during the months of 

September through November 2009.   

 

The Panel examined various potential factors affecting OPGôs supply of its coal-fired 

generation, including actions taken by OPG to implement its CO2 emission reductions 

strategy.  To assess the complaint, the Panel analyzed information provided by the 

complainant along with market information regarding supply, demand, pricing, and other 

relevant factors.  The Panel also ran simulations to assess the potential impact on prices 

and generator output levels had OPGôs coal units been offered into the market in their 

standard historical fashion.  In addition, the Panel obtained and analyzed a significant 

amount of information from OPG regarding its offer strategies for coal-fired units. This 
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included both high-level strategies and specific actions taken during the 13 days where 

OPGôs alleged withholding had the highest potential market impact as identified by the 

Panel. 

 

The Panel concludes that the negative financial impacts experienced by the 

complainant in its trading and contracting activities, including on its investments 

in transmission rights, were not the result of an exercise or abuse of market power 

by OPG. 

 

The Panel currently has five investigations in progress.  All relate to possible gaming 

issues involving Congestion Management Settlement Credit (ñCMSCò) payments and, in 

some cases, other related activities.   

 

Advisory Opinion 

 

MSP By-law #3 contemplates that the OEB Chair may assign activities to the Panel in 

relation to surveillance of electricity markets.  In response to a market participant, the 

OEB Chair requested that the Panel provide an advisory opinion regarding proposed 

conduct.  The Panel is currently awaiting responses to information requests before 

completing its analysis and preparing the advisory opinion.   

 

Monitoring Document 

 

As a result of the Panelôs concerns about the magnitude of CMSC payments to ramping-

down generators (approximately $1 million per month, much of which is self-induced 

through unnecessarily high offer prices), the Panel developed, consulted and finalized a 

Monitoring Document regarding offer prices used to signal an intention to come offline.  

In brief, it indicates that where there are bona fide business reasons for a generator to 

come offline the Panel will normally not consider a gaming investigation to be warranted 

if the generator utilizes an offer price that is not higher than the greater of (i) 130% of the 
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generatorôs 3-hour ahead constrained schedule pre-dispatch price, or (ii) the generatorôs 

marginal (or other incremental or opportunity) cost. 

 

Recommendations  

 

The Panel has made four recommendations to the IESO in this report. 

 

Transparency 

 

Data transparency promotes efficient supply/demand decisions. 

 

Recommendation 2-1 

The Panel recommends that the IESO publish the most current aggregate wind 

generation forecast information that is available.  The published information should be 

updated on an hourly basis and should cover all future hours for which wind 

generation forecasts are available.  

 

Dispatch 

 

Efficient dispatch is one of the primary objectives to be achieved from the operation of a 

wholesale market. 

 

Recommendation 2-2 

The Panel recommends that the IESO and the Electricity Market Forum investigate 

increasing the frequency with which interties are scheduled in order to improve market 

efficiency and price fidelity. In conjunction with any such increase, the IESO should 

explore parallel increases in the frequency of the forecasts of demand and the output 

from wind and other intermittent generation, as well as pre-dispatch schedules.  
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Price Fidelity 

 

The Panel regards price fidelity as being of fundamental importance to the efficient 

operation of the market. 

 

Recommendation 2-3: 

The Panel recommends that the IESO accelerate its efforts under Stakeholder 

Engagement (SE-91) to make wind generators dispatchable. 

 

Uplift Payments 

 

The Panel examines uplift payments both in respect of their contribution to the effective 

price and also their impact on the efficient operation of the market. 

 

Recommendation 3-1  

The Panel recommends that for the purposes of calculating constrained-on CMSC 

payments made to dispatchable loads that have bid at a negative price, the IESO should 

set a new replacement bid price that does not take into account any global adjustment 

charges. This new price would be higher than the current replacement bid price  

of -$50/MWh. 
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Chapter 1:  Market Outcomes 

 

The Market Surveillance Panel (MSP) is responsible for monitoring and evaluating the 

operation of the IESO-administered wholesale electricity markets and the conduct of 

market participants.
1
  This chapter reports the outcomes in the wholesale electricity 

market for the semi-annual period November 2010 to April 2011.
2
 In addition, this 

chapter includes various data for the annual period between May 2010 and April 2011, 

with comparisons to prior annual periods. 

 

1. Highlights of Market Indicators 

 

This chapter focuses on market indicators related to pricing, demand, supply, and 

import/export activity. 

 

1.1 Pricing 

This periodôs average Hourly Ontario Energy Price (HOEP) was $35.64/MWh, 

representing an increase of 26 percent over the previous annual periodôs average of 

$28.27/MWh.  The final cost of electricity to Ontario customers can be significantly 

higher than the wholesale price after the addition of delivery, the Global Adjustment 

(GA), and other regulatory charges. 

 

The Global Adjustment (GA) averaged $28.64/MWh for all customers, a decrease of 

$6.37/MWh (or 18 percent) from the corresponding period a year earlier based on total 

consumption.  The decrease in the GA is partly attributable to the increase in HOEP and 

reflects the inverse relationship between HOEP and GA.  For the period of May to 

December 2010, the GA averaged $24.98/MWh for all customers.  Effective January 1, 

                                                 

 
1
 Ontario Energy Board By-law #3: Market Surveillance Panel, available at: 

http://www.ontarioenergyboard.ca/OEB/_Documents/About%20the%20OEB/OEB_bylaw_3.pdf 
2
 The Panelôs February 2011 Monitoring Report provides additional detail regarding the six month period 

from May to October 2010. 
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2011, the GA allocation approach for Class A customers changed.  (Class A customers 

are typically customers with large consumption volume.  For details, see Section 3.1 in 

Chapter 3.)  The change effectively increased the GA paid by smaller customers and 

reduced the GA paid by larger customers.
3
  For the period of January 1, 2011 to April 30, 

2011, the GA for the former averaged $38.03/MWh compared with $24.41/MWh for the 

latter. 

 

Given the magnitude of the GA and uplift charges, the Panel also reports the effective 

wholesale market price for electricity.  Effective price is the ñall-inò price to domestic 

customers and is composed of average HOEP, the GA (and the OPG rebate until it was 

eliminated in 2009) and uplift charges.  Over the period from May 2010 to April 2011, 

the effective price was $67.63/MWh, representing a 1 percent increase from the prior 

year.  Broken down pre- and post- GA allocation change, the May 2010 to December 

2010 effective price was $64.83/MWh, while the effective price for the period of January 

to April 2011 was $71.69/MWh for smaller customers and $56.96/MWh for larger 

customers.
4
  

 

1.2 Ontario Demand 

Total Ontario Demand was 144.03 TWh this period, up 5.8 TWh (4 percent) compared to 

the previous annual period.  All months saw an increase this period over last, except 

October which saw a slight decrease.  May and July experienced the largest proportional 

increases of 9 and 18 percent, respectively. 

 

                                                 

 
3
 For a more detailed explanation of the change to the Global Adjustment allocation approach and the 

definitions of the larger (Class A) and smaller (Class B) customer groupings, see section 3.1 of Chapter 3.  
4
 The discrepancy between the price paid by an average small customer and an average large customer is 

greater than what is reflected by the effective price for these two categories of customers.  This is because 

between the two categories of customers, a greater percentage of large customersô consumption occurs 

during off-peak hours when actual HOEP is lower than the average HOEP, and a greater percentage of 

small customersô consumption occurs during on-peak hours when actual HOEP is higher than average 

HOEP.  See Table 1-2 below. 
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1.3 Supply 

There were several significant changes to Ontarioôs electricity supply sources between 

May 2010 and April 2011.  There were 1,626 MW of capacity added into the market 

(roughly a 5 percent increase).  Of this added supply 1,026 MW was from two large gas-

fired generators, 330 MW from four large wind power generators, and 270 MW from 

new or returning small hydroelectric stations. 

 

However, four coal-fired units totalling approximately 2,000 MW of generation capacity 

were shut down in October 2010, in advance of the Ontario Governmentôs requirement 

that coal-fired generation be phased out by the end of 2014.  These four units represented 

a reduction to Ontarioôs supply capacity of approximately 5 percent, and a 31 percent 

reduction of the coal-fired generating capacity. 

 

1.4 Imports and Exports 

Net exports increased slightly by 0.15 TWh (2 percent) to 9.25 TWh during the 

2010/2011 period.  A decline of 0.88 TWh in off-peak net exports was more than offset 

by the 1.03 TWh gain in on-peak net exports.
 5
  

 

This overall increase in net exports was the result of a 0.55 TWh drop in imports (8 

percent decline) that exceeded the 0.40 TWh drop in exports (3 percent decrease).  

 

2. Pricing 

 

2.1 Hourly Ontario Energy Price 

Table 1-1 presents the monthly average HOEP for May to April 2009/2010 and 

2010/2011.  The average HOEP for the May 2010 to April 2011 period was 

$35.64/MWh, up from $28.27/MWh (26.1 percent) one year earlier.  Both on and off-

                                                 

 
5
 In Ontario, off-peak hours are all hours during weekends and holidays and from delivery hour 24 to 7 

during weekdays. All other hours are on-peak hours. 
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peak average HOEP increased this year, although the percentage change was lower 

during the on-peak hours than off-peak hours (21.4 percent increase in on-peak HOEP 

compared to a 31.8 percent increase in off-peak HOEP).   

 

The average HOEP was higher in most months, with the most significant year-over-year 

changes occurring in the June, July, and August 2010.  In July 2010, the HOEP was 168 

percent higher than the previous July average.  The higher prices in summer 2010 were 

primarily a result of higher demand, reduced peaking hydro supply due to dry weather, 

and increased fuel prices for both coal and natural gas. 

 

Table 1-1:  Average HOEP, On-peak and Off-peak  
May ï April 2009/2010 & 2010/2011 

($/MWh) 

Month 

Average HOEP Average On-Peak HOEP Average Off-Peak HOEP 

2009/ 

2010 

2010/ 

2011 

% 

Change 

2009/ 

2010 

2010/ 

2011 

% 

Change 

2009/ 

2010 

2010/ 

2011 

% 

Change 

May 27.77 38.77 39.6 35.35 44.87 26.9 22.04 34.16 55.0 

June 22.84 40.36 76.7 30.58 45.49 48.8 15.43 35.44 129.7 

July 18.99 50.83 167.7 24.19 65.84 172.2 14.31 38.46 168.8 

August 26.07 44.41 70.3 34.92 52.39 50.0 19.40 37.84 95.1 

September 20.76 32.91 58.5 27.62 37.88 37.1 14.75 28.56 93.6 

October 29.22 29.39 0.6 34.92 34.12 (2.3) 24.53 25.82 5.3 

November 26.54 31.89 20.2 32.66 34.97 7.1 21.18 28.94 36.6 

December 35.05 33.83 (3.5) 39.62 36.98 (6.7) 31.28 31.23 (0.2) 

January 37.40 31.92 (14.7) 40.93 37.27 (8.9) 34.73 27.88 (19.7) 

February 35.90 33.29 (7.3) 39.95 34.84 (12.8) 32.56 32.01 (1.7) 

March 28.22 31.23 10.7 30.89 33.29 7.8 25.62 29.20 14.0 

April  30.83 28.37 (8.0) 37.57 35.71 (5.0) 25.43 23.01 (9.5) 

Average 28.27 35.64 26.1 33.92 41.19 21.4 23.52 31.01 31.8 

 

Figure 1-1 presents the frequency distributions of HOEP over the last two years.  During 

the May 2010 to April 2011 period, the HOEP fell into the $30-40/MWh price range in 

55 percent of all hours, compared to 38 percent in the prior year.  There was also an 

increase in frequency for all high price ranges in the 2010/2011 period, and a 

corresponding decline in all low price ranges. 

 



Market Surveillance Panel Report   Chapter 1 

November 2010 ï April 2011 

 

 PUBLIC 5 

 

Figure 1-1:  Frequency Distribution of HOEP  

May ï April 2009/2010 & 2010/2011 

(% of total hours in $10/MWh price ranges) 

 

 

2.1.1 Load-weighted HOEP 

 

Table 1-2 reports the load-weighted HOEP by load type for the 2009/2010 and 

2010/2011 periods.  Load-weighted HOEP provides a more accurate representation of the 

actual price paid by loads since it is weighted by hourly demand.  Similar to the un-

weighted HOEP, there were significant increases in the load-weighted HOEP for all load 

types in 2010/2011. 

 

As expected, the average load-weighted HOEP was lowest for the dispatchable load 

category at $34.74/MWh ($2.43/MWh, or 6.5 percent, less than the overall load-weighted 

HOEP for all loads).  To the extent possible, these resources attempt to avoid higher price 

periods by reducing consumption or shifting it to lower-price periods.  To some extent 

other wholesale loads follow a similar strategy and correspondingly paid an average load-

weighted HOEP of $36.23/MWh ($0.94/MWh, or 2.5 percent, less than for all loads 

overall).  However, these loads experienced the largest year-to-year increases in both 
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absolute and percentage terms, implying that they were less effective at avoiding the on-

peak price in the recent year, relative to other loads. Local Distribution Company (LDC) 

load, 
6
 which generally represents the least price responsive component of load, paid an 

average load-weighted HOEP of $37.39/MWh ($0.22/MWh, or 0.6 percent, more than 

for all loads overall). 

 

Table 1ï2 also shows the average load-weighted HOEP for Class A and B customers. As 

expected, Class A customers, who typically consume less at on-peak hours, have paid a 

lower price in both years.  The average price differential between Class A and Class B 

customers was $1.83/MWh in 2010/2011, compared to $1.53/MWh a year ago. 

 

Table 1-2:  Load-Weighted Average HOEP by Load Category  
May ï April 2009/2010 & 2010/2011 

($/MWh) 

 

2.2 Effective Price (including Global Adjustment, OPG Rebate and Uplifts)  

 

Figure 1-2 plots the monthly average HOEP and effective price between May 2005 and 

April 2011 as well as the GA and the OPG Rebate.
7
  Uplift payments

8
 are also included 

                                                 

 
6
 These are customers settled with local distribution companies and have no direct link with the IESO. The 

customers include those who are subject to the regulated rate plan and those who are charged based on 

interval wholesale pricing. 
7
 The OPG Rebate was based on regulated compensation arrangements to OPGôs non-prescribed assets.  It 

was discontinued in April 2009.  
8
 Historically the Panel had included hourly uplift but not monthly uplift in the effective price.  The 

effective prices for prior years have been restated to incorporate the monthly uplifts. 

Year 

Unweighted 

HOEP 

Load-weighted HOEP 

Dispatchable 

Load 

Other 

Wholesale 

Loads 

LDCs All Loads  Class A Class B 

2009/2010 28.27 27.95 28.35 29.90 29.72 28.22 29.75 

2010/2011 35.64 34.74 36.23 37.39 37.17 35.25 37.08 

Difference 7.37 6.79 7.58 7.49 7.45 7.03 7.33 

% Change 26.1 24.3 27.8 25.1 25.1 24.9 24.6 
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in the effective price as they are additional payments by customers.  From May 2005 to 

April 2011, the effective price for all customers has been gradually increasing, from 

about $50/MWh to roughly $70/MWh. 

 

Figure 1-2:  Monthly Average Effective Price (HOEP Adjusted for OPG Rebate, 

Global Adjustment, and Uplift)  

May 2005 ï April 2011 

($/MWh) 

 

               *Note ï OPG Rebate was discontinued after April 2009 

 

The GA has been increasing since the beginning of 2009 mainly for two reasons.  First, to 

the extent that the price paid to generators under price-guaranteed Ontario Power 

Authority (OPA) contracts exceeds the HOEP, the balance of the contract payment must 

be recovered from Ontario customers through the GA.  Accordingly there is a negative 

correlation between the HOEP and the GA.  The substantial decline in average HOEP 

beginning in March 2009 triggered substantial increases in the GA.  Second, more OPA 

contracted energy has come online and the rates paid under these contracts (e.g. the 

contracts with wind and solar power generators) typically exceed the average HOEP by a 

significant margin.  
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2.2.1 Hourly Uplift and Components 

 

Table 1-3 reports the monthly total hourly uplift charges for the last two reporting 

periods.  Total hourly uplift charges dropped from $329.6 million in 2009/2010 to $239.1 

million in 2010/2011, a reduction of 27 percent.  Payments due to losses increased, while 

Import Offer Guarantee (IOG), Congestion Management Settlement Credits (CMSC) and 

Operating Reserve (OR) payments fell significantly. 

 
Table 1-3:  Total Hourly Uplift Charge by Component and Month 

May ï April 2009/2010 & 2010/2011 
($ millions and % of total) 

 

Month 

Total Hourly 

Uplift  
IOG CMSC Losses 

Operating 

Reserve 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

May 45.6 19.9 1.0 0.5 25.0 9.6 8.8 9.5 10.8 0.4 

June 37.4 21.3 1.5 0.1 21.4 11.2 7.6 8.8 7.0 1.1 

July 36.5 30.1 5.7 0.5 18.0 13.7 5.7 14.5 7.1 1.5 

August 28.5 25.3 1.4 0.3 12.2 10.3 8.4 12.6 6.5 2.1 

September 20.0 20.5 2.4 0.5 11.0 8.5 3.7 8.3 3.0 3.3 

October 21.0 14.1 2.0 0.3 10.3 5.5 7.5 7.1 1.2 1.3 

November 25.0 14.8 0.5 0.1 14.7 6.6 6.7 7.0 3.1 1.1 

December 24.9 23.0 1.1 0.4 10.4 8.5 10.3 10.4 3.1 3.7 

January 26.0 18.7 0.9 0.5 11.6 5.9 10.1 10.1 3.4 2.2 

February 22.7 14.2 0.5 0.4 10.6 5.0 9.2 7.5 2.4 1.3 

March 23.7 17.0 0.9 0.4 12.5 7.1 7.5 8.4 2.8 1.1 

April  18.4 20.2 0.7 0.4 10.5 7.7 6.9 7.3 0.3 4.7 

Total 329.6 239.1 18.6 4.4 168.2 99.6 92.4 111.5 50.5 23.8 

% of Total  100.0 100.0 5.6 1.8 51.0 41.7 28.0 46.6 15.3 10.0 

 

Major factors contributing to the changes in uplift are summarized below: 

 

 IOG Payments ï Annual IOG payments dropped over the last two annual 

reporting periods from $18.6 million to $4.4 million (a 76 percent decrease).  

There are two major reasons for the reduction: a smaller average difference 

between pre-dispatch and real-time prices, and a lower volume of imports 

receiving the guarantee payments.
9
  

                                                 

 
9 See section 5.2 below for import volume statistics. 
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 CMSC Payments ï CMSC payments decreased by $68.6 million (a 41 percent 

decrease).  The largest monthly payment of $13.7 million occurred in July 2010 

and the smallest monthly payment of $5.0 million occurred in February 2011.   

 Losses ï Total payments due to losses increased by $19.1 million (21 percent) this 

period over last.  Increases occurred in nine months, with July experiencing the 

greatest increase of $8.8 million relative to the year prior.  The increase in 

payments is consistent with the rise in HOEP that occurred in almost every month 

(as seen in Table 1-1) because payments to generators for losses are directly 

related to the price of energy as well as the quantity of losses incurred.  

 Operating Reserve Payments ï Annual OR payments fell by $26.7 million (52.9 

percent) from $50.5 million in 2009/2010 to $23.8 million in 2010/2011.  Eight 

out of twelve months saw substantial decreases in total OR payments compared to 

the previous year.  This is consistent with the significant decline in OR prices 

observed in most months of 2010/2011, as reported in Tables 1-21 and 1-22 

below. 

 

Figure 1-3 plots hourly uplift charges in millions of dollars and in $/MWh between May 

2003 and April 2011.  Generally, the hourly uplift charges have been decreasing since 

early 2008 and reached all time lows in October 2010 and February 2011 at $14 million.  
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Figure 1-3:  Total Hourly Market Uplift and Average Hourly Market Uplift 

May 2003 ï April 2011 

($ millions and $/MWh) 

 
 

2.2.2 Monthly Uplift and Components 

 

Table 1-4 below reports the monthly uplift.  The monthly uplift consists of charges that 

are not allocated to a specific hour, such as start-up costs under the Generation Cost 

Guarantee (GCG) programs, the cost of Automatic Generation Control (AGC), Voltage 

Support, Black Starts, Reliability Must Run contracts, etc.  The total monthly uplift was 

marginally lower in 2010/2011, with the cost under the GCG program significantly 

higher, while the other cost components were significantly lower. 
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Table 1-4: Total Monthly Uplift Charge by Component  
May ï April, 2009/2010 & 2010/2011 

($ millions and % of total) 

Month 

Total Monthly 

Uplift  
GCG  AGC  All Others 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

May 11.7 10.6 3.8 8.1 2.3 1.9 5.7 0.6 

June 12.9 14.9 3.9 12.3 4.2 2.0 4.9 0.6 

July 19.5 16.0 8.9 13.9 3.5 2.0 7.1 0.1 

August 19.0 14.2 9.4 12.3 3.2 2.3 6.5 -0.3 

September 20.3 15.8 10.3 12.8 2.9 2.2 7.0 0.8 

October 8.6 11.5 7.9 9.3 2.3 2.3 -1.6 -0.1 

November 12.1 13.6 9.6 10.9 2.0 2.0 0.5 0.6 

December 14.5 13.2 11.7 11.4 2.3 1.7 0.5 0.1 

January 9.8 15.0 7.0 12.0 2.3 2.3 0.5 0.8 

February 7.1 15.8 6.6 13.5 3.0 1.9 -2.6 0.5 

March 13.7 13.4 11.0 11.6 2.1 1.8 0.6 0.0 

April  12.7 9.1 9.6 7.1 2.2 1.9 0.8 0.1 

Total 161.8 163.2 99.7 135.3 32.3 24.2 29.9 3.8 

% of Total 100 100 61.6 82.9 19.9 14.8 18.5 2.3 

 

2.3 Price Setters (Marginal Resources) 

Over the most recent twelve-month period, there has been a noticeable difference in the 

resources that set prices (or are at the margin) in the wholesale market.  Specifically, gas-

fired units have increasingly been at the margin roughly as often as the coal-fired 

generators.  Pre-dispatch prices saw a decrease in the share of hours where imports and 

exports were marginal, corresponding to a rise in the share in which some form of 

domestic generation was marginal. 

 

2.3.1 Real-time Marginal Resources 

Table 1-5 presents the monthly average share of real-time interval Market Clearing Price 

(MCP) in which particular resource types were marginal for the 2009/2010 and 

2010/2011 periods.
10

  The table shows that the average share by resource type shifted 

significantly towards gas-fired units.  Coal-fired units narrowly continued to be marginal 

                                                 

 
10

 Dispatchable loads are also able to set the real-time MCP but are not included in Tables 1-4 to 1-7 since 

they do so rarely. 
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most frequently in real-time during the 2010/2011 period, after experiencing an eight 

percent share decline (from 45 percent to 37 percent) compared to the previous period.  

The shift in the average share from coal-fired units to gas-fired units is consistent with an 

annual decline in energy production from coal-fired generators (especially in light of four 

coal-fired generation units being shut down in October 2010), along with the growing 

capacity of gas-fired units over the past few years.
11

  Nuclear units were marginal in 297 

real-time MCP intervals this year.  That is a significant decrease relative to the previous 

May to April period (840 intervals), which implies fewer surplus baseload generation 

(SBG) conditions. 

 

Table 1-5:  Share of Marginal Resources in Real-Time  
May ï April 2009/2010 & 2010/2011 

(% of Intervals)  

Fuel Type 2009/2010 2010/2011 

Coal 45 37 

Gas
12

 23 36 

Hydro  31 27 

Nuclear ~ 1 ~ 0 

Total 100 100 

 

Tables 1-6 to 1-8 report the monthly share of marginal resources in real-time for the last 

two twelve-month periods for all intervals, on-peak intervals, and off-peak intervals 

respectively.  Table 1-6 indicates that coal-fired generatorsô share was considerably 

higher in June through August, but lower between October and April, relative to the same 

months in the previous period.  

 

                                                 

 
11

 Power production from coal-fired units totalled 9.3 TWh between May 2010 and April 2011, a decline of 

0.1 TWh (1.1 percent) compared to the same period one year earlier. However, in the unconstrained 

sequence, coal-fired generators were scheduled for 9.8 TWh, which is 1.2 TWh (or 11.9 percent) less than 

one year ago. 
12

 The Lennox generating station can operate using either gas or oil as its fuel.  All its output has been 

included in the gas-fired category. 
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Table 1-6:  Monthly Share of Real-Time MCP by Marginal Resource Type 
May ï April 2009/2010 & 2010/2011 

(% of intervals) 

Month 
Coal Gas Hydro  Nuclear 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

May 47 42 22 36 30 22 1 0 

June 35 50 16 36 45 14 3 0 

July 26 48 16 32 57 20 1 0 

August 35 51 27 31 37 18 1 0 

September 32 34 27 27 39 38 2 0 

October 39 17 27 39 34 45 1 0 

November 38 37 30 41 31 22 1 0 

December 61 37 23 37 16 25 0 0 

January 70 38 15 39 14 23 0 1 

February 66 35 23 42 11 24 0 0 

March 52 33 20 40 28 27 0 0 

April  37 17 32 29 32 52 0 2 

Average 45 37 23 36 31 27 1 0 

 

Tables 1-7 and 1-8 below show the marginal resource types at on-peak and off-peak, 

respectively.  Coal-fired generatorsô share declined from 46 percent at on-peak and 44 

percent at off-peak to 37 percent each.  The largest on-peak decreases occurred in March 

(20 percent) and April (16 percent) and the largest off-peak decreases in January and 

February (48 percent for both).  In contrast, gas-fired units have increasingly been 

marginal during both on and off-peak intervals, with a significant increase in their share 

of off-peak hours in almost all months.  Hydroôs share of on-peak hours remained modest 

and stable, while its off-peak share declined from 44 percent to 37 percent. 
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Table 1-7:  Monthly Share of Real-Time MCP by Marginal Resource Type, On-
Peak 

May ï April 2009/2010 & 2010/2011 
(% of intervals) 

Month 
Coal Gas Hydro  Nuclear 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

May 46 32 39 49 16 19 0 0 

June 48 39 26 48 25 13 1 0 

July 38 37 27 41 35 21 0 0 

August 42 47 44 39 13 14 0 0 

September 44 49 40 38 15 14 0 0 

October 45 30 43 56 12 14 0 0 

November 47 40 41 52 12 8 0 0 

December 47 37 43 48 10 15 0 0 

January 56 46 30 50 14 5 0 0 

February 49 38 42 49 9 13 0 0 

March 49 29 33 59 18 12 0 0 

April  36 20 49 45 14 34 0 0 

Average 46 37 38 48 16 15 0 0 

   

Table 1-8:  Monthly Share of Real-Time MCP by Marginal Resource Type, Off-
Peak 

May ï April 2009/2010 & 2010/2011 
(% of intervals) 

Month 
Coal Gas Hydro  Nuclear 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

May 47 50 10 27 41 24 1 0 

June 23 61 7 25 64 15 5 0 

July 15 56 7 24 77 20 1 0 

August 30 54 14 24 55 22 1 0 

September 22 22 15 19 60 59 4 0 

October 34 8 13 27 51 65 1 0 

November 29 34 20 30 49 36 2 0 

December 71 37 8 29 21 33 0 1 

January 81 33 4 31 15 35 0 1 

February 80 32 7 37 13 31 0 0 

March 54 37 7 23 38 40 0 0 

April  37 15 18 18 45 64 1 3 

Average 44 37 11 26 44 37 1 1 
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2.3.2 Pre-dispatch Marginal Resources 

 

Table 1-9 presents the percentage of hours that a specific resource type was marginal in 

the final (one-hour ahead) pre-dispatch price on a monthly basis for the 2009/2010 and 

2010/2011 periods.
13

  Overall, there was a decrease in both imports and exports as 

marginal resources this period, with minor monthly fluctuations. Imports or exports were 

marginal in the final pre-dispatch price 17 percent less often this period (down from 50 to 

33 percent), with a corresponding increase in the frequency with which generators were 

marginal. 

  

Table 1-9:  Monthly Share of Final Pre-dispatch Price by Marginal Resource Type 
May ï April 2009/2010 & 2010/2011 

(% of hours) 

Month 

Imports  Exports Generation 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

May 27 18 25 12 47 70 

June 27 12 32 13 41 75 

July 33 19 24 18 43 63 

August 29 15 21 14 51 71 

September 30 15 25 24 45 62 

October 24 14 31 25 45 61 

November 12 12 32 11 56 77 

December 18 11 28 25 54 64 

January 25 16 19 10 56 74 

February 36 19 10 15 54 66 

March 33 12 20 20 48 68 

April  22 14 18 27 61 60 

Average 26 15 24 18 50 67 

 

2.4 One-Hour Ahead Pre-dispatch Prices and HOEP 

Production and consumption decisions are improved when market participants can rely 

on accurate pre-dispatch price projections.  Therefore, the differences between the one-

hour ahead pre-dispatch price and HOEP is an important relationship to monitor.  A 

sound pre-dispatch price signal can contribute to real-time dispatch efficiencies.  

                                                 

 
13

 The table excludes the very small (on the order of 0.1 percent) contribution from dispatchable loads. 
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2.4.1 One-hour Ahead Pre-dispatch Price 

 

Table 1-10 presents the differences between the one-hour ahead pre-dispatch price and 

the HOEP for May to April 2009/2010 and 2010/2011.  On average, there were 

improvements in both the average and absolute average differences over the last two 

periods.  The average difference decreased from $3.23/MWh to -$1.06/MWh while the 

absolute average difference decreased from $6.41/MWh to $5.49/MWh (a 13.4 percent 

improvement).  Similarly, the percentage of the difference relative to HOEP has 

decreased. 

 

Table 1-10:  Measures of Differences between One-Hour Ahead  
Pre-Dispatch Prices and HOEP 

May ï April 2009/2010 & 2010/2011 
($/MWh) 

Month 

Average 

Difference* 

Absolute 

Average 

Difference 

Standard 

Deviation  

Average 

Difference as a 

% of Average 

HOEP
14

 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

May 3.57 (1.34) 7.49 3.82 11.46 7.81 12.9 (3.5) 

June 5.73 (1.74) 8.74 3.96 11.19 13.09 25.1 (4.3) 

July 8.92 (5.39) 10.79 8.80 11.84 25.99 47.0 (10.6) 

August 1.80 (3.23) 8.01 5.64 22.54 11.47 6.9 (7.3) 

September 4.60 (2.33) 6.11 6.81 8.08 16.84 22.2 (7.1) 

October 3.59 (2.23) 7.88 5.41 16.82 20.19 12.3 (7.6) 

November 3.30 (0.99) 6.31 3.33 12.01 6.46 12.4 (3.1) 

December 2.71 0.99 4.66 6.80 7.76 24.67 7.7 2.9 

January 0.26 2.46 4.63 4.42 18.18 12.69 0.7 7.7 

February 0.93 1.02 2.83 2.94 5.20 5.61 2.6 3.1 

March 2.48 0.69 4.05 3.80 5.59 7.95 8.8 2.2 

April  0.87 (0.59) 5.39 10.17 12.69 25.81 2.8 (2.1) 

Average 3.23 (1.06) 6.41 5.49 11.95 14.88 13.4 (2.48) 

* A positive arithmetic average indicates that pre-dispatch prices are on 

average higher than real-time prices, while a negative figure indicates 

pre-dispatch prices that were lower than the real-time prices. 

 

                                                 

 
14

 This is an average price difference as a percentage of the average HOEP in each month (denominator 

being the monthly average HOEP reported in Table 1-1). 
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It is notable that the average difference was negative in eight out of 12 months in 

2010/2011.  This indicates that, on average, the HOEP was greater than the pre-dispatch 

price in these months, which is the opposite of the usual historic relationship.  Figure 1-4 

below depicts the average difference between pre-dispatch price and real-time interval 

MCP for the two comparison periods.  A positive number indicates the pre-dispatch price 

is greater than the real-time MCP while a negative number indicates it is smaller. It can 

be seen that in the 2009/2010 period the pre-dispatch price was higher than the real-time 

MCP in the vast majority of intervals (i.e. a positive difference), while in 2010/2011 the 

pre-dispatch price was lower in most intervals except in morning ramping hours (HE 6 to 

9). Roughly speaking the price difference has shifted downwards in all hours.  

 

Figure 1-4: Average Difference Between Pre-Dispatch Price and Real-Time MCP 

May ï April 2009/2010 & 2010/2011 

($/MWh) 
 

 
 

Another notable observation is that during the morning ramping up (HE 6-9) and evening 

ramping down hours (HE 22-24) the price difference between the pre-dispatch price and 

the real-time MCP in the first few intervals has disproportionally changed compared to 

the last few intervals in the same hour.  For HE 6-9, the pre-dispatch price is much closer 

to the real-time MCP in the first few intervals compared to last year, while in HE 22-24 
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they are further apart.  The change in the pattern implies that hour-to-hour ramping was 

less of an issue in the morning hours of 2010/2011 compared to 2009/2010 and was more 

of an issue in the evening. 

2.4.2 Reasons for Differences in Pre-dispatch and Real-time MCP 

 

The Panel has identified four main factors that lead to differences between pre-dispatch 

and real-time prices:
15

 

 Pre-dispatch to real-time demand forecast deviations (the deviation includes 

forecast error and the difference due to the profile of the real-time demand
16

); 

 Production forecast errors of self-schedulers and intermittent (primarily wind) 

generators; 

 Failures of scheduled imports and exports; and 

 Frequency that imports or exports set the pre-dispatch price (and are then re-

priced in real-time at the bottom of the supply stack for imports and at the top of 

demand stack for exports).  

 

While the price impact of these factors cannot be measured directly, Table 1-11 presents 

the absolute average differences in MW of output for each of the first three factors listed 

above for the past twelve-month period.
17

  Monthly absolute averages provide some 

indication as to which of the factors are the most important contributors to differences 

                                                 

 
15

 Pre-dispatch and  real-time scheduling also differ in the magnitude of control action operating reserve 

(CAOR) incorporated, although this tends primarily to affect operating reserve price differences, with an 

indirect and smaller influence on energy prices.  Up to September 2008 there were 400 MW of CAOR 

available in pre-dispatch and 800 MW in real-time.  Subsequently, the 400 MW in pre-dispatch was 

dropped.  See the Panelôs January 2009 Monitoring Report, pp. 191-193. 
16

 In particular, when forecast demand is for the peak interval in the hour, the pre-dispatch to real-time price 

difference can be induced by either forecast error or the profile of real-time demand (i.e. demand in all 

other intervals will be lower than the peak demand in the hour even though the peak demand is accurately 

forecast). For further discussion, see section 2.1.1 of Chapter 2.  
17

 The summary table does not report the frequency that imports (or exports) set the pre-dispatch price since 

the metric to measure the frequency (percentage of hours) does not necessarily translate into an hourly 

quantity (MW) statistic like the three other factors that lead to discrepancies between pre-dispatch and real-

time prices.  
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between pre-dispatch and real-time prices.  However, any one of these factors can lead to 

significant price discrepancies in a given hour. 

 

Table 1-11:  Factors Leading to Differences Between 
Final Pre-Dispatch and Real-Time Prices 

May 2010 ï April 2011 
(MW per hour and % of Ontario demand) 

Factor 

2009/2010 2010/2011 

Absolute 

Average 

Difference 

(MW)  

Absolute 

Average 

Difference as 

% of Ontario 

Demand* 

Absolute 

Average 

Difference 

(MW)  

Absolute 

Average 

Difference as 

% of Ontario 

Demand* 

Pre-dispatch to Real-time 

Demand Forecast Error 
161 1.0 188 1.2 

Differences due to real-time 

Demand Profile 
93 0.6 22 0.1 

Pre-dispatch to Real-time 

Average Demand Forecast 

Deviation 

254 1.6 210 1.3 

Self-Scheduling and 

Intermittent Forecast 

Deviation 

80 0.5 100 0.6 

Net Export Failures 119 0.8 173 1.1 

*Average hourly Ontario Demand (denominator) for the twelve month period was 15,703 MW for 

2009/2010 and 16,441 MW for 2010/2011 

 

Overall, the largest absolute average differences result from pre-dispatch to real-time 

demand forecast deviation (which includes demand forecast error and differences induced 

by the profile of RT demand), followed by net export failure.  The self -scheduling and 

intermittent deviation was the smallest contributor in 2009/2010 but has increased in 

2010/2011 and will likely continue to do so as more intermittent capacity comes online 

(subject to improvements that may result from the planned introduction of centralized 

wind forecasting).  
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2.4.2.1 Pre-dispatch to Real-time Average Demand Forecast Deviation 

 

The difference between the pre-dispatch demand forecast and real-time average demand 

can lead to discrepancies between pre-dispatch prices and HOEP.  To improve market 

efficiency and deal with increased SBG incidents, the IESO implemented a new 

procedure in December 2009 which uses average instead of peak demand as the forecast 

in pre-dispatch for non-ramping hours.
18

  The move from peak demand forecast to 

average demand forecast in pre-dispatch would be expected to reduce demand forecast 

deviations in the non-ramping hours, and it indeed resulted in a smaller difference as 

evidenced in Figure 1-5 below.
19

  In contrast to the sharp decrease in forecast error for 

non-ramping hours, there is little change in the forecast accuracy during ramping hours. 

 

                                                 

 
18

 More precisely, average demand is applied to non-ramping-up hours, including HE 1 to 5, 10 to 15 and 

20 to 24 every day. For details, see http://www.ieso.ca/imoweb/news/newsItem.asp?newsItemID=4973 . At 

times, the IESO may apply the average forecast for the ramping hours when an SBG situation is credibly 

foreseeable. 
19

 In its prior report, the Panel also observed an improvement in the forecast deviation. For details, see the 

Panelôs August 2010 Monitoring Report, pp. 18-26. 

http://www.ieso.ca/imoweb/news/newsItem.asp?newsItemID=4973
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Figure 1-5: Average Demand Forecast Deviation 

May 2009 ï April 2011 

(pre-dispatch forecast minus real-time actual, MW) 

 

 

 

Table 1-12 presents the one-hour ahead pre-dispatch, and also three-hour ahead pre-

dispatch, to real-time average demand deviation by month between May 2009 and April 

2011.
20

 Improvements in average monthly demand deviation are apparent in both the 

one-hour ahead and three-hour ahead metrics.  The one-hour ahead deviation measure fell 

by 0.38 percentage points, from 1.66 percent last year to 1.28 percent in the most recent 

May to April period, while the three-hour ahead measure fell 0.28 percentage points, 

from 1.88 percent last year to 1.60 percent this year. It is also notable that the demand 

forecast deviation is much smaller from May to December, when compared to the same 

months in the previous year.  This is consistent with the expected effect of moving from 

                                                 

 
20

 Pre-dispatch forecast to real-time average demand discrepancy is calculated as the absolute value of pre-

dispatch minus real-time average demand divided by real-time average demand. 
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peak demand to average demand forecast during the non ramping-up hours beginning in 

December 2009. 

 

Table 1-12:  Pre-dispatch to Real-time Average Demand Forecast Deviation 
May ï April 2009/2010 & 2010/2011 

(% of real-time average demand) 

Month 
Three-Hour Ahead One-Hour Ahead 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

May 2.03 1.86 1.85 1.48 

June 2.09 1.79 1.93 1.36 

July 2.33 2.00 2.04 1.52 

August 2.38 1.93 2.09 1.49 

September 2.06 1.36 1.89 1.05 

October 1.83 1.14 1.68 0.92 

November 2.15 1.53 2.04 1.30 

December 1.98 1.57 1.69 1.34 

January 1.50 1.61 1.22 1.33 

February 1.28 1.45 1.06 1.13 

March 1.44 1.50 1.15 1.20 

April  1.51 1.50 1.24 1.23 

Average 1.88 1.60 1.66 1.28 

 

2.4.2.2 Pre-dispatch to Real-time Demand Forecast Error 

This section will focus on the forecast error only.  In other words, this section assesses 

how well the IESO demand forecast has performed. 

 

Table 1-13 reports the one-hour and three-hour ahead mean absolute demand forecast 

errors on a monthly basis for the 2009/2010 and 2010/2011 reporting periods.  Pre-

dispatch to real-time demand forecast errors in all 2010/2011 months were greater than 

those of the previous reporting period.  The error between May and October 2010 for 

each month was above the yearly average.  On an annual basis, demand forecast errors 

increased by 46 percent for the three-hour ahead forecast, and by 57 percent for the one-

hour ahead forecast.  
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Table 1-13:  Pre-dispatch to Real-time Demand Forecast Error  
May ï April 2009/2010 & 2010/2011 

(% of real-time demand) 

Month 

Mean Absolute Forecast Difference: (pre-dispatch minus 

real-time demand divided by real-time demand) 

Three-Hour Ahead One-Hour Ahead 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

May 1.32 2.06 1.11 1.68 

June 1.42 1.99 1.22 1.71 

July 1.54 2.22 1.20 1.77 

August 1.53 2.25 1.19 1.89 

September 1.25 1.86 1.05 1.70 

October 1.17 1.80 0.97 1.72 

November 1.26 1.68 1.03 1.49 

December 1.49 1.50 1.21 1.35 

January 1.38 1.67 1.19 1.38 

February 1.30 1.51 1.21 1.29 

March 1.60 1.79 1.39 1.55 

April  1.76 1.83 1.52 1.72 

Average 1.27 1.85 1.02 1.60 

 

2.4.2.3 Wind Generation 

Since first entering the market in early 2006, the amount of wind generation has steadily 

increased and is the most important component within the self-scheduling and 

intermittent generation category.  As of April 2011, there was a combined name-plate 

capacity of 1,429 MW of wind generation in Ontario, which is higher than the total 

capacity (about 1,000 MW) of all other self-scheduling and intermittent generation.
21

   

 

Currently, the wind power generators forecast their own output on an hourly basis.  

Actual output by wind power generators may differ significantly from forecast output. 

Figure 1-6 presents the average and absolute average difference between wind 

generatorsô forecasted and delivered energy.  Average hourly wind output is also plotted 

and represented by the green dashed line.
22

   

                                                 

 
21

 For details on wind projects that are currently operational and those under development, see the OPAôs 

Wind-power webpage at: http://www.powerauthority.on.ca/current-electricity-contracts/wind-power.  
22

 In previous MSP Reports, nameplate capacity was plotted to show that amount of wind available in a 

given month.  However, using average hourly wind output provides a better measure of actual wind 

generation performance in a given month as outages and other factors constraining wind generation at 

http://www.powerauthority.on.ca/current-electricity-contracts/wind-power
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Both the average and absolute average wind forecast error has been increasing since 2006 

as installed wind capacity has increased.  The overall average of the absolute forecast 

error was 96 MW per hour during the 2010/2011 reporting period, up from 69 MW per 

hour in 2009/2010.  With wind generation capacity expected to increase significantly, the 

forecast error will likely also grow.  The IESOôs plan to implement a centralized wind 

forecasting system should offset some of the anticipated growth in wind forecast error.
23

   

 

Figure 1-6:  Average and Absolute Average Difference between Wind Generator  

Forecasted and Delivered Energy, and Relationship to Average Hourly Wind Output  

March 2006 ï April 2011 

(MW) 

 

 

Although the average wind production forecast error has been increasing as new wind 

power generators become operational, the percentage error (absolute average forecast 

error relative to total wind power output) has been relatively stable.  Figure 1-7 plots the 

average and absolute average difference between wind generatorsô forecasted energy and 

actual energy produced in each month since March 2006, as normalized using average 

hourly wind output for the month.  Normalized absolute average difference as a 

                                                                                                                                                 

 
specific facilities are reflected in actual output levels but not in the nameplate capacity value.  Average 

hourly wind output is also used to deflate average and absolute average wind error in Figure 1-8. 
23

 The Panel recommended centralized wind forecasting in its January 2009 Monitoring Report, pp. 253-256.  

IESO rule amendments (e.g. data obligation and cost recovery) have recently been passed by the IESO Board, 

paving the way for the final implementation of centralized wind forecasting. For details, see: 
http://ieso.ca/imoweb/news/bulletinItem.asp?bulletinID=5736 . 

http://ieso.ca/imoweb/news/bulletinItem.asp?bulletinID=5736
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percentage of hourly wind output typically fluctuated between 20 to 40 percent.  During 

2011, the average difference has risen significantly and the gap between the two 

measures has diminished to the lowest levels since wind energy was introduced.  This 

implies that the wind generators tend to persistently over-forecast their output. 

 

Figure 1-7:  Normalized Average and Absolute Average Difference between Wind 

Generatorsô Forecasted and Delivered Energy  

March 2006 ï April 2011 

(% of average hourly wind output for the month) 

 

 

Power output from wind generation facilities show seasonal trends.  As illustrated in 

Figure 1-8, wind generation tends be higher during the winter months, peaking in 

December and falling to a trough in the summer around July.  
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Figure 1-8:  Normalized Monthly Average Wind Output 

May ï April 2008/2009 to 2010/2011 

(% of total wind capacity) 

 

 

Wind output tends to be relatively stable hour-to-hour but can change quite rapidly.  

Figure 1-9 below depicts the duration curve of intra-hour wind output (i.e. the difference 

of output at interval 1 and interval 12 in the same hour).  

 

Figure 1-9:  Duration Curve of Hourly Change in Wind Power Production 

May ï April 2010/2011 

(MW and %) 
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If wind output changes rapidly during hours when load is picking up this can pose 

operational challenges for the IESO, especially if wind output is declining.  Figure 1-10 

below plots the hourly change in Ontario demand against the hourly change in wind 

power production for HE 6 to HE 9.  During these hours Ontario demand is typically 

ramping up, sometimes by as much as 2,000 MW in 12 intervals. In contrast, the wind 

power production can change up and down by up to 150 MW or more, with production 

decreasing roughly half of time and increasing roughly half of the time.  When wind 

power output is increasing, it helps reduce the need for ramping capacity from other 

generation resources, whereas when wind power is decreasing other fast ramping 

resources have to provide additional ramping to meet the loss of wind output.  As wind 

capacity increases the loss of wind output during hours when demand is ramping up 

could create operational challenges for the IESO.   

 

Figure 1-10: Hourly Wind Power Ramping vs. Hourly Ontario Demand Ramping 

May 2010 ï April 2011 

Delivery Hour 6 to 9 

(MW/hour) 
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2.4.2.4 Forecast Errors of Other Self-Scheduling and Intermittent Generation 

 

Figure 1-8 plots the average and absolute monthly difference between the energy that all 

non-wind, self-scheduling and intermittent generators forecasted and the quantity of 

energy they actually delivered in real-time.  Both average and absolute error have been 

relatively stable in the past five years. 

 

Figure 1-11:  Average Production Forecast Error of Non-Wind 

Self-Scheduling and Intermittent Generators 

May 2005 ï April 2011 

(forecasted energy - delivered energy, MWh) 

 

 
 

2.4.2.5  Real-Time Failed Intertie Transactions 

Imports and/exports that are scheduled in the final one hour ahead pre-dispatch can fail 

before or in real-time.  An intertie transaction can fail because it is not scheduled in other 

markets, because of an incorrect or missing North American Electric Reliability 

Corporation (NERC) tag,
24

 or because it is curtailed by the IESO or external market 

                                                 

 
24

 All intertie transactions require an associated NERC tag in order to be scheduled by corresponding 

system operators. 
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operators for reliability reasons.  Failed import and export transactions are another factor 

that can contribute to differences between pre-dispatch prices and HOEP.  In real-time, 

import failures represent a loss of supply while export failures represent a decline in 

demand, both of which result in discrepancies between pre-dispatch and real-time prices.   

 

Export Failures 

 

Table 1-14 provides summary statistics on the frequency and magnitude of failed export 

transactions over the past two years.  The number of hours when exports failed increased  

by 465 hours (5 percent) over the current annual period, from 4,657 hours to 5,122  

hours.  Although the frequency of export failures increased, the average amount of export 

failures per hour fell by 33 MW.  The average amount of hourly failed exports was lower 

in ten of the twelve months when compared to the same month of the previous period.  

As a result, the failure rate (MW failed relative to MW scheduled) remained stable at 6 

percent. 

 

Table 1-14:  Frequency, Magnitude, and Rate of Failed Exports from Ontario 
May ï April 2009/2010 & 2010/2011 

(MW and %)  

Month 

Number of 

Hours when 

Failed Exports 

Occurred*  

Maximum Hourly 

Failure 

(MW)  

Average Hourly 

Failure 

     (MW)**  

Failure Rate 

       (%)***  

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

May 341 295 1,342 806 165 137 4.9 6.9 

June 392 357 1,144 1,484 236 191 5.3 5.7 

July 527 415 1,739 838 330 149 8.5 4.5 

August 429 411 1,844 850 212 137 5.5 4.4 

September 385 408 989 950 172 146 5.2 3.4 

October 314 469 1,050 683 134 145 4.0 4.5 

November 174 259 779 431 118 80 2.0 1.6 

December 431 483 1,430 800 187 185 5.5 4.0 

January 434 628 1,280 1,260 209 331 5.8 11.9 

February 393 501 935 1,251 245 205 7.7 9.3 

March 457 512 892 917 227 225 8.0 10.2 

April  380 384 980 824 233 145 9.6 5.2 

Total/Average 4,657 5,122 1,200 925 206 173 6.0 6.0 

 * Incidents involving less than 1 MW and linked wheel failures are excluded.  

 ** Based on those hours in which a failure occurs. 
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 *** Total failed export MW divided by total scheduled export MW (excluding the export leg of 

linked wheels) in the unconstrained schedule in a month. 

 

Causes of Export Failures 

 

Export failures (and import failures below) are separated into those under the market 

participantôs control (labelled óMP failuresô) and those under the control of a system 

operator (labelled óISO curtailmentsô).
25

  The failure rate is determined as a percentage of 

failed to total exports (or imports) in MWh per month (excluding linked-wheel failures, 

which are rare). 

 

Figure 1-9 plots the export failure rates beginning in June 2006.
26

  MP failures have 

increased, fluctuating between 4 and 6 percent over 2010/2011 compared to between 2 

and 4 percent in 2009/2010.  A large spike in ISO curtailment failures occurred in 

January 2011, reaching its second highest level since 2006 at 8.6 percent.  The increased 

export failure appeared to be related to transmission issues in both MISO and NYISO. 

For example, the Central to East interface in NYISO has been increasingly congested, 

due to a high clockwise loopflow around Lake Erie, leading to frequent curtailment of 

exports to PJM by the IESO. 

 

  

                                                 

 
25

 The IESO Compliance database that separates failures into ISO curtailments and market participant 

failures does so for constrained schedule failures only.  Therefore, failure rates vary slightly from the 

statistics reported in Tables 1-13 and 1-14, which report unconstrained schedule failures in aggregate. 
26

 The June 2006 start date is used because the IESO applied different coding practices that make it difficult 

to accurately compare the data from before and after June 2006. 
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Figure 1-12:  Monthly Export Failures by Cause  

June 2006 ï April 2011 

(% of total exports) 

 
 

Export Failures by Intertie Group 

 

Table 1-15 reports average monthly export failures by intertie group and failure cause for 

the period May 2010 to April 2011.  Export failures at the Michigan intertie accounted 

for approximately 56 percent of all export failures during the reporting period.
27

  Of those 

failures, 70 percent were ISO controlled failures.  Despite this, it was the Manitoba 

intertie which had the highest ISO-induced failure rate at 27.6 percent of its total 

scheduled exports.  The NYISO intertie was responsible for roughly 74 percent of total 

MP export failures and had the highest MP failure rate at 12.3 percent.  Historically, MP 

failures have been the highest at the New York intertie.
28

   

                                                 

 
27

 Intertie transactions at the Michigan interface include the transactions between Ontario and PJM. 
28

  Participants selling into New York must place offers to sell the energy in real-time which allows for the 

possibility that transactions are not economic and not scheduled in New York even when scheduled in 



Market Surveillance Panel Report   Chapter 1 

November 2010 ï April 2011 

 

 PUBLIC 32 

 

Table 1-15:  Average Monthly Export Failures by Intertie Group and Cause 
May 2010 ï April 2011 

(GWh and % of failures) 

Intertie  

Group 

Average 

Monthly 

Exports 

Failures - 

ISO 

Controlled 

Failures - 

Participant 

Controlled 

Failure Rate 

ISO 

Controlled 

Participant 

Controlled 

GWh GWh % GWh % % % 

New York 307.3 2.6 6.8 37.7 73.6 0.8 12.3 

Michigan 511.3 21.4 55.7 9.4 18.4 4.2 1.8 

Manitoba 21.7 6.0 15.6 2.5 4.9 27.6 11.5 

Minnesota 26.0 4.9 12.8 0.3 0.6 18.8 1.2 

Quebec 467.8 3.5 9.1 1.3 2.5 0.7 0.3 

Total 1,334.1 38.4 100.0 51.2 100.0 2.9 3.8 

 

Import Failures 

 

Table 1-16 provides monthly summary statistics on the frequency and magnitude of 

failed import transactions during the last two May to April reporting periods.  The total 

number of hours when failed imports occurred increased from 2,924 hours in 2009/2010 

to 3,102 hours (35 percent of total hours in the period) in 2010/2011, a rise of 178 hours 

(6 percent).  There was also a 31 MW (5 percent) increase in the magnitude of import 

failures.  As a result, the import failure rate increased from 4.4 percent last year to 5.3 

percent this year, contributing to a higher HOEP compared to the pre-dispatch price, 

everything else being equal. 

 

                                                                                                                                                 

 
Ontario. The potential for mismatched economic scheduling with NYISO is unique among the jurisdictions 

directly connected to Ontario.  (This distinction also applies for imports to Ontario ï see Table 1-17 below.) 
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Table 1-16:  Frequency, Magnitude, and Rate of Failed Imports to Ontario  
May ï April 2009/2010 & 2010/2011 

(MW and %)  

Month  

Number of 

Hours when 

Failed Imports 

Occurred*  

Maximum Hourly 

Failure 

(MW)  

Average Hourly 

Failure 

(MW)**  

Failure Rate 

       (%)***  

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

2009/ 

2010 

2010/ 

2011 

May 235 324 381 857 67 119 3.47 6.99 

June 269 323 783 517 101 90 7.07 5.87 

July 320 349 619 730 104 142 5.02 6.09 

August 261 349 1,024 1,274 97 153 3.74 7.11 

September 330 207 965 693 97 145 4.41 3.68 

October 265 233 855 685 96 95 3.84 4.16 

November 244 230 580 440 79 72 6.88 3.35 

December 253 210 625 329 107 80 7.28 3.49 

January 218 278 410 918 99 121 3.1 7.9 

February 119 206 388 514 63 85 1.2 4.4 

March 132 181 453 614 59 86 1.3 4.2 

April  278 212 506 388 107 90 6.0 5.9 

Total/Average 2,924 3,102 632 663 90 107 4.4 5.3 

 *  Incidents involving less than 1 MW and linked wheel failures are excluded. 

 ** Based on those hours in which a failure occurs. 

 *** Total failed import MW divided by total scheduled import MW (excluding the import leg of 

linked wheels) in the unconstrained schedule in a month. 

 

Causes of Import Failures 

 

Figure 1-10 plots the import failure rates by cause since June 2006.  Import failures due 

to ISO curtailments account for the majority of import failures since the middle of 2008.  

However, this has not been as pronounced in the current reporting period, with 

curtailment rates as low as 2.9 percent in November 2010.  MP import failures continued 

to fluctuate around 1 to 2 percent, with a reporting period maximum of 2.4 percent during 

January 2011.  

 

  



Market Surveillance Panel Report   Chapter 1 

November 2010 ï April 2011 

 

 PUBLIC 34 

 

Figure 1-13:  Monthly Import Failures by Cause 

June 2006 ï April 2011 

(% of total imports) 

 
 

Import Failures by Intertie Group 

 

Table 1-17 reports average monthly import failures by intertie and cause for the period 

starting May 2010 and ending April 2011.  Increased ISO curtailments have been 

experienced at the MISO interfaces (Michigan, Minnesota and Manitoba interfaces) 

beginning in May 2009.  The majority of the curtailments were due to ramp limitations or 

transmission service unavailability in MISO.  Michigan accounted for nearly 53 percent 

of all import failures.  It had an ISO controlled failure rate of 6.5 percent and a market 

participant failure rate of just 1 percent.  The Minnesota intertie had the highest ISO 

controlled import failure rate at 23.2 percent and the highest market participant controlled 

failure rate at 5.8 percent.   
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Table 1-17:  Average Monthly Import Failures by Intertie Group and Cause  
May 2010 ï April 2011 

(GWh and % of failures) 

Intertie  

Group 

Average 

Monthly 

Imports  

Failures - 

ISO  

Controlled 

Failures - 

Participant 

Controlled 

Failure Rate 

ISO 

Controlled 

Participant 

Controlled 

GWh GWh % GWh % % % 

New York 24.4 0.4 1.7 1.1 19.0 1.6 4.5 

Michigan 241.4 15.8 67.5 2.5 43.1 6.5 1.0 

Manitoba 66.0 3.7 15.8 1.1 19.0 5.6 1.7 

Minnesota 13.8 3.2 13.7 0.8 13.8 23.2 5.8 

Quebec 114.2 0.3 1.3 0.3 5.2 0.3 0.3 

Total 459.8 23.4 100.0 5.8 100.0 5.1 1.3 

 

2.4.2.6  Imports or Exports Setting Pre-dispatch Price 

The fourth major factor identified by the Panel that leads to differences between pre-

dispatch and real-time prices is the frequency of imports and exports setting the pre-

dispatch price.  An increased frequency of imports or exports setting the pre-dispatch 

price will lead to an increased divergence between pre-dispatch and real-time prices.
29

   

 

Table 1-18 shows the frequency of hours in which imports and exports set the pre-

dispatch price for May to April 2009/2010 and 2010/2011.  For the current reporting 

period, imports or exports set the pre-dispatch price in 2,854 hours, a significant drop (35 

percent) from 4,376 hours in 2009/2010.  The largest monthly decrease occurred in June, 

from 423 hours in 2009 to 180 hours in 2010 (a 57 percent drop). 

 

 

  

                                                 

 
29

 For a detailed explanation of why this occurs, see pp. 30-33 of the Panelôs July 2007 Monitoring Report. 
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Table 1-18:  Frequency of Imports or Exports Setting the Pre-Dispatch Price 
May ï April 2009/2010 & 2010/2011 
(number of hours and % of hours) 

Month 

2009/2010 2010/2011 Difference 

Hours % Hours % Hours 
% 

Change 

May 392 53 223 30 (169) (43) 

June 423 59 180 25 (243) (57) 

July 427 57 275 37 (152) (36) 

August 366 49 216 29 (150) (41) 

September 395 55 281 39 (114) (29) 

October 413 56 290 39 (123) (30) 

November 314 44 166 23 (148) (47) 

- 

- 

- 

 

 

 

 

0 

December 341 46 268 36 (73) (21) 

January 326 44 193 26 (133) (41) 

February 308 46 228 34 (80) (26) 

March 389 52 238 32 (151) (39) 

April  283 40 295 41 12 4 

Total 4,376 50 2,854 33 (1,522) (35) 

 

2.5 Internal Zonal (Shadow) Prices 

Figure 1-14 and Table 1-19 summarize average nodal prices for the 10 internal Ontario 

zones for each 12 month period.
30

  The average nodal price for a zone, also referred to 

here as the internal zonal price, is calculated as the average of the nodal prices for 

generators in the zone.
31

 

 

Figure 1-14 presents the average zonal prices for the past reporting period.  Average price 

differences between the remaining zones are moderate except between Northwest and the 

rest of the zones) and reflect the fact that congestion levels within Ontario (except 

Northwest) have not been particularly significant.   

 

 

                                                 

 
30

 For a detailed description of the IESOôs ten zone division of Ontario, see the IESOôs ñOntario 

Transmission Systemò publication at 

http://www.ieso.ca/imoweb/pubs/marketreports/OntTxSystem_2005jun.pdf.  
31

 All nodal and zonal prices have been modified to +$2,000/MWh (or -$2,000/MWh) when the raw 

interval value was higher (or lower).  

http://www.ieso.ca/imoweb/pubs/marketreports/OntTxSystem_2005jun.pdf
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Figure 1-14:  Average Internal Zonal Prices  

May 2010 ï April 2011 

($ millions)  

 
 

Table 1-19 shows that average internal zonal prices were higher by 20 percent or more in 

the current annual period relative to the previous period.  The average Richview nodal 

price was $37.38/MWh in the most recent period, which is $7.50/MWh, or 25 percent, 

higher than the previous period.
32

 

 

  

                                                 

 
32

 The Richview bus is a node within the Toronto zone which is frequently used as a reference price given 

its central location. 
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Table 1-19:  Internal Zonal Prices  
May 2009 ï April 2011 

($/MWh and %) 

Zone 
May 2009               

ï April 2010 

May 2010                  

ï April 2011 
% Change 

Bruce 28.37 35.28 24.3 

East 27.52 36.25 31.7 

Essa 29.90 37.02 23.8 

Niagara 29.04 35.39 21.8 

Northeast 11.95 32.44 171.4 

Northwest (363.06) (167.59) 53.8 

Ottawa 30.00 39.72 32.4 

Southwest 29.54 36.84 24.7 

Toronto 30.18 36.91 22.3 

Western 29.75 36.11 21.3 

Richview Node 29.88 37.38 25.0 

 

As observed in previous reports, bottled supply in the Northwest is the primary reason for 

the large negative zonal prices in this area.  The average zonal price in the Northwest 

zone rose to -$167.59/MWh, compared with the -$363.06/MWh average price during the 

2009/2010 period.   

 

2.6 CMSC Payments 

 

Figure 1-15 provides a summary of congestion management settlement credit (CMSC) 

payments across the 10 internal zones for the last annual reporting period.
33

  For each 

zone, there is a total CMSC paid for constrained-off generation and ñimportsò plus 

constrained-on ñexportsò from the zone (in this analysis, imports or exports refer to the 

individual zone, not the province).  The data has been aggregated in this manner since 

constraining on exports is an alternative to constraining off supply when supply is bottled 

(oversupply in a zone), and so this amount is an indicator of the bottling of supply in the 

zone.  The second total for each zone shows the CMSC for constrained-on generation or 

                                                 

 
33

 CMSC is often induced by transmission limits, losses or security requirements. In addition, the 3-times 

ramp rate, slow ramping of fossil units or technical / regulatory limitations can induce CMSC.  
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ñimportsò, or constrained-off ñexportsò.  This is a measure of the need for additional or 

out-of merit supply in a zone (undersupply in a zone).
34

    

 

Of the $47.7 million of CMSC for constrained-off supply or constrained-on exports, 

$26.9 million (58 percent) occurred in the Northwest zone, primarily as the result of the 

east-west flow limits which bottle the relatively low-cost supply in the area.  The other 

major contributors to the total were the Western zone at $4.4 million (9 percent) and the 

Niagara zone at $5.4 million (12 percent). 

 

CMSC payments for constrained-on supply and constrained-off exports totalled $43.1 

million and were primarily isolated to four zones in Ontario.  Significant payments were 

made in the Northwest zone at $11.9 million (28 percent), the Toronto zone at $9.8 

million (23 percent), the Western zone at $8.5 million (20 percent) and the Northeast 

zone at $6.0 million (14 percent). 

 

                                                 

 
34

 CMSC paid to dispatchable load is omitted here since the largest portion of those payments is self-

induced (e.g. deviation and ramping limitation), as opposed to being related to congestion, losses or 

security requirements.  Historically, the CMSC payment to dispatchable loads was small. In its August 

2010 Monitoring Report, however, the Panel observed a significant increase in CMSC payments to two 

dispatchable loads. Currently, the IESO is seeking to recover some of the CMSC payments and the Panel is 

investigating certain aspects of the market participantsô behaviour.  
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Figure 1-15:  Total CMSC Payments by Internal Zone  

May 2010 ï April 2011 

($ millions) 

 

 

Table 1-20 summarizes the CMSC payments for past two years.  Overall, there were 

significant decreases in the amount of payments made in most zones. The largest 

decreases were in constrained-off payments in the Northwest and the Northeast, as well 

as to constrained-on payments in the Western and the East Zones.  The reduction in 

constrained-off payments was mainly due to a large reduction in available water this year 

in the Northwest and Northeast as well as lower intertie prices at the Manitoba interface. 

The reduction in constrained-on payments in the Western and East Zones was mainly due 

to improved supply conditions associated with new gas-fired generation. 
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Table 1-20:  Total CMSC Payments by Internal Zone,  
May ï April 2009/2010 & 2010/2011 

($ millions) 

Zone 

Constrained-off Supply plus 

Constrained-on Exports 

Constrained-on Supply plus 

Constrained-off Exports 

2009/2010 2010/2011 % Change 2009/2010 2010/2011 % Change 

Bruce 1.8 1.0 (44.4) 0.0 (0.1) n/a 

East -1.3 0.6 (146.2) 15.2 2.5 (83.6) 

Essa 0.2 0.1 (50.0) 0.1 0.3 200.0 

Niagara 7.9 5.4 (31.6) 0.3 1.6 433.3 

Northeast 11.1 4.8 (56.8) 3.6 6.0 66.7 

Northwest 36.4 26.9 (26.1) 18.8 11.9 (36.7) 

Ottawa 0.0 0.0 n/a 0.2 0.1 (50.0) 

Southwest 2.6 1.9 (26.9) 9.2 2.5 (72.8) 

Toronto 1.2 2.6 116.7 14.9 9.8 (34.2) 

Western 3.3 4.4 33.3 20.3 8.5 (58.1) 

Total 63.2 47.7 (24.5) 82.6 43.1 (47.8) 

 

Total yearly payments for constrained-off supply plus constrained-on exports fell by 

$15.5 million, or 25 percent, from the previous periodôs total.  The largest contributors to 

the decrease in payments were the Northwest and Northeast regions which saw drops of 

$9.5 million (26 percent) and $6.3 million (57 percent), respectively.  

 

Total payments for constrained-on supply plus constrained-off exports decreased 

significantly by $39.5 million (48 percent) from 2009/2010 to 2010/2011.  Most regions 

experienced a decrease in payments, with the greatest drop being in the East zone at 

$12.7 million (84 percent), followed by Western at $11.8 million (58 percent), Northwest 

at $6.9 million (37 percent), Southwest at $6.7 million (73 percent), and Toronto at $5.1 

million (34 percent). 

 

2.7 Operating Reserve Prices 

 

Demand for operating reserve (OR) is reflected in the level of the OR requirement 

established by the IESO.  The average OR requirement for the 2009/2010 annual period 

was 1,496 MW, while in 2010/2011 the requirement was slightly higher at 1,519 MW, an 

increase of 1.5 percent.  
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Figure 1-12 shows monthly average operating reserve prices since 2003 for the three 

categories of OR: 10-minute spinning, 10-minute non-spinning, and 30-minute reserve.  

From 2003 to early 2008, OR prices were generally declining.  They then trended 

upwards from early 2008 to late 2009 as a result of a decline in OR resources available.
35

  

Since October 2009, OR prices have dropped and returned to pre-2008 levels.  

Contributing factors include increased OR supply from new fossil units coming on-line 

and the reduction in water availability in 2010 and 2011 (compared to the abnormally 

abundant water supply in 2009 that caused hydro generators to prefer to supply more 

energy but less OR). 

 

Figure 1-16:  Monthly Operating Reserve Prices by Category  

January 2003 ï April 2011 

($/MWh) 

 

 

                                                 

 
35

 The factors leading to the increase in OR prices observed in 2008 and 2009 were discussed in the Panelôs 

July 2009 Monitoring Report, pp. 45-46. 




























































































































































































































