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November 2013 — April 2014 Executive Summary

Executive Summary

This is the Panel’s 24th semi-annual Monitoring &épn the IESO-administered markets. In
Chapter 1 the Panel summarizes market outcomesisigaime May 1, 2013 to April 30, 2014
period (the “Current Annual Period”). Chapter 2udees on the results of the Panel’s review of
high-price and low-price hours, as well as othemaalous market outcomes that transpired in
the six months from November 1, 2013 to April 3012, or the “Winter 2014 Period” following
the period covered in the Panel’s last semi-anklaaditoring Report. Chapter 3 discusses
developments that affect the efficient operatiothef IESO-administered markets, and contains
the Panel's only recommendation in this reportajgtar 4 contains the Panel’s annual general
assessment of the state of the IESO-administerekietsasummarizes future market
developments of interest and discusses the sthtes@ammendations made in the Panel’s last

Monitoring Report.

1 Matters to Report in the Ontario Electricity Markplace
Export Nodal Price Chasing on Ontario Interties

The Panel’s sole recommendation in this reportas@to the Independent Electricity System
Operator (“IESQO”) and relates to Congestion Managiein®ettlement Credit (‘CMSC”)
payments for constrained-off transactions acrogsu@rs interties. The Panel frequently noted
concerns with, and made recommendations relatamtstrained-off CMSC payments, most
recently in its January 2014 Monitoring Report wehigrecommended that the IESO eliminate

constrained-off CMSC payments to intertie traders.

In the context of intertie transactions, constrdioff CMSC payments are essentially payments
to exporters for not exporting power from Ontadopayments to importers for not importing
power into Ontario. The Panel observes that t8C payments do not provide
commensurate value to the market, are susceptilgarhing, increase wholesale market uplift
charges and incent inefficient behavior. Sincekataopening, Ontario exporters have received
$162.9 million in CMSC payments for not exportimgyer and importers have received $94.3
million in CMSC payments for not importing powegyments that are ultimately recovered
from Ontario consumers. Other concerns aside, Clg&@nents for intertie transactions allows
a market participant to predictably profit throwsghategic bidding or offering behaviour.

PUBLIC 1



Market Surveillance Panel Report
November 2013 — April 2014 Executive Summary

One such behaviour, discussed in Chapter 3 ofélpisrt, is bidding by exporters in a manner
that is designed to result in their exports beiogstrained-off. Underlying this behaviour is the
powerful incentive created by constrained-off CM@&yments, which can have the effect of
making profits associated with not exporting powerch higher than the potential profits

associated with actually exporting power.

The Panel refers to bidding or offering behavidwat tappears to target CMSC payments as
‘nodal price chasing’. Simply stated, nodal pritasing is the placement of offers or bids at
prices that appear to have the predominant purgisggeting CMSC payments, as opposed to
purchasing or selling power from or to Ontario.eTPanel estimates that of the $31.6 million in
constrained-off CMSC paid to exporters from Jan2dyy3 to April 2014, upwards of $21.8
million (69%) appears to be associated with nodakpchasing.

The Panel’s analysis of a number of examples oéhpidce chasing reinforces the importance
of expeditiously addressing this issue, and theePthierefore re-iterates the recommendation
made in its January 2014 Monitoring Report thatlE®O eliminate constrained-off CMSC

payments for all intertie transactions.

Recommendation 3-1

The Panel recommends that the IESO eliminate coastied-off Congestion Management
Settlement Credit (CMSC) payments for all intertransactions, with due consideration to the
interplay between the elimination of negative CM$®8yments and Intertie Offer Guarantee

payments.
Data on Embedded Generation, Embedded ConsumpinohBehind-the-Meter Generation

There is currently a lack of data related to cartgnificant changes in the energy sector;
namely, the growth of generation that is conneatdtie distribution level (and not directly to

the IESO-controlled grid) and the revised allocaid the Global Adjustment. This lack of data
makes tracking changes in certain aspects of thkerraand assessing outcomes in the
market—more difficult. The Panel has identifiede#inmain categories of missing data:
embedded generation, consumption by large indugiads that are connected at the distribution
level, and behind-the-meter generation. Chaptdegtifies avenues that will be explored by the

Panel for the purposes of obtaining this data, vkl in turn enable the Panel to more
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accurately measure hourly supply and demand, dsag/ée response of electricity consumers
to incentives such as the Industrial Conservatnitmative (or “ICl,” the high-5 allocation of the
Global Adjustment).

High-5 Allocation of the Global Adjustment — IndiatConservation Initiative

Since the ICI was introduced in 2011, all loadswatpeak demand of over 5 MW have qualified
as Class A consumers for purposes of the allocatidime Global Adjustment (“GA”), and are

treated as such unless they elect otherwise.

In its June 2013 Monitoring Report, the Panel dised the efficiency and cost shifting effects of
the high-5 allocation of the GA. In this repohtetPanel observes that Class A consumers
connected at the transmission level reduced tlogisuumption in the high-5 hours of 2013 by an

average of over 600 MWh.

In May 2014, the Provincial government expandedsttape of the ICI effective July 2015, such
that consumers whose businesses are within cen@dustry specifications and whose peak
demand is 3 MW or greater can elect to be Clasesmsumers. While it is too early for the Panel
to comment on how these new Class A consumersegitiond, the total demand reductions on
high-5 days is expected to grow as the number a$<CA consumers increases. An increase in
the number of Class A consumers will likely leadyteater total Class A response to potential
high-5 days, which in turn would increase the diffty of predicting the high-5 days once the
Class A response is factored in. To the extertthearesult is reduced demand when the
incremental cost of production is low, there woltan adverse effect on short-term efficiency.

Investigations
The Panel currently has investigations under wagletion to three market participants (one
generator and two dispatchable loads), all of whethte to gaming.

Amalgamation of the Independent Electricity Sy<tgrarator and the Ontario Power Authority

As of January 1, 2015 the Independent Electricitgt&n Operator (IESO) and the Ontario
Power Authority (OPA) were amalgamated and continueder the IESO name. This report
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preserves references to the IESO or the OPA, $iryeexisted as separate entities during the

monitoring period covered by this report.

2  Summary of Market Outcomes

As noted above, the Panel’'s review of market oueogpans the Current Annual Period from
May 1, 2013 to April 30, 2014.

Demand and Supply Conditions

Ontario demand totalled 146.4 TWh in the Currenbhéad Period, up by 0.5 TWh (0.3%) from
the previous annual period. Increased domestiswroption was largely driven by the extreme
cold weather in the first few months of 2014, leadio January 2014 having the highest

monthly demand of the past five years.

During the Current Annual Period 534 MW of new nalae generating capacity was
connected to the IESO-controlled grid, consistingprily of new wind generation. Ontario
experienced several plant retirements during thiege All remaining coal-fired plants
(totalling 3,307 MW of generating capacity) werentved from service, making Ontario the

first jurisdiction in North America to fully elimiste coal as a source of electricity generation.

This net loss of IESO-controlled grid-connectedazty resulted in a 2,773 MW reduction in
total installed capacity to approximately 33,243 M¥/of April 30, 2014. However, the Panel
notes that significant generating capacity was dddéehe distribution level during the Current

Annual Period.
Market Prices and Effective Prices

The Panel reports what it calls the “effective eftitor Ontario consumers, which comprises the
Hourly Ontario Energy Price (‘HOEP”), the GA, artel5SO uplift. In the Current Annual Period,
the average effective price was $60.71/MWh for €klsonsumers that are directly connected
to the IESO-controlled grid, and $89.19 for all@ticonsumers (Class B consumers and Class A

consumers that are connected at the distributiel)lean increase of 17.8% and 15.1%,
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respectively, from the previous annual perfoBior both consumer groups, the increase in the
effective price was driven by considerable increasghe average weighted HOEP, associated
with the high average HOEP from January to Marct¥20Since the GA is inversely related to
the HOEP, it declined for both consumer groupsrduthe Current Annual Period. The

principal reason for the difference in the effeetprices as between consumer classes lies in the

methodology by which the GA is allocated to eadssl

Operating Reserve (OR) prices were much highererCQurrent Annual Period relative to the
previous annual period, with 10-minute spinning a@eminute non-spinning OR prices in May
2013 reaching the highest monthly average pri¢barhistory of the Ontario market. High OR
prices were a result of reduced OR supply dueweféR offers from hydroelectric facilities by
reason of high water conditions, and to reductiarise amount of Control Action Operating
Reserve available to be scheduled, particularMay 2013.

3 Analysis of Anomalous Market Outcomes

While the Panel’s review of market outcomes coeet2-month period, the Panel's analysis of
anomalous market outcomes spans a six-month peniticis case the Winter 2014 Period from
November 1, 2013 to April 30, 2014.

The Winter 2014 Period had an unprecedented nuoflyeurs in which the HOEP exceeded
$200/MWh (“high-price hours”). The 133 high-prikeurs experienced in the Winter 2014
Period not only far exceeded the number of houpgeenced in recent winter periods, but is
almost double the next highest number of high-phiwers experienced during any reporting

period since market opening.

The vast majority of the high-price hours occurpetiveen January and March 2014, when
Ontario was experiencing extreme cold weather. ififpacts of the sustained cold weather on
the electricity market was threefold: (i) electryolemand increased as temperatures decreased,;
(ii) natural gas demand spiked across much of Nantierica, leading to higher natural gas

prices; and (iii) cold temperatures led to moreéar nuclear generator outages. The high prices

! The “Class A" and “Class B” distinction stems frane classification of consumers into differentsskes for purposes of the
allocation of the GA, Class A consumers being theisese average peak demand exceeds 5 MW and ClamssBmers being
all other consumers. As noted above, effectivg JuR015 Class A is expanded to also include amess in specified industries
with peak demand of 3 MW or more.
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in January were coincident with the highest averdgetricity demand of the Winter 2014
Period, while high prices in February and Marchevasincident with high prices in the natural
gas market, which in turn increased the HOEP wilasafiged generators were setting the price.
While typically a net exporter, Ontario relied ogt imports during many hours in February and
March, 2014.

In addition to the record number of high-price luihe Winter 2014 Period also experienced
120 hours in which the HOEP was below $0/MWh (“rtagaprice hours”), mostly in
November 2013, when high-levels of negative-priodrs from nuclear and wind generators

coincided with below average demand.

There were 48 instances in which the Panel's anausalplift screening thresholds were met in
the Winter 2014 Period, compared to 9 such instircthe previous annual period. The

notable increase in anomalous events largely quorets with the extreme cold weather during
the Winter 2014 Period and the associated higHdedxfedemand and high average HOEP.

Many of the anomalous events were attributabl@ttofs that have been extensively analyzed in
previous Monitoring Reports; however, a small nundfesvents of particular interest were
selected for more in-depth review. SpecificallyJhapter 2 the Panel examines CMSC
payments associated with nodal price chasing, Cid&@nents made to constrained-on gas-
fired generation facilities as a result of day-aheemmitments and day-ahead Intertie Offer

Guarantee payments made in relation to import &etrens that failed to flow in real-time.

4  Overall Assessment

The focus of the Panel's overall assessment oéttite of the IESO-administered markets has
been on the fairness and efficiency of the mankéisn considered in the context of design
elements and policy decisions that affect marktiehcy but with which the Panel recognizes
as features of the current hybrid design.

Given this scope, the Panel has concluded thdEtB®-administered markets operated in a
reasonably satisfactory manner for the year endwed 2014. In particular, during the severe
Winter 2014 Period, the markets generally providpgdropriate signals to wholesale market

participants. Nevertheless, areas for improvenmetite design of and rules associated with the
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markets have been highlighted by the Panel thrasghbservations and recommendations,

made with a view to improving efficiency and eliraimg inappropriate payments.
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Chapter 1: Market Outcomes

This chapter reports on outcomes in the IESO-adst@red markets for the period May 1, 2013
to April 30, 2014 (the “Current Annual Period”),ttvicomparisons to the same period one year
earlier (the “Previous Annual Period”), as welladlser periods where relevant.

1 Pricing

This section summarizes pricing in the IESO-adnténesd markets, including the Hourly Ontario
Energy Price ("HOEP”), the effective commodity @rigncluding the Global Adjustment and
uplift), operating reserve prices, and transmissights auction prices.

Table 1-1: Average Effective Commodity Price byrSamer Class
May — April 2012/13 & May — April 2013/14
($/MWh)

Description:

Table 1-1 summarizes the average effective commediice’ in dollars per megawatt hour by
consumer class, for the Current and Previous AnRaebds. The average effective electricity
commodity price is the summation of the averagayiited HOEP, the average Global
Adjustment (“*GA”) and average uplift. The resudte reported for three consumer classes:
Direct Class A consumers, Class B & Embedded Qlassnsumers, and for all consumérs.

Av_erage Average Average Avera_ge
Customer Class Weighted (_3I0ba| Uplift Eﬁef:tlve
HOEP Adjustment Price

Direct Class A - 2013/2014 36.03 21.39 3.29 60.71
Direct Class A - 2012/2013 25.54 23.58 2.41 51.53
Class B & Embedded Class A - 2013/2014 39.20 46.49 3.49 89.19
Class B & Embedded Class A - 2012/2013 27.18 47.86 2.47 77.50
All Consumers - 2013/2014* 38.85 43.55 3.47 85.87
All Consumers - 2012/2013* 27.00 45.14 2.46 74.60

*The average effective price for “All Consumers’calculated using the previous GA allocation metiogy in
which all consumers were charged the GA basedein o rata share of total consumption duringpégod.

2 This price does not include delivery, some reguiatharges, or the Debt Retirement Charge.

3 Direct Class A consumers are Class A consumetsthalirectly connected to the IESO-controlledigaind Embedded Class
A consumers are Class A consumers that are corthatthe distribution level. Information regardimgurly consumption by
Embedded Class A consumers is not readily availaitea result, information pertaining to pricirag Embedded Class A
consumers is aggregated with information pertaimninGlass B customers. Chapter 3 discusses thefoeadditional data on
consumption by Embedded Class A consumers.
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Relevance:

In Ontario the effective price a consumer paysefectricity depends on which consumer class
they fall into. Consumers are divided into twowgwe: Class A, being consumers whose average
peak hourly demand exceeds 5 MW (these custontgrscally factories or other large

industrial consumers — can be directly connectaledESO-controlled grid or connected at the

distribution level); and Class B, being all othensumers (including all residential consumérs).

Commentary and Market Considerations:

The average effective commodity price increasedhdtecally for both Direct Class A and Class
B & Embedded Class A consumers during the Curremiudl Period, when compared to the
Previous Annual Period. For both consumer grohpsricrease in the average effective price
was driven by considerable increases in the avexagghted HOEP and average uplift. As can
be seen in Figures 1-2A and 1-2B below, increaséisd HOEP and uplift occurred largely in

the winter months from January to March 2014. Geprimarily recovers the costs of
payments to contracted and regulated generatingiress when market revenues are insufficient
to cover their contracted or regulated ratéscordingly, the HOEP and the GA exhibit an
inverse relationship, leading to a modest decreatie average GA in the Current Annual

Period.

4 See Ontario Regulation 398/10 (Adjustments uneetién 25.33 of the Act) made under fHectricity Act, 1998available at
http://www.e-laws.gov.on.ca/html/source/regs/endfi®10/elaws_src_regs_r10398 e.h8tarting July 1, 2015 Class A will
also include consumers whose businesses are withiain industry specifications and whose averagd pourly demand
exceeds 3 MW.

® The costs associated with compensating loads uhddntario Power Authority’s three demand respgregrams are also
recovered through the GA charge.
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Figure 1-1: Monthly Average Effective Commodity g and Total System Cost
May 2009 — April 2014
($/MWh & $ millions)

Description:

Figure 1-1 plots the average effective electriciynmodity price for Direct Class A and Class B
& Embedded Class A consumers, from May 2009 tolAi14, as well as the monthly total
system cost over the same periorior to the change in the allocation of the ®@2011, all

consumers were charged GA based on their pro hate ®f total consumption during the
period.
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Relevance:

Figure 1-1 highlights how the change in the GA@dkion methodology has affected the
effective commodity price paid by each consumeugro

Commentary and Market Considerations:

Relative to previous periods, monthly total systasts from late 2012 onwards have exceeded
historic levels. The increase has been largelyedrby the return to service of two Bruce Power

nuclear units in the fall of 2012 following refusbiment, which has considerably increased the

® Total monthly system cost is the sum of the HOEStsbal Adjustment and uplift charges for a giveontin.
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province’s contracted obligations and thus the gayto be recovered through the GA (the
contribution of different types of generation te iBA is shown in Figure 1-10 below). In
addition, a pronounced spike in the HOEP (see Eige8 below) triggered a spike in monthly
total system costs between January and March 28%4 result, non-regulated generating assets
and those with energy market revenue retentiorsekain their contractseceived market

revenues that generally exceeded recent levels.

The effective commodity price payable by differeahsumer groups diverged significantly at
the beginning of the Current Annual Period, contiguhe trend observed since the GA
allocation methodology changed in January 201hceSihe current GA allocation methodology
results in Class B consumers paying more GA thap would have based on the former
methodology (where all consumers were charged G&dban their share of total consumption),
the average effective commaodity price paid by CEig®nsumers increases more significantly
than that paid by Class A consumers when the GAesak an increasing portion of the total
system cost. Conversely, due to the inverse oglsliip between the HOEP and the GA, when
the HOEP makes up proportionally more of the teyakem cost, the average effective
commodity price paid by Class B consumers increlesssthan that paid by Class A consumers.
The total monthly GA rose in late 2013, widening tlap between the average effective
commodity price paid by Class A consumers andphat by Class B consumers. In contrast,
the considerable increase in the average HOEPin 2314 caused a significant convergence in

the average effective commodity price payable lmhed the two consumer classes.

Figures 1-2A & 1-2B: Average Effective Electricitgommodity Price by Consumer Class

Description:

Figures 1-2A and 1-2B divide the monthly averadeative electricity commaodity price into its
three components (average load-weighted HOEP, gw&®d, and average uplift) for Direct
Class A and for Class B & Embedded Class A conssimespectively, for the Current and

Previous Annual Periods.

" Generally, contracts in Ontario guarantee a fo@uhpensation level. Where that is the case, tlaé ¢otpensation to these
generation facilities (and thus the cost to consajris largely unaffected by the HOEP. However, smontracted resources,
such as those with Clean Energy Supply contracta the Ontario Power Authority, are allowed to ireecertain percentage of
revenue earned above their contracted level.
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Figure 1-2A: Average Effective Electricity CommogiPrice

for Direct Class A Consumers by Component
May 2012 — April 2014
($/MWh)

Chapter 1

Figure 1-2B: Average Effective Electricity CommodgiPrice
for Class B & Embedded Class A Consumers by Compbne
May 2012 — April 2014
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Relevance:
These figures illustrate how changes in the indigslccomponents of the effective commodity

price affect the average effective commodity ppeed by each consumer group.

Commentary and Market Considerations:

As discussed in the Commentary section associatadrigure 1-1, as a result of the revised GA
allocation methodology, the two consumer groupsaffiexted differently by changes in the three
components of the average effective commodity prkeer instance, in January through March
2014, both consumer groups saw an increase irvidrage weighted HOEP from $60/MWh to
$80MWh. While the increase in the weighted HOER wsianilar for both, the effect on the
average effective commodity price over the sameetimonth period was not: Class A
consumers’ effective commodity price increased dyeen $10/MWh and $30/MWh, while
Class B consumers’ effective commodity price insezhby between $0/MWh and $20/MWh.
The result was a convergence of the average aféecimmodity price paid by each consumer
group during these months. Conversely, in Nover@dbéB when the total monthly GA
increased due to a decrease in the weighted HOER\VErage effective commaodity price for
Class A consumers remained relatively constanteathié effective commodity price for Class B

consumers increased by approximately $10/MWh.

In March 2014, the GA allocation methodology beteefiClass B consumers as the HOEP rose
high enough that, for the first time since June&@be average GA for the month was a credit
($0.16/MWh).
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Figure 1-3: Monthly Average HOEP
May 2012 — April 2014
($/MWh)

Description:

Figure 1-3 displays the average HOEP by month fiktesy 2012 to April 2014.
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Relevance:

The HOEP is the average market price for a givar bhad is one component of the all-in
effective price paid by consumers. The HOEP iswated as the average of the 12 real-time
market clearing prices (“MCP”) set every 5 minutg<alancing supply and demand in the
Ontario electricity market. The HOEP is paid dihgby consumers who participate in the

wholesale electricity market, and indirectly by atlconsumers through the Ontario Energy
Board’s Regulated Price Plan.

Commentary and Market Considerations:

The monthly average HOEP reached an eight yearihigkbruary 2014, averaging
$78.53/MWh. The sustained high average HOEP bigdanuary 2014 and continued through
March. High prices during those months were prilpalriven by sustained extreme cold

temperatures, which served to increase demandjgirichatural gas supply conditions. The
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constrained supply and transportation conditiorthénnatural gas market led to increased
natural gas prices (see Figure 1-4), which in incneased the marginal cost of gas-fired units;
these units had a strong influence on the HOER&sget the MCP an average of 35.3% of the
time during January to March 2014 (see Figure 1-6).

For a detailed analysis of the conditions thattteligh electricity market prices during the
period, see Chapter 2.

Figure 1-4: Average Monthly Dawn Hub Day-Ahead G&sice and the On-Peak HOEP
May 2009 — April 2014
($/MWh & $/MMBtu)

Description:

Figure 1-4 plots the monthly average day-aheaggass at the Dawn Hub and the average
monthly HOEP during peak hours since May 2009.
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Relevance:

The Dawn Hub is the most active natural gas tratingin Ontario, with the largest storage
facility in the province. Gas-fired generatorsitgtly purchase gas day-ahead; for that reason,

the Dawn day-ahead gas price is a relevant meastine cost of natural gas in Ontario. Natural
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gas prices are compared to the on-peak HOEP, aggagenerators frequently set the price

during these hours.

Commentary and Market Considerations:

Movements in the on-peak HOEP are highly correlatigd movements in the spot market gas
price, with a simple correlation coefficient betwabe two variables of 0.85; this relationship is
particularly observable from November 2013 to AgflL4. Greater demand for natural gas and
a constrained transportation network contributeis¢oeasing natural gas prices, which in turn

increased the average on-peak HOEP.

Figure 1-5: Frequency Distribution of the HOEP
May — April 2012/13 & May — April 2013/14
(% of total hours)

Description:
Figure 1-5 displays the frequency distributionled HOEP for the Current Annual Period and

the Previous Annual Period, as a percentage dfhiotas.
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Relevance:

The frequency distribution of the HOEP illustraties proportion of hours that the average
HOEP falls in a given price range. This provid#@eimation that the average HOEP does not,
such as the frequency of occurrence of extremealy br low prices.

Commentary and Market Considerations:

The distribution of prices was much broader in@uerent Annual Period (more instances of
hours with high and low prices), relative to thewwous Annual Period. The frequency of a
negative HOEP increased from 1.5% of total hoursnduhe Previous Annual Period, to 4%
during the Current Annual Period, while instancéemwthe HOEP was greater than $100/MWh
increased from 0.7% to 6.0%. In the Current AnfReriod, more hours had prices in each
range from $30/MWh and higher.

The greater number of hours with higher pricedortght of the distribution occurred primarily

during the winter months when extreme cold weatvess experienced.

The increase in the frequency of hours with a negddOEP was largely driven by: (i) two
Bruce Nuclear units returning to service in thé #&2012, providing an additional 1,552 MW of
negative-priced capacity in half of the PreviousAal Period but all of the Current Annual
Period; (ii) a significant increase in negativeepd offers from must-run hydroelectric facilities
during the Current Annual Period (13% increase ftbenPrevious Annual Period); and (iii)
increased installed capacity and generation fromdwesources, which typically offer at
negative prices. The downward effect on prices mvast prominent during the shoulder

seasons.
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Figure 1-6: Share of Resource Type Setting Real-EiMCP
May 2009 — April 2014
(% of intervals)

Description:

Figure 1-6 presents the quarterly share of intsriralvhich each resource type set the real-time
MCP as the marginal resource, from May 2009 to |A&%14.
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Relevance:

The relative frequency of each resource type ggttia real-time MCP provides insight into

Ontario’s changing supply mix as well as factorshsas seasonal demand and the changing
costs of certain fuel sources.

Commentary and Market Considerations:

Several changes occurred during the Current AnReabd. The retirement of coal-fired
resources was completed by January 2014, aftethwidccoal resources could set the MCP. In
September 2013, wind resources transitioned framghatermittent facilities incapable of
setting the MCP to dispatchable facilities thattketMCP less than 3% of the time.

The share of nuclear resources setting the MCPiradseased in the Current Annual Period.

The return of two Bruce Nuclear units in late 20th2, increased installed capacity of renewable
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generation, and the establishment of a price fiooflexible nuclear generation all bumped
nuclear generation up the supply stack towardsndwgin and contributed to the increase in the
percentage of time that nuclear units set the MBR.3% increase in the quantity of must-run
hydroelectric generation in the Current Annual &@relative to the Previous Annual Period
contributed to a considerable increase in the #aqy with which hydroelectric units set the
real-time MCP. Nuclear, wind, and must-run hydectic resources typically offer at negative

prices, and the increase in the frequency with Wwkiese resources set the MCP contributed to
the increase in negative-price hours seen in Fifjtbe

Figure 1-7: Share of Resource Type Setting Pre-Casgh MCP
May 2009 — April 2014
(% of hours)

Description:

Figure 1-7 presents the quarterly share of houvghich each resource type set the pre-dispatch
MCP as the marginal resource, from May 2009 to |A&%14.
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Relevance:

When compared with Figure 1-6 (resources settiegehl-time MCP), the relative frequency of
each resource type setting the pre-dispatch MCHges insight into how the marginal resource

mix changes from pre-dispatch to real-time. Oftipalar importance is the frequency with
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which imports and exports set the pre-dispatch M&3Rhese transactions are unable to set the
real-time price, another resource will set the-temaé MCP. When the price is set by an import

or export in pre-dispatch, a divergence betweemptbealispatch and real-time MCPs will occur.

Commentary and Market Considerations:

Imports and exports set the price in 34% of thedispatch hours in the Current Annual Period.
In February and March 2014, imports and exportsheepre-dispatch price 46% of the time, the
highest monthly total since October 2009. Thesenwnths contributed to a greater overall

price discrepancy between pre-dispatch and rea-tivarket prices, as seen in Figure 1-8.

Figure 1-8: Difference between the HOEP and the Or@ur Ahead Pre-Dispatch MCP
May — April 2012/13 & May — April 2013/14
(% of total hours)

Description:

Figure 1-8 presents the frequency distributiorhef$/MWh difference between the HOEP and
the one-hour ahead pre-dispatch (“PD-1") MCP fer@urrent and Previous Annual Periods.
The price differences are bucketed in $10 increm@mith the bucket “10” on the x-axis
representing price difference between $0.01 and &id so forth), save for the $0/MWh bucket
which represents no change between the PD-1 MCRhandOEP. Positive differences on the
X-axis represent a price increase from pre-disp@tehal-time, while negative differences

represent a price decrease from pre-dispatch tdinea
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Relevance:

The PD-1 MCP determines the schedules for impatteport transactions, which are then
carried over to real-time. While intertie transaies are scheduled on the basis of the PD-1
MCP, they are settled on the basis of the HOEPth&alegree supply and demand conditions
change between PD-1 and real-time, imports or égpoay be over- or under-scheduled relative
to the HOEP. For instance, an exporter that iBngito pay the PD-1 MCP may not want to pay
the HOEP if it increases in real-time (due to,if@mtance, a generator outage between PD-1 and
real-time), as paying the higher HOEP could reisudt loss on the export transaction.
Alternatively, prices could fall between PD-1 aedlrtime, increasing an exporter’s profit, but

potentially leaving it purchasing less than theylgdooptimally purchase.

Commentary and Market Considerations:
In the Current Annual Period, the thicker tail be teft-hand side of the distribution relative to
the right-hand side indicates that the HOEP deerkesative to the PD-1 MCP more frequently

and by a greater degree than it increased.

Relative to the Previous Annual Period, overakliy of the PD-1 MCP relative to the HOEP
decreased, while volatility increased on an absdbaisis (a larger standard deviation in the
Current Annual Period). The increase in the fregqyeof price divergences greater than +/- $10
was in large part due to the higher average HOERrokd during the Current Annual Period, as
the average absolute standard deviation tendstedse proportionally as the average price
increases. The larger price divergences increthselikelinood of intertie transactions being

scheduled when uneconomic on the basis of the HOEP.
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Table 1-2: Factors Contributing to Differences beten
One-Hour Ahead Pre-Dispatch MCPs and Real-Time Rysc
May - April 2012/13 & May - April 2013/14
(MW per hour and % of Ontario demand)

Description:
The Panel has identified six main factors that buate to differences between the price in PD-1

and the price in real-time in any given hour. Thitors are categorized as follows:
Supply
» Self-scheduling and intermittent forecast devia(otimer than wind)
* Wind forecast deviation
* Generator outages
* Import failures/curtailments
Demand
» Pre-dispatch to real-time demand forecast deviation

» Export failures/curtailments

For all but one of these factors, Table 1-2 prestrdg average absolute difference in megawatts
per hour, including as a percentage of Ontario aeinfmr the Current and Previous Annual
Periods. The effect of generator outages is naisomed in this table; these events tend to be
infrequent but have significant price effects ie thiven hour. Generator outages are discussed

in greater detail in Chapter 2.

2012/2013 2013/2014
Average Average Average Average
Factor Absolute Absolute Absolute Absolute
Difference Difference (% Difference Difference (%
(MW per of Ontario (MW per of Ontario
hour) Demand) hour) Demand)
Average Ontario Demand 16,223 16,195
Pre-dispatch to Real-tlme Demand 190 1.17% 208 1.29%
Forecast Deviation
Self-Scheduling and Intermittent o 0
Forecast Deviation (Excluding Wind) 27 0.17% 37 0.23%
Wind Forecast Deviation 84 0.52% 99 0.61%
Net Export Failures/Curtailments 70 0.43% 100 0.62%
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Relevance:
Identifying the factors that lead to deviationsvien the PD-1 MCP and the HOEP provides
some insight into the root causes of price risks garticipants, particularly importers and

exporters, will face as they enter offers and Imtls the market.

Commentary & Market Considerations:

Consistent with the decreased fidelity and incréasdatility of the PD-1 MCP relative to the
HOEP, all sources of potential difference increasesbsolute terms and as a percentage of
Ontario demand. While on an absolute basis winecfist deviation increased, this was a result
of greater installed capacity of wind in the CutrAnnual Period. The implementation of
centralized wind forecasting in October 2012 cdnitied to a decrease in wind forecast error,
from 15.6% in the Previous Annual Period to 14.80%thie Current Annual Period. Net export
failures/curtailments increased, in part due togmnt supply adequacy concerns in Ontario
during the 2014 winter months that led to increasqubrt curtailments (see Table 1-5).

Figure 1-9: Difference between the HOEP and the Ba-Hour Ahead Pre-Dispatch MCP
May — April 2012/13 & May — April 2013/14
(% of total hours)

Description:

Figure 1-9 presents the frequency distributiorhef$/MWh difference between the HOEP and
the three-hour ahead pre-dispatch (“PD-3") MCPtlier Current and Previous Annual Periods.
The price differences are bucketed in $10 increméwith the bucket “10” on the x-axis
representing price difference between $0.01 and &id so forth), save for the $0/MWh bucket
which represents no change between the PD-3 MCRhandOEP. Positive differences on the
X-axis represent a price increase from pre-disp@tehal-time, while negative differences

represent a price decrease from pre-dispatch tdinea
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Relevance:

The PD-3 MCP is the last price signal seen by thekat prior to the closing of the offer and bid
window, after which offers and bids may only beraped with consent from IESO’s control
room. Differences between the HOEP and the PD-PMicate changes to the supply and
demand conditions between these two time peridé® resultant changes in price are
particularly important for non-quick start faciés and energy limited resources, both of which
rely on pre-dispatch prices to make operationaisitats. Additionally, price changes are
particularly important to intertie traders whosergmaal benefit or cost, and therefore bids and
offers in other jurisdictions, are often informeglfgre-dispatch prices in Ontario.

Commentary and Market Considerations:

Volatility increased in the Current Annual Pericldthere were far fewer price differences within
$10/MWh on either side of $0/MWh. As was the cagtb the PD-1 MCP (Figure 1-8), both the
decrease in price fidelity between PD-3 and reaktand the increase in absolute volatility was
largely due to the higher average HOEP observeidgltiie Current Annual Period. The
increased price volatility made it more difficutirfmarket participants to forecast the HOEP in

the three-hour-ahead timeframe.
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Figure 1-10: Monthly Global Adjustment by Source
May - April 2012/13 & May- April 2013/14
($ millions)

Description:

Figure 1-10 plots the costs recovered through thee@&ch month, by component, for the Current
and Previous Annual Periods. The total GA is dddiéhto six components:

Payments to nuclear facilities (Bruce Nuclear amtia@o Power Generation nuclear
assets)

» Payments to holders of Clean Energy Supply (“CE®B9luding early-mover and

accelerated gas-fired generation contracts), asas€lombined Heat and Power
(“CHP”) generation contracts

Payments to holders of Ontario Electricity Finah€larporation non-utility generator
(“NUG") contracts

* Payments to regulated or contracted hydroelecémnegation

Payments to holders of contracts for renewable p¢kexed-in Tariff (“FIT”), microFIT,
Renewable Energy Supply (‘RESOP”)), and

Payments to others (including, the Ontario Powaharity’'s (“OPA”) demand response

programs, conservation programs, and the contriélst@PG’s Lennox generating

station).
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Relevance:

The GA by source helps identify the driving forcehind the total GA. High GA totals for a
particular source may be the result of higher @mtéd rates or lower market revenues, more
megawatts of production or capacity, or a combamatf these factors.

Commentary and Market Considerations:

The GA exhibited an upward trend for most of 20Month to month changes in the GA can be
primarily attributed to changes in payments to eaclnits, which are largely driven by unit
availability, production and the HOEP. With redpiecunit availability and production, two
Bruce Nuclear units returned to service in Septer2b&?2 following an extended refurbishment
period; increased compensation to the nuclear ¢di@ete expected to continue. Due to the
contracted or regulated compensation framework@atear units, the HOEP also affects total
monthly compensation to be recovered through the GAnerally, nuclear units receive a flat
rate per MWh of production, and receive a top-uynpent when the HOEP is below the
contracted or regulated rate, or rebate the mavken the HOEP is above that rate. Payments
are therefore inversely related to the HOEP, shasverage HOEP declined from early 2013 to
a two-year low in November 2013, GA payments tdearcfacilities increased.

Hydroelectric facilities have a similar compensatstructure to that of the nuclear units, so
compensation to hydroelectric facilities to be resred through the GA also experiences the
same inverse relationship with the HOEP. Withhigkher average HOEP in December 2013,
both nuclear and hydroelectric facilities receilesk compensation through payments to be
recovered through the GA, to the point where th&eER®@egularly exceeded their contracted or
regulated rate, and both were essentially makiygneats toward the GA from January through
March 2014.

The same was not the case for other resourcesseTasources tended to have higher contracted
rates or contract structures that lead to reduc®@@npensation, not necessarily when the
HOEP is high but when operating profits are beiragle? GA recovered for the “Other”

8 For instance, CES contracted gas-fired generaterguaranteed a monthly payment under their attstr@ihis payment is
reduced by profits made in the electricity markethe winter 2014 months when the HOEP was highoe was the price of
gas, meaning gas-fired generators were not nedgssaking as large a profit as the high HOEP wasuggest. As a result their
compensation recovered through the GA droppedhbito the point of going negative.
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category did not decrease as much as the otheresodue the recovery of costs under the

OPA’s demand response programs, which is not &ffielay the level of the HOEP.

Figure 1-11: Total Hourly Uplift Charge by Componérand Month
May 2012 — April 2014
($ millions)

Description:

Figure 1-11 presents the total hourly uplift chargg component and month for the Current and
Previous Annual Periods. The uplift componentsude Congestion Management Settlement
Credit (“CMSC") payments, Intertie Offer Guaran{&®G”) payments, Operating Reserve
(“OR”) payments, hourly voltage support paymentd bme losses.
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Relevance:

Hourly uplift is a component of the effective prigkelectricity consumption in Ontario. Hourly
uplift is charged to consumers based on their gt@ share of total hourly demand in order to

recover the costs associated with various marlagrams and design features.
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Commentary and Market Considerations:

All components of hourly uplift are either directly indirectly linked to the HOEP. For
instance, total line losses are a function of tkk#ER and loss factors, while OR prices tend to
follow changes in the HOEP as the energy and ORet&are co-optimized.

Changes in total hourly uplift costs were therefgimilar to changes in the HOEP over the two
year period. This is particularly evident betwdanuary and March 2014 as total hourly uplift
charges surged along with the average HOEP. @fdumterest is the spike in total OR costs in
May 2013, without a corresponding spike in the agerHOEP (see Figure 1-13 for further
detail).

Figure 1-12: Total Non-Hourly Uplift Charge by Congment and Month
May 2012 — April 2014
($ millions)

Description:
Figure 1-12 presents total non-hourly uplift by gmment and month for the Current and
Previous Annual Periods. The uplift componentsuidke three main categories:
» Payments for ancillary services (i.e. regulatiorvise, black start capability, monthly
voltage support);
* Guarantee payments to generators, including Dayadfroduction Cost Guarantee
(“PCG”) payments and Real-Time Generator Cost Guasa(“GCG”) payments; and
» Other, which aggregates charges and rebates skl administrative pricing charge

and Local Market Power rebate, among others.
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Relevance:

Non-hourly uplift is a component of the effectivece of electricity consumption in Ontario.

Non-hourly uplift is charged to consumers basetheir pro rata share of total demand during

the relevant billing period (typically daily or mitnty) in order to recover the costs associated
with various market programs and design features.

Commentary and Market Considerations:

Several features stand out from the graph:

A large payment adjustment occurred in January 20i&r the PCG program, leading to
a net PCG rebate for the month.

In September 2013 a similar adjustment was maderuhd IESO’s Local Market Power

framework, in which an approximate total of $6 il was recovered from various
market participants and redistributed to consumers.

Another substantial rebate occurred in May 2013mndre adjustment to a regulation

service contract led to a net ancillary serviceatelio consumers.

Monthly ancillary service costs were elevated frauty 2013 to January 2014 as a result

of payments under a reliability must-run contrasgatiated by the IESO with a facility
that would otherwise be decommissioned.
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Figure 1-13: Average Monthly Operating Reserve Reg; by Category
May 2012 — April 2014
($/MW per hour)

Description:

Figure 1-13 plots the monthly average OR pricdhathree OR markets: 10 minute
synchronized (“10S”), 10 minute non-synchronizetb”), and 30 minute reserve (“30R”).
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Relevance:

The three OR markets are co-optimized with theggnerarket, meaning resources are

scheduled across all markets to minimize total, g@sprice levels in these markets tend to move
in similar directions.

While resources offer supply into OR markets, pssthey offer into the energy market, OR
“demand” is set by the IESO'’s total OR requiremente total OR requirement is specified in
the reliability standards set forth by North AmancElectric Reliability Corporation and
Northeast Power Coordinating Council to be sufiitimegawatts to allow the grid to recover
from the single largest grid contingency withinrhthutes, plus additional OR to recover from

half of the second largest contingency within 3@ues. This requirement ensures that the grid
can operate reliably even in the event of largdingencies.
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Commentary and Market Considerations:

OR prices were higher in the Current Annual Pedochpared to the Previous Annual Period,
especially in the 10S and 10N markets. High ORgsrduring the spring and fall of 2013 were
in part a result of reduced OR offered by hydrdsutdue to reduced operating flexibility during
freshet conditions). Specifically, freshet conitds to an increase in the amount of
hydroelectric lockouts experienced (primarily ie tHortheast and Northwest). Hydroelectric
lockouts limit the amount of times a unit can marewithin a reduced megawatt range; these
lockouts can last for several intervals up to sgMeours. There were a total of 148
hydroelectric lockouts in May 2012, in May 2013tthecreased to 584, in November 2013 there
were a total of 984 hydroelectric lockouts, allnfich contributed to higher OR prices during
those months. The price impact of reduced supply mvore profound in the 10S and 10N
markets where hydroelectric resources most commuffdy OR?

In addition to the reduction in OR available frogdioelectric facilities, there were regular
reductions in the amount of Control Action OpergtiReserve (“CAOR”) available to be
scheduled in the OR markets, particularly in Mag28 The reasons for and the effects of the
May 2013 CAOR reductions were discussed in gredtil in the Panel’s September 2014
Monitoring Report!

° To mitigate concerns over insufficient competitinrthe OR markets at market opening, the IESOQmigrio Power
Generation (OPG) negotiated an agreement thataibtigOPG to offer the maximum available amountRf €onsistent with
good utility practices, at each one of their ORatde facilities, all subject to a hard offer prazagp. In 2013 the IESO determined
the OR markets were sufficiently competitive tatiiyshe removal of OPG's offer obligations, beging in January 2014. As
more data becomes available, the Panel will coattoumonitor the effect on outcomes in the OR ntaaksociated with
removing the obligation.

19When available supply is insufficient to meet dathand reserve requirements, the IESO may takefemiarket actions to
maintain reliability. The Market Rules allow theSP to include two such out-of-market actions, \gataeductions and
reductions in the thirty-minute OR requirementaaibstitute for OR offered by market participaiitse megawatts of reserve
afforded by these out-of-market actions are knosv@antrol Action Operating Reserve.

1 For more information see Section 3.1 of Chaptef the Panel’'s September 2014 Monitoring Reporjlable at:
http://www.ontarioenergyboard.ca/oeb/_Documents/MEP Report_May2013-Oct2013 20140924.pdf
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Figure 1-14: Average Internal Nodal Prices by Zone
May 2013 — April 2014
($/MWh)

Description:
Figure 1-14 illustrates the average nodal pric®wfario’s ten internal zones for the Current and
Previous Annual Periods. In theory, nodal prieggesent the cost of supplying the next

megawatt of non-dispatchable consumption at a givesttion.
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Relevance

While the HOEP is the uniform wholesale marketg@across Ontario, the cost of generating
electricity may differ across the province dueitoiis on the transmission system and the cost of
generators in different regions. Nodal prices appnate the regional value of electricity when
respecting the internal transmission constrain@mfrio. Differences in average nodal prices
across zones illustrate the discrepancy betwegplysapd demand between different

transmission constrained geographic regions of i@nta
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Commentary and Market Considerations:

In the absence of major transmission outages nvesage zonal prices tend to move together,
aside from the Northwest and NortheXsthe divergence between prices in the northernszone
and prices in the rest of the province is due ¢éoatailability of low-cost generation in excess of
demand in the areas, and insufficient transmissidransfer power to the southern part of the

province.

Relative to the Previous Annual Period, averageahpdces in southern zones increased along
with the average HOEP in the Current Annual PeriGdnversely, the Northeast and Northwest
zones both experienced large decreases in aveoageprices. The decline in average nodal
prices in the Northwest and Northeast comparetiedrevious Annual Period can be attributed
to an increase in the number of “must-run” hourshigdroelectric units. Hydroelectric units
experience “must-run” conditions when safety, emwinental or regulatory concerns dictate the
units must generate at a certain output; these wedtgmare offered into the market at extremely

negative prices to ensure they are scheduled.

Figures 1-15 & 1-16: Import and Export Congestiorybnterface Group

Description:
Figures 1-15 and 1-16 report the number of hoursmmath of import and export congestion

respectively, by interface during the Current anevi®us Annual Periods.

The interties that connect Ontario to neighboujurgsdictions have finite transfer capabilities.
When an intertie has a greater amount of econoetiamport offers (or export bids) than its
one-hour ahead pre-dispatch transfer capability,ititertie is considered to be import (export)
congested. Demand for intertie transfer capalgityriven in part by price differences between
Ontario and other jurisdictions. The supply okitie transfer capability is dictated by the
physical capacity at each interface, though it im@gffected by line outages and de-ratings.

2 while average nodal prices outside the NortheadtNorthwest are similar, transmission outagesreault in significant
temporary differences in nodal prices.
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Relevance

While the HOEP is the wholesale market price fandstic consumers and producers, the price
for import and export transactions can differ frita HOEP when there is congestion on the
intertie. When there is import congestion, imparteceive less for the energy they supply
while exporters pay less for the energy they pwel{¢he intertie zonal price decreases relative
to the HOEP). When there is export congestion meps receive more for the energy they

supply while exporters pay more for the energy thaschase (the intertie zonal price increases
relative to the HOEP).

Figure 1-15: Import Congestion by Interface
May 2012 — April 2014
(number of hours in the unconstrained schedule)
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Commentary and Market Consideration:
The dramatic reduction in import congestion sincéoDer 2012 on the Manitoba and Minnesota
interfaces is due to a change in the demand fostea capability on those interfaces (modest de-

ratings of each interface also contributed to feedwcongestion in the Previous Annual Period).
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As noted in the Panel’'s January 2014 Monitoringd®&pthe elimination of constrained-off
CMSC paid to market participants importing into lr@hically Congested Area significantly
reduced import activity at the Manitoba and Minrtasaterties. Reductions in offered import
megawatts and increases in the average offer moegled with a decrease in the average nodal
price in the Northwest, have decreased the quamitityports scheduled on these interties. The

reduced need for import transfer capability haimn significantly decreased the amount of
import congestion.

Line outages have led to reduced transfer capatitye Minnesota intertie, contributing to

increased import congestion in 2014. No otheri@ experienced regular import congestion
during the Current Annual Period.

Figure 1-16: Export Congestion by Interface Group
May 2012 — April 2014
(number of hours in the unconstrained schedule)
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Commentary and Market Consideration:
Export congestion on the New York, Michigan and Misota interties occurred far more

frequently in the Current Annual Period relativahe Previous Annual Period, with that

13 For more information see Chapter 3, Section 3thePanel’'s January 2014 Monitoring Report, abédlat:
http://www.ontarioenergyboard.ca/oeb/_Documents/MEP Report Nov2012-Apr2013 20140106.pdf
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congestion concentrated in the first half of theque With reduced and negative net exports in
the Winter of 2014, export congestion was much low&hile all interties experienced
transmission de-ratings, only New York, Michigam &innesota experienced prolonged
periods when the number of outstanding transmissghns (“TR”) exceeded the intertie transfer
capability (see the Description section of Figw&71lfor more information on why this can lead
to greater congestion). When coupled with net exfbmwvs to New York and Michigan in every
month of the Current Annual Period, as well as astmonths to Minnesota, the interties
experienced increased export congestion.

Figure 1-17: Import Congestion Rent & TR Payouts byterface Group
May 2013 — April 2014
($ millions)

Description:

As discussed in the Relevance section associatadrigures 1-15 and 1-16, the intertie zonal
price differs from the HOEP when the intertie imgested; the difference in prices is referred to
as the Intertie Congestion Price (“ICP”). Whenraertie is import congested the intertie zonal
price is less than the HOEP, while the reversais when the intertie is export congested.
When an intertie is congested the importer or edgpas paid or pays the intertie zonal price,
while the domestic buyer or seller pays or is paglHOEP. The difference between the
amounts collected from and paid to market partitipgs known as “congestion rent”.

Congestion rent accrues in the IESO'’s transmissgiit clearing account.

To enable intertie traders to hedge against thkeofisongestion-related pricing, the IESO
administers TR auctions. TRs are sold by intentid direction (import or export) for periods of
one month or one year. The owner of a TR is ectitb a payment equal to the ICP multiplied

by the amount of TRs they hold every time congesticcurs on the intertie and direction for
which they own a TR. This product allows an ingettader to hedge against congestion related
pricing, ensuring they are settled on the HOEPratdhe zonal price; this increased certainty
can lead to greater intertie activity. An intetti@der that holds the exact same amount of import
TRs as the amount of energy they are importingréeptly hedged against congestion as TR
payments exactly offset price differences betwberHOEP and the relevant intertie zone.

Payments to TR holders are disbursed from the €Rriclg account.
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While TR payouts are theoretically offset by conigesrent collected, over the course of an
annual period this is never the case. When TR ytayexceed congestion rent collected the TR

clearing account is drawn down; the opposite is tiihhen congestion rents exceed TR payouts.

Figure 1-17 compares the total collection of immangestion rent to the total payment of TRs

by interface group for the Current Annual Period.
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Relevance:

In addition to congestion rent collected and TRquay, there is a third component of the TR
clearing account: auction revenues. Auction reesrare the proceeds from selling TRs (a
payment into the TR clearing account). In the Pauwveew, TR auction revenues ought to be

paid to consumers as an offset in transmissiorgeisarIf there were no TRs in Ontario, but all
other aspects of the market design were retairedjestion rent would still be collected by the
IESO whenever there was congestion on an inteftiese congestion rents are the price
importers and exporters are prepared to pay fosthece transmission capacity, suggesting that
rents might be paid to transmission owners. Buhagransmission companies are rate regulated

entities, any congestion rents paid to them wouddpmably be used to offset their regulated
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revenue requirement. Thus, their customers (Gntamsumers) would benefit from congestion

rents

Due to the two schedule systéntransaction failures and intertie de-ratings, etame
congestion events in which a congestion rent shlbefises; instead of remaining revenue
neutral, these events drain the TR clearing accotlihése shortfalls are covered by the
account’s other revenue streams: primarily auatemenues. To this end, every dollar of

congestion rent shortfall represents a dollar isliwtsed to consumers.

Commentary and Market Consideration:

All interties experienced import congestion rerarstalls in the Current Annual Period. The
Michigan intertie had the greatest shortfall with4M more import TR payouts than congestion
rent collected. New York had the smallest discnegavith a $0.2 M congestion rent shortfall.

In total, the shortfall totaled $3.9M; money thatthe Panel’s view ought to have been paid to

consumers but that was paid to TR holders.

Manitoba experienced negative import congestiohcelected, which occurs when an intertie
is import congested in the pre-dispatch unconstchsthedule, but the real-time constrained
schedule has scheduled net expthts.

The interties with a high frequency of congestionis (see Figure 1-15) did not necessarily
correlate with high import transmission right paigand import congestion rent, primarily

because of differences in intertie capacity (dn({TRs sold) at each intertie.

The IESO has implemented a more conservative apipttoal R auctions that should reduce the
frequency with which the quantity of outstandingsTékceeds the eventual intertie transfer

capability’” Given the year-long period in which long-term TRs walid, this change will not

4 For more information on the TR market and the bmi disbursing funds from the TR clearing accdoriffset transmission
service charges, see Section 4.2 of Chapter 3d?émel's January 2013 Monitoring Report, availaitle
http://www.ontarioenergyboard.ca/oeb/_Documents/MEP Report Nov2011-Apr2012 20130114.pdf
1% Intertie congestion (and thus the ICP and TR pts)ds calculated based on the pre-dispatch uninet schedule, while
congestion rent collected is based on the real-tiomstrained schedule. To the degree the pre-dispaiconstrained schedule
differs from the real-time constrained schedule,pEigouts may differ from congestion rent collectecthe extreme, congestion
may occur in one direction (say import) in the digpatch unconstrained schedule, but the realtomstrained schedule has
fé:heduled net transactions in the opposite dine¢say export). In this case negative congestiatsrare collected.

Ibid
" For more information on the TR auction policy chesiimplemented by the IESO, see the Stakeholdgadement 110
webpage, available attp://www.ieso.ca/Pages/Participate/Stakeholdeyal§ement/SE-110.aspx
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fully rectify the extent to which TRs have beenmadd until the remaining outstanding TRs
have expired.
Figure 1-18: Export Congestion Rent & TR Payouts byterface Group

May 2013 — April 2014
($ millions)

Description:
Figure 1-18 compares the total collection of exjporigestion rent to the total payment of TRs

by interface group for the Current Annual Peridar a detailed explanation of TRs and

congestion rent, see Figure 1-17.
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Relevance:
As discussed in the Relevance section of Figuré,letery dollar of congestion rent shortfall

represents a dollar not disbursed to consumers.

Commentary and Market Consideration:
In the Current Annual Period, export congestiort shortfall far exceeded the import congestion

rent shortfall. The total export congestion rdrarsfall was $29.5M, compared to $3.9M of

import congestion rent shortfall.
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There was considerable congestion rent shortfalaah of the New York, Michigan and
Minnesota interties. These interties regularly M&$ sold in excess of their eventual transfer
capability. Congestion rent shortfalls at the Mgaim and New York interties were greater due
to their relatively large transfer capability andhhfrequency of export congestion hours (see
Figure 1-16). Québec rarely had outstanding TRsxagess of the intertie transfer capability and

was the only intertie that experienced an expangestion rent surplus.

Table 1-3: Average Long-Term (12-month) TransmissiBight Auction Prices
by Interface and Direction
May 2013 — April 2014
($/MW)

Description:
Table 1-3 lists the average auction prices formegawatt of long-term (year-long) TRs sold at
each interface, in either direction, during therfowonths in the Current Annual Period in which

auctions were held (the periods covered by the @&&®snd beyond the Current Annual Period).

Direction Agc;;gn Perlo\(/ja':;(lj?s ar€ 1 Manitoba Michigan | Minnesota \,(\l(?rvlz Québec*
May-13 | Jul-13 to Jun-14 - 841 - 798 253
o~ Aug-13 | Oct-13 to Sep-14 6,769 1,016 5,239 905 431
Nov-13 | Jan-14 to Dec-14 5,334 809 2,715 758 637
Feb-14 | Apr-14 to Mar-15 - 716 3,766 780 725
May-13 | Jul-13 to Jun-14 2,053 15,595 - 16,066 2,569
Export Aug-13 | Oct-13 to Sep-14 - 21,081 - 18,729 2,509
Nov-13 | Jan-14 to Dec-14 2,521 31,170 30,200 25,819 3,530
Feb-14 | Apr-14 to Mar-15 - 34,217 - 30,043 4,281

*Unless otherwise stated, all references to theb®aéntertie refer to the Outaouais transmissiderface.

Relevance:

In an efficient auction the price paid for one magt of TRs should reflect the expected payout

of owning that TR for the period. This would be #quivalent of the expected sum of all

Intertie Congestion Prices in the direction of T purchased during the valid period. The

greater the expected frequency and/or magnituderajestion on the intertie, the more valuable

the TR. Assuming an efficient auction, auctioneraves signal the market’s expectation of

intertie congestion conditions for the forward pedrithese auction revenues also form the basis

PUBLIC




Market Surveillance Panel Report

November 2013 — April 2014 Chapter 1

for what consumers should be reimbursed to thepugir offsets to transmission service
charges.

Commentary and Market Consideration:

While the value of long-term TRs in the import dtien remained largely unchanged over the
course of the Current Annual Period, the price paickxport TRs across all interties increased
considerably. The increase in the value placelbog-term export TRs is consistent with the
increased export congestion observed (see Figh& dn most interties around the time of the
first long-term auction (May 2013) of the Curremriial Period.

Table 1-4: Average Short-Term (One-month) Transm@@s Right Auction Prices
by Interface and Direction
May 2013 — April 2014
($/IMW)

Description:

Table 1-4 lists the auction prices for one megawfshort-term (month-long) TRs sold at each

interface, in either direction, during the Currémnual Period.

Period
Direction [ TRs are | Manitoba | Michigan | Minnesota [ New York Québec
Valid
May-13 333 34 - 29 39
Jun-13 302 47 - 49 45
Jul-13 454 52 475 30 82
Aug-13 415 12 - 53 75
Sep-13 498 22 455 18 221
Import Oct-13 - 29 160 43 83
Nov-13 376 37 104 16 160
Dec-13 263 57 125 42 160
Jan-14 229 67 197 6 81
Feb-14 264 62 349 31 170
Mar-14 291 301 332 83 202
Apr-14 451 190 354 60 744
May-13 - 1,498 - 1,205 152
Jun-13 - 2,738 - 1,510 186
Jul-13 28 2,887 670 1,510 201
Aug-13 - 2,002 - 1,836 157
Export Sep-13 - 2,265 - 1,682 210
Oct-13 - 2,265 - 1,682 121
Nov-13 165 3,000 - 2,053 201
Dec-13 194 2,894 1,501 1,450 400
Jan-14 210 2,620 - 1,885 746
Feb-14 232 2,801 - 2,463 577
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Period
Direction | TRs are | Manitoba | Michigan | Minnesota | New York Québec
Valid
Export Mar-14 157 1,455 - 1,613 525
P Apr-14 123 2,662 901 1674 525
Relevance:

As discussed in the Relevance section of Tabledlt&jon revenues signal the market’s
expectation of intertie congestion conditions fog forward period; these auction revenues also
form the basis for what consumers should be reisgzlito them through offsets to transmission

service charges.

Commentary and Market Consideration:
There were no obvious trends in the price of sterts TRs over the course of the Current
Annual Period, although the price of both import @xport TRs at various interties spiked

modestly during the colder winter months.

Figure 1-19: Transmission Rights Clearing Account
May 2009 — April 2014
($ millions)

Description:
The TR clearing account is administered by the IEB© balance of which is affected by 5
transactions:

Credits

» Congestion rent

* TR auction revenues

* Interest earned on TR clearing account balance

Debits

* TR payments to TR holders

» Disbursements to offset transmission charges tai@ntonsumers

Figure 1-19 shows the estimated balance of thel@é&ing account at the end of each month for

the previous five years.
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Relevance:
Tracking the transactions of the TR clearing actower a period of time provides an indication
of the health of the TR market and the policies guvern it. The account has a reserve

threshold of $20 million; the funds in excess of tihreshold can be disbursed to Ontario loads
at the discretion of the IESO Board.

Commentary & Market Considerations
Over the Current Annual Period, the balance inltReclearing account increased by $9.9
million (from $80.8 to $90.7 million}® This change can be broken down into:
e $154.1 million in sources of inflow
o $75.5M in congestion rent collected
o $77.4M in auction revenues
0 $1.2Min interest
*  $144.1 million in disbursements

o $109.1M in TR payments to rights holders

18 The TR clearing account balance presented irrdfpisrt diverges significantly from the total reftton the IESO website.
The Panel accounts for auction revenues as thgyagdeby the market participant to the IESO (ptthe start of the period
covered by the TR), while the IESO allocates auct&venues over the relevant period of the TR (b&ths in the case of long-

term TRs), and only accounts for those revenuélse TR clearing account as each trade month ocCarssequently, the IESO
methodology understates the auction revenues extéi/date.
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o $35M in disbursements to offset transmission cltetgéntario consumers

Overall, the TR clearing account is approximatel® $nillion above the $20 million reserve
threshold set by the IESO board.

The Panel understands that the IESO is in the psogkdeveloping a proposal to the IESO
Board to authorize a disbursement of the TR clgaaictount. At the same time the IESO will
recommend a process for continued review of thewatic The Panel is supportive of the

IESO's efforts in these regards, and encouragestétke action on an expeditious basls.

2 Demand

This section discusses Ontario energy demand ole®®@-controlled grid for the Current
Annual Period in relation to previous years.

Figure 1-20: Monthly Domestic Energy Demand
May 2009 - April 2014
(TWh)

Description:

Figure 1-20 presents the total scheduled energyuwoption of Ontario consumers in each
month in the past 5 years.
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9 1n response to the IESO’s January 2013 recommiemdahe IESO Board authorized the disbursemes#afmillion from the
TR clearing account to offset transmission serelt@rges to Ontario consumers.
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Relevance:

Ontario monthly consumption shows the seasonahtians in consumption and the year-to-year
changes in consumption patterns.

Commentary and Market Consideration:

The 2014 winter months experienced the highest hiypdemand (January 2014) of the past five
years. Additionally, the harsh winter and the nfdll combined for the largest difference

between the fall demand trough and the winter paak the past five years.

Figure 1-21: Monthly Total Energy Withdrawals, Digbutors and Wholesale Loads
May 2009 — April 2014
(TWh)

Description:

Figure 1-21 charts the demand of two categorieponsumers: directly connected consumers

that are billed the wholesale price (wholesale narers), and consumers located within local
distribution companies (distribution level consusjer
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Relevance:

The breakdown of consumers into these two categbeéps identify their monthly demand
profiles. From this, their seasonal behaviorsloaobserved.
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Commentary and Market Consideration:

Seasonal spikes in Ontario demand can almost britieeattributed to distribution level
consumer$’ These include medium-to-small commercial, redideand smaller industrial
loads. Meanwhile, demand from wholesale consunaegsoup that is primarily comprised of
industrial loads and large commercial consumers gnadually increased over the past five

years, but exhibited little of the seasonality stiibution level consumers.

3 Supply

During the Current Annual Period 534 MW of nhameplgénerating capacity was added to the
IESO-controlled grid™

* The Thunder Bay Turbine Project added an additid@aIW of generating capacity

» A third hydro unit at Little Long with a generatiegpacity of 67 MW

» East Lake St. Clair Wind Farm with a nameplate capaf 99 MW

* Summerhaven Wind Energy Centre with a nameplataaigpof 125 MW

» Erieau Wind with a nameplate capacity of 99 MW

» Port Dover and Nanticoke Wind Project with a naraptapacity of 104 MW

During the Current Annual Period Ontario retired temaining coal-fired plants in the province,
making Ontario the first jurisdiction in North Amea to fully eliminate coal as a source of
electricity generation. Ontario Power Generatiemaoved three coal fired generating stations
from service; the Lambton generating station (1,008), the Nanticoke coal generating station
(1,985 MW), and Thunder Bay units 2 and 3 (306 MWhe Thunder Bay facility is being
converted to biomass, while the Lambton and Naké&quants are being preserved so that they

can be converted to alternate fuels in the futifireeeded.

The retirement of coal-fired capacity, when comdimath the 534 MW of new directly-

connected capacity referred to above, yields @eetease in directly connected generating

20 Distribution level consumers are represented éneflectricity market by local distribution compamie
21 Many more megawatts of generating capacity wededdt the distribution level.
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capacity of 2,773 MW. For a more detailed exandmabf the medium term supply capacity in
Ontario, see the IESO’s latest 18-Month Outlédk.

Figure 1-22: Resources Scheduled in the Real-Timarkket Schedule
May 2009 — April 2014
(TWh)

Description:

Figure 1-22 illustrates the cumulative share ofrgpascheduled in the real-time market in TWh
by fuel source each month from May 2009 to April26°
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Relevance:

This figure displays the evolution of Ontario’s algang supply mix of real-time energy. These

changes may be the result of a number of factacy as recent changes in energy policy or
environmental changes attributed to seasonality.

22 The IESO’s most recent 18-Month Outlook is avdéadt: http://www.ieso.ca/Pages/Participate/Reliability-
Requirements/Forecasts-%26-18-Month-Outlooks.aspx
Z Bio-fuel energy is generated from different typébiological processes. A prime example is biomalsieh is a renewable

form of energy that uses organic materials to pcecheat, including residual materials from forestpgrations, waste matter
from agricultural production and animal livestodtigities, and by-products of food-processing ofiers.
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Commentary and Market Considerations:

In the Current Annual Period nuclear power contihteebe the predominant resource scheduled,
comprising on average 57.6% of all resources sdbaddwHydroelectric generation was the
second largest producer at 23.6%, followed by was], imports and then coal, all less than
10%. The total energy scheduled was 160.7 TWhndd¥ over the 5 year period is the
increased production from wind generation due #oitisrease in installed capacity. The role of

the coal-fired generating fleet diminished over pleeiod until its eventual retirement.

Figure 1-23: Average Hourly Operating Reserve Schéxtl by Resource or Transaction Type
May 2012 — April 2014
(MW)

Description:

Figure 1-23 plots the average hourly share of dpgraeserve scheduled for each resource or
transaction type, including hydroelectric, gas,|cmaports, dispatchable loads, and CAOR. As
OR quantity requirements can vary from hour to heaheduled OR is reported as an average of

all hours in each month to show changes in theaaee©R requirement.
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Relevance:
This figure reflects the evolution in Ontario’s dgang supply mix for OR as well as changes in
the OR requirement over time. These changes nsajtfeom a variety of factors such as recent

changes in energy policy or environmental changjeibated to seasonality.

Commentary and Market Considerations:

Hydroelectric resources accounted for 50.9% of daleel OR, with gas-fired generators and
dispatchable loads supplying approximately 32.2% 2096, respectively. In the Current
Annual Period approximately 12.4 TWh of OR was sichhed. Of note during the Current
Annual Period was the retirement of coal-fired gatien and the subsequent elimination of
coal-fired resources in the OR markets. The irs@ddrequency with which CAOR was
scheduled was also a notable occurrence duringpttieg and early summer of 2013; this was a
result of decreased supply in the OR market, atthyat was examined in greater detail in the
Panel's September 2014 Monitoring Repdrt.

24 For more information see Section 3.1 of Chaptef the Panel’s September 2014 Monitoring Repomjlable at:
http://www.ontarioenergyboard.ca/oeb/_Documents/MEP Report_May2013-Oct2013 20140924.pdf
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Figure 1-24: Planned & Forced Outages Relative tagacity
May 2012 — April 2014
(% of capacity)

Description:

Figure 1-24 plots planned and forced (i.e. unfaza}eutages as a percentage of total capacity
for the Current and Previous Annual Periods.
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Relevance:

Planned and forced outages provide an overvielweévailability of supply in the province, a
key factor in the determination of market pric€arced outage rates also inform how the supply
fleet handles external factors, such as extreméheeaonditions.

Commentary and Market Considerations:

Planned outages followed a seasonal pattern inhathee majority of planned outages occurred
during the shoulder periods when demand and theRHtekded to be lower. There was a
significant increase in the percentage of totabcég on forced outage during the first four
months of 2014. Extremely cold temperatures aimgjiplayed a large role in the increased
occurrence of forced outages, particularly at rarcénd wind facilities. For a detailed
explanation of outages during these months seet@h2p
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4 Imports, Exports and Net Exports

This section reports on intertie trading activilgjng data that is based on the unconstrained

schedules as these directly affect market pritesunconstrained schedule does not necessarily
reflect actual power flow&

Figure 1-25: Total Monthly Imports, Exports & Net ¥ports (Unconstrained Schedule)
May 2012 — April 2014
(TWh)

Description:
Figure 1-25 plots total monthly imports, exportsd aet exports in TWh for the Current and

Previous Annual Periods. As the figure is expréssd¢erms of net exports, exports are

represented by positive values while imports apeegented by negative values.
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Relevance:

Imports and exports play an important role in dataing supply and demand conditions in the
province, and thus the market price. Trackingaxgort transactions over time informs of the
supply and demand conditions in Ontario relativagmhbouring jurisdictions. Periods of

sustained net exports, such as the Current Anreradd® indicate times of relative domestic

% Although the constrained schedules provide a bsétese of actual flows of power on the intertiesy are not related to
intertie congestion prices or to the Ontario umifgrice (either in pre-dispatch or in real-time).
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energy surplus in Ontario, while sustained perwidset imports, such as during the mid-2000s,
indicate periods of relative domestic scarcity.

Commentary and Market Considerations:

Ontario was a net exporter during all months froreyN012 to April 2014. Net electricity
exports totaled 11.96 TWh during the Current AnrRReliod, an increase of 1.10 TWh (10%)
from the Previous Annual Period. During Februad§£2when Ontario was experiencing high

demand and constrained supply conditions at tiexgsprts were curtailed at a relatively high
rate for reliability reasons, this contributed &t exports of only 0.07 TWh during the month.

Figure 1-26: Net Exports by Interface Group
May 2012 — April 2014
(GWh)

Description:

Figure 1-26 presents a breakdown of net exportisetdive neighboring jurisdictions of the
IESO-controlled grid: Manitoba, Michigan, Minnesotew York, and Québec from May 2012
to April 2014. As the figure is expressed in tewhset exports, net exports are represented by
positive values while net imports are represenieddgative values.
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Relevance:
Similar to Figure 1-25, this figure allows us tdtke understand how Ontario’s trade relationship

evolves over time with each external jurisdiction.

Commentary and Market Considerations:

Across the Michigan and New York interties Ontamias a net exporter for all months during the
Current and Previous Annual Periods, but expergmcgignificant drop in net exports during
the months of February and March 2014 due to higbarestic prices and curtailed export

transactions.

Ontario alternated between being a net importenf@uébec during the summer months, to
being a net exporter during the winter months. a@attypically experiences peak load during
the summer, while Québec experiences peak loadglthe winter, making such trade patterns
common. Ontario continued to be a near net zaadetrwith Minnesota, while Manitoba

remained a consistent, modestly-sized net imparterOntario.

Table 1-5: Average Monthly Export Failures by Intixce Group and Cause
May — April 2012/13 & May — April 2013/14
(GWh and %)

Description:

Table 1-5 reports average monthly export curtailiffi@ifures over the Current and Previous
Annual Periods by interface group and cause. Hg@we curtailed by an Independent System
Operator (either Ontario or an external jurisdicjidypically for reliability reasons. Exports are
considered to have failed when there is a failuréhe part of the market participant (such as an
inability to obtain transmission service). Thdudeg/curtailment rate is displayed as a percentage

of total exports in GWh per month over each integfaexcluding linked-wheeling transactions.
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Average Monthly PIEEER Mogtl:]rltyailfr);z?q? FEE e Export Failure and Curtailment Rate

Interface Exports (GWh) (%)
Group (©5H; ISO Curtailment MP Failure ISO Curtailment MP Failure

2012/13| 2013/14| 2012/13| 2013/14| 2012/13| 2013/14| 2012/13| 2013/14| 2012/13| 2013/14
New York 545.0 568.6 2.2 2.4 21.7 26.6 0.4 0.4 4.( 4.7
Michigan | 5406 | 534.5 4.7 10.7 2.8 4.2 0.9 2.0 0.5 0.8
Manitoba 10.5 14.9 1.1 1.0 1.3 0.4 10.5 6.6 12.1 2.9
Minnesota 19.3 27.0 2.3 1.3 0.6 1.7 12.1 4.8 2.9 6.3
Québec 141.2 251.3 9.2 15.7 1.2 8.3 6.5 6.3 0.8 3.3

Relevance:

Export failures/curtailments represent a reductiodemand between the hour-ahead pre-
dispatch schedule and the real-time schedule. ci@age in exports can lead to a sub-optimal
level of intertie transactions in real-time givée tmarket price, which may contribute to surplus
baseload generation conditions. The IESO may tlibpatf domestic generation or curtalil
imports to compensate for the failures/curtailmerttevated failure/curtailment levels may

arise from seams issues between jurisdictionsoon fmarket participant behaviour.

Commentary and Market Considerations:

During the Current Annual Period ISO curtailmenegports increased for all interties not
located in the Northwest of the province (Manit@lba Minnesota interties). The increase in
ISO export curtailments was in part due to religpiteeds during the winter 2014 months (from
which the Northwest was largely insulated), andrftbe increase in total exports over the

Current Annual Period (especially to Québec).

The MP failure rate at the Manitoba intertie wagemally lower during the Current Annual

Period, while the all other interties saw increanadbe MP failure rate.

Table 1-6: Average Monthly Import Failures by Inteace Group and Cause
May — April 2012/13 & May — April 2013/14
(GWh and %)

Description:
Table 1-6 reports average monthly import failuregalments over the Current Annual Period
by interface group and cause. Imports are cuddilean Independent System Operator (either
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Ontario or an external jurisdiction), typically faeliability reasons. Imports are considered to

have failed when there is a failure on the pathefmarket participant (such as an inability to

obtain transmission service). The failure/curtaihrate is determined as a percentage of total

imports in GWh per month, excluding linked-wheelirgnsactions.

Average Monthly AVERES Mogtltlrltya:lr:qpe?]rtt i 2 Import Failure and Curtailment Rate
Interface Imports (GWh) (%)
Group (S ISO Curtailment MP Failure ISO Curtailment MP Failure
2012/13| 2013/14| 2012/13| 2013/14| 2012/13| 2013/14| 2012/13| 2013/14| 2012/13| 2013/14
New York 25.8 45.4 0.2 0.7 0.7 1.6 0.8 15 2.5 3.6
Michigan 34.6 37.9 2.1 3.2 3.2 5.4 6.0 8.4 9.3 14.8
Manitoba 31.7 33.0 3.6 5.6 0.8 0.2 11.5 17.1 2.5 0.7
Minnesota 2.1 5.9 0.1 0.6 1.2 0.7 5.4 10.0 56.( 11.p
Québec 240.6 257.7 3.1 6.7 1.5 1.4 1.3 2.6 0.4 0.5
Relevance:

Import failures/curtailments represent a reduciiosupply between the hour-ahead pre-dispatch
schedule and real-time. This unforeseen changeports can lead to a suboptimal level of
intertie transactions in real-time given the magk#éte, which may contribute to supply
adequacy concerns and increases in price. The E8Qdispatch on domestic generation or
curtail exports to compensate for the failuresaitments. Elevated curtailment levels may arise

from seams issues between jurisdictions or markeigpant behaviour.

Commentary and Market Considerations:

During the Current Annual Period ISO curtailmentroports increased for all interties. This
was primarily a result of neighbouring jurisdictgoexperiencing similar supply adequacy issues
to Ontario during the 2014 winter months. The MRufe rate of 56% on the Minnesota intertie
in the Previous Annual Period occurred over a ingdit low volume of transactions; the rate

decreased to 11.6% in the Current Annual Period.
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Chapter 2: Analysis of Market Outcomes
1 Introduction

The Market Surveillance Panel is responsible fonmaoing activities related to the IESO-
administered markets. Market monitoring occurs @exeral timeframes, ranging from the day-
to-day monitoring activities of the IESO’s Markesgessment Unit (which supports the Panel),
to the longer term analysis of the Panel. Cemdr#this monitoring function is the identification
and study of market outcomes that fall outsideheffiredicted patterns or norms. Analysis of
these anomalous events contributes to greatemptaagrscy, enhances understanding of the
market for market participants and other interestaleholders, and often leads to

recommendations aimed at improving market efficyesuaed effective competition.

Of particular interest to the Panel are anomaloice @vents; these events typically involve
prices that are higher or lower than normally obsér The Panel defines a high-price hour as
an hour in which the Hourly Ontario Energy PricelQEP”) exceeds $200/MWh, while prices

below $0/MWh are referred to as negative-price four

The Panel also reports on high uplift events assediwith the various IESO-administered
markets and programs. The Panel has set paymeshtids to identify uplift events in which
anomalous market outcomes, or market participamaaeur, generated uplift payments that
exceed normally-observed levels. Uplift paymentdude payments such as Congestion
Management Settlement Credit (“CMSC”) paymentseriig Offer Guarantee (“IOG”) payments

and operating reserve (“OR”) payments.

This chapter reports on anomalous price and uplignts from the November 2013 to April
2014 period (the “Winter 2014 Period”), with comigans to preceding Winter Periods where
relevant. References in this chapter to a “WiRterod” are to the period running from

November to April, inclusive.

Table 2-1 sets out a summary of anomalous priceuphfi events for the Winter 2013 and
Winter 2014 Periods. During the Winter 2014 Petiuete was a notable increase in the number

of anomalous events compared to the previous WReeind.
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Table 2-1: Anomalous Price and Uplift Events
November 2012 — April 2013 & November 2013 — ARAIL4
(Number of Hours and Days)

Anomalous Event Winter 2013 Events Winter 2014 Events
HOEP > $200/hour 5 133
CMSC > $1 million/day 7 30
CMSC > $500,000/hour 2 1
I0G > $1 million/day 0 12
IOG > $500,000/hour 0 0
OR Payments >$100,000/hour 0 5
HOEP < $0/hour 43 120

The notable increase in anomalous events correspaitid the extreme cold weather during the
Winter 2014 Period. The significant effect the teimweather had on prices and uplift payments
has prompted the Panel to report on these outcamagieneral matter, in addition to the Panel’s

regular and more detailed reporting of specificraalmus events.

2  Winter 2014 Period Review

This section sets out the Panel’s review of mapkitomes in the Winter 2014 Period in relation
to the following: weather and temperatures in Qatdhe relationship between temperature and
demand, inter-jurisdictional trade, outages at garen facilities, natural gas supply and implied
gas generation costs, and the experiences of Nitréineast jurisdictions.

2.1 Weather and Temperature

The Winter 2014 Period was characterized by cosrsist cold temperatures. Environment
Canada ranked the winter of 2014 as the 8th cofde§outhern Ontario, 6th coldest for
Northern Ontario and 10th coldest for all of Cangalbof these comparisons are since the base

year of 1948, when nationwide recording of tempeebeganj®

2 For more information see the Environment Canadapage entitled, “Climate Trends and Variations &l — Winter 2013-
2014", available athttp://www.ec.gc.ca/adsc-cmda/default.asp?lang=E883F5EFA-1
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These temperatures were the result of cold air tfepolar vortex that extended into unusually
low latitudes of North America. Beginning in eadlgnuary, the polar vortex pushed artic air

south causing well below normal temperatures adtesSreat Lakes region and eastern 1J.S.

One measure of the extreme cold used by Environ@anéda is heating degree-days. Per
Environment Canada, “Heating degree days for angilagy are the number of degrees Celsius
that the mean temperature is below 18°C. Heatayge-days are primarily used to estimate the
heating requirements of building$® For clarity, when the temperature is 0°C, thisstitutes

18 degree-days.

Figure 2-1, from the Canadian Gas Association, @at$ieating degree-days as measured at
Pearson International Airport for the Winter 201tiBd as well as the range for the Winter 2009
to Winter 2013 Period (the “Four Period Range”uriDg the Winter 2014 Period there were

more heating degree-days than had been experiemtael Four Period Range.

Figure 2-1: Heating Degree-days at Pearson Interiwtal Airport
November 2013 — April 2014
(Daily °C)
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2" For more information see the Environment Canagarteentitled, “Quarterly Climate Impacts and OulpGreat Lakes
Region, March 2014”, available dittp://www.ec.gc.ca/eau-water/B6344EC5-5EDA-4158BBADA5A1693B9/GL-Winter-
2013-14-FINAL_E.pdf

28 Sourcenhttp://climate.weather.gc.ca/glossary_e.html
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2.2 Ontario Demand and Temperature

Coinciding with extreme cold temperatures was highetario demand relative to recent Winter
Periods. Figure 2-2 sets out the highest hourliafimdemand for each d&yin the Winter
2014 Period as well as the range for the highastih@ntario demand for each day in the Four

Period Range.

Figure 2-2: Highest Hourly Average Ontario DemancepDay
November 2013 — April 2014
(MW per hour)
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During the Winter 2014 Period, Ontario demand oé@rceeded the upper bound of the Four
Period Range. On more than 33% of the days ddhnedVinter 2014 Period, demand exceeded
the upper bound of the Four Period Range and wigsefow the Four Period Range on
approximately 12.5% of days.

Cold temperatures during the Winter 2014 Periodrdmuted to the higher demand for
electricity relative to previous Winter Periodshi§ conclusion is consistent with the data in

Figure 2-3, which shows for each day the highestlg@verage Ontario demand for the Winter

29 This was calculated by taking the average Ontigimand across the 12 5-minute intervals of an liben, selecting the
highest average hourly demand of the 24 hourlyames per day.
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2014 Period charted against the number of heatgges-days over the same period. High
electricity demand days coincide with higher heatiegree-days.

Figure 2-3: Highest Hourly Average Ontario DemandepDay & Heating Degree-days
November 2013 — April 2014
(MW per hour / °C per day)

40 - 25,000
35
wm
§' 23,000
5 20 -
rad
B
B - 21,000 &
:-1 =]
£ 20 =
5 =
; 15 19,000 2
g
£ 10 -
5 - 17,000
5 -
o - - 15,000
MNovember December January February March April
Highest Hourly Average Demand per Day —— Heating Degree Days

2.3 The HOEP

Figure 2-4 sets out the HOEP during the Winter 2R&dod and the $/MWh implied energy cost
of a combined cycle gas plant for the same pefiod.

30 This metric uses the Dawn Hub Daily Future GasePaind a benchmark heat rate of 7000 Btu/kWh tiveléne implied
energy cost. This implied energy cost is the obgias times a benchmark heat rate — 7000Btu/kWte use of 7000 Btu/kWh
as the benchmark heat rate for a combined cyclgeasrator is consistent with industry standards.nfore information see:
http://www.eia.gov/todayinenergy/detail.cfm?id=9911
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Figure 2-4: The HOEP & Implied Cost of Combined-ClgcGas Generation
November 2013 — April 2014
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From a market price perspective the Winter 2014oBaran be divided into high prices that
coincide with high gas prices and high prices tlmhot coincide with high gas prices. January
high prices arose during periods of relatively lowas prices, whereas prices in February and

March tended to increase with rising gas prices.
2.3.1 The HOEP and Ontario Demand

Figure 2-5 shows the HOEP during the Winter 201doEeas well as the highest hourly average
Ontario demand per day (the same value as is shofigure 2-2, above). The area under the
dashed line shows the range of prices which doneat the Panel’'s $200/MWh threshold for a
high-price hour.
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Figure 2-5: The HOEP & Highest Hourly Average Ontay Demand per Day
November 2013 — April 2014
($/MWh, MW)
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High prices tend to coincide with a day during wh@ntario demand was high. That being said,
during November and December of 2013, high On@eimand did not tend to result in prices
that were as high as those in the months of Jarthesygh March of 2014. The extremely high
prices during January through March of 2014 aresnéficiently explained solely by high

Ontario demand.

2.3.1.1 Ramp Constraints in January and February

Electricity market supply curves are generally elotarized as a ‘hockey stick’ — that is, a
relatively large amount of supply which is low-matcfollowed by a relatively small portion of
supply which is priced much higher. As a resufpending on the level of demand (and
consequent level of supply required to serve teimahd) equivalent changes to either supply or
demand can have disproportionate impacts on pieging periods of relatively low demand,
changes in supply or demand can be accommodatbdwitesulting in large price changes.
During periods of high demand however, accommodatatively small supply or demand

changes can have material impacts on price.
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Further, during the morning ramp-up hours and tlenimg ramp-down hours, resources are
ramped to respond to changing demand. Duringoi®d ramp constraints limit the amount
that resources can increase or decrease theirgiroddrom hour to hour. If the system
operator needs to accommodate a sudden changpply & demand during these periods, low-
cost ramping resources may not be able to furti@ease the rate at which they produce,
requiring higher-cost resources to meet the ramgpirement. To the degree these constraints

are present during a period of ramp, changes aepnay be greater than otherwise expected.

Figure 2-6 sets out the average hourly demandaoh enonth during the Winter 2014 Period.
The morning peak was highest in January and Feparat the evening peak demand was

highest during January 2014.

Figure 2-6: Daily Demand Curve
November 2013 — April 2014
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As a result of the higher demand peaks in thesdlmdnompared to other months during the
Winter 2014 Period), equivalent changes of supplgeznand had a greater impact on price than
they did during other months. This may be a fuorcto varying degrees of both ramp
constraints during the ramp periods and the redbtikigher demand during the same ramp

period.
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During the high demand months of January and Fefrbaurs where the HOEP was greater
than $200/MWh occurred more frequently during ramprs relative to the frequency of their
occurrence during ramp hours outside these higraddmonths. During the lower demand
months, the distribution of high-price hours wasenevenly distributed across all hours of the

day.

While the confluence of high demand and ramp caig# likely contributed to the number of
high-price hours during January and February 26tr factors (including natural gas prices
and facility outages) contributed as well.

1.1.1.1 Gas Prices in February and March 2014

The higher HOEP in the months of February and Mé&oled to coincide with higher gas
prices. As cold temperatures persisted into thethsoof February and March, and as gas
generators competed with home heating for fueljmasorage decreased and gas prices rose.
Higher gas prices put upward pressure on Ontanb@esale electricity price when gas

generators are on the margin or are infra marginal.

2.4 Natural Gas Supply and Implied Cost of Gas Generati

Ontario’s supply mix has shifted in compositiorr@éeent years with the decommissioning of
coal plants and the completion of numerous gastfasi(Ontario had almost 10,000 MW of
installed gas capacity as of April 30, 2014). Awsult, natural gas markets are affected by, and

have an effect on, the Ontario wholesale elecyritiarket.

Gas generators are commonly marginal in Ontarioaanglich their fuel cost is pertinent. The
supply of natural gas is affected by overall demi@mmchatural gas in Ontario and elsewhere.
The extreme cold temperatures during the WinteddZ®driod had a significant impact on natural

gas demand.

Figure 2-7 sets out the volume of natural gas theuground storage in billions of cubic feet
(bcf) in Canada for 2013 and 2014 as well as thel lef gas in storage in the five Winter
Periods previous to the Winter 2014 Period (the@éRPeriod Range”). The Five Period Range
of gas in storage is shown by the red-shaded area.
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Figure 2-7: Natural Gas Storage in Canadh
November 2013 — April 2014
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Storage levels in late 2013 were declining, andistain January 2014 storage levels were
lower than they had been in any of the prior 5 ge&torage levels throughout 2014 remained
below 5-year historical norms.

In general, large increases in gas prices in Feparad March were mirrored by the HOEP. As
shown in Figure 2-4 above, in January there wemenaber of times where the HOEP spiked
above gas prices, suggesting that typical comhiyele gas-fired plants were infra-marginal
during those periods and the units setting the @npaice were more expensive peaking hydro,
dispatchable load resources or less efficient gad-fesources. This is consistent with Figure 2-
5, which showed that demand during January waserage higher than other months during
the Winter 2014 period.

There was also one period during February wherpgess increased at the same time that the
HOEP decreased dramatically — suggesting thatigasgeneration was not economic during

this period.

%1 For more information see the Canadian Gas Assoaiatorage report, available attp:/www.cga.ca/wp-
content/uploads/2011/02/Chart-1-Natural-Gas-St@aquf
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2.5 Other Market Outcomes

The extreme weather conditions during the Winteid?Beriod affected market outcomes in
ways other than demand, price and natural gasgeorahey had various impacts on inter-
jurisdictional trade and the operation of faciltieln order to analyze the effects of these

extreme weather conditions the Panel considereddtspn these two broad areas as well.

2.6 Inter-jurisdictional Tradé?

While, in recent years, Ontario has commonly bersataxporter, during the Winter 2014
Period there were hours during February and MattoérevOntario was a net importer.

Figure 2-8 sets out the maximum and minimum dagtyexports from Ontario (total constrained
GWh scheduled to export minus total GWh schedwéadhport for each day) for the Winter
2014 Period and the Five Period Range.

During the Winter 2014 Period Ontario was a netoetgy until February, when after the first
few days of the month, Ontario became a net impartermittently for almost a month. The
volume of net imports that occurred during Februargt March regularly exceeded the amount

of net imports that were observed during the Figade Range.

32 For further discussion and data around inter-liciional trade during the Winter 2014 Period séeyiter 1 of this report.
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Figure 2-8: Daily Net Exports
November 2013 — April 2014
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This move to net importing is a significant depegttrom the trade patterns over the Five Period

Range (during which time Ontario was rarely a ngiarter). The period in the beginning of

March when net imports reached their highest levelesponds with a period when the HOEP

was frequently greater than $200/MWh. Some impsere likely responding to this price

signal by importing power from a lower price juiigitbn to higher price Ontario.

Figure 2-9 shows the interties on which the netdrtgpwere scheduled, as well as the volume of

net imports scheduled in real-time on each of thaseties, from February 1 to March 31, 2014.
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Figure 2-9: Imports by Intertie
February — April 2014
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During February and March, 2014, Ontario was gdlyesanet importer, with the New York,

Michigan and Québec interties providing the mayooit the imports into Ontario.

The extreme weather conditions during the Winter22Period were experienced across North
America, with impacts on many neighbouring jurisidics. Other system operators dealt with
conditions brought on by these extreme conditiohglvresulted in actions being taken which

the IESO had to account for in the course of dingcthe operation of the Ontario system.

One example of the actions taken by other systesnatqrs was preventing otherwise-scheduled
imports into Ontario from flowing. These transan8 were necessarily curtailed by the IESO
control room as a result of these external actidisese import curtailments forced the IESO to
replace the curtailed MWs of imports with other ermexpensive — supply.

Figure 2-10 shows the number of MWs of import tesmi®ns which were scheduled to be
delivered but were curtailed in response to anreatesecurity, adequacy or transmission loading
relief issue during the Winter 2014 Period.
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Figure 2-10: Import Transactions Curtailed for Extaal Security or Adequacy Reasotis
November 2013 — April 2014
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The quantity of imports curtailed as a result deexal security or adequacy concerns peaked in
late-February, early-March. On February 27, 2@id ,Midcontinent Independent System
Operator (“MISO”) lost a Belle River generation twith 679.5 MW of capacifi/ which

resulted in imports from MISO being curtailed oe tichigan interface. These curtailments
continued through February 28 and into the firat éays of March and contributed to high
prices, most notably in Hour Ending (“HE”) 20 onbife@ary 27. During this hour, the IESO also
implemented a 5% voltage reduction across Ontaxol(ding the Northwest) as is described in
more detail later in this chapter. During Marct2@14, MISO experienced significant forced
generation outages which resulted in a Step 1 MaxirGeneration Emergency Evént.
According to MISO documentation, the significané@adaximum Generation Emergency
Event is that all available resources are in useMISO generators are instructed to start off-line

resources (Steps 2 through 4 result in public dppaae of emergency energy and contingency

33 For more information on these events and howHES€ treats curtailments in response to them see pagf IESO Market
Manual “4.3: Real-Time Scheduling of the Physicalrkets”, available at:
http://www.ieso.ca/Documents/marketOps/mo_RealTiche8uling.pdf

% The Belle River generation facility is locatedtjgsuth of Sarnia in the East China Township, Mjehi.

35 For more information seéttp://www.oasis.oati.com/MISO/
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reserves}° The HOEP was higher than $200/MWh for the enticétMarch 4, in part due to

the import curtailments from the MISO.

2.7 Ontario Facilities Outages

Generator outages can have significant impact ¢m the system and the markét.

During the Winter 2014 Period, gas and hydro fgcdutages generally decreased until the
middle of the Period and then increased towardatter half of the Period. This pattern is
similar to previous Winter Periods. Nuclear ousagere relatively common throughout the
Winter 2014 Period. The reasons underlying theséear outages are discussed below.

While total outages are potentially informativeg fhrequency and magnitude of forced outages
can be said to describe the extent to which unéaegvents affected generator performance.
Responding to short-notice or unexpected consgainthe IESO-controlled grid generally
results in more severe system and market impaatswould likely result from expected

constraints.

Figure 2-11 shows the magnitude of forced outaggererators by fuel type during the Winter
2014 Period.

36 For more information see the MISO communicatiotitled, “Understanding Emergency Operations”, aaali at:
https://www.misoenergy.org/Library/Repository/Conmuation%20Material/One-
Pagers/Emergency%200perations%20Process.pdf

37 For the purposes of the following discussion reigay unit availability, unit de-ratings are consie part of total outages.
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Figure 2-11: Generator Capacity on Forced Outage byel Type
November 2013 — April 2014
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The fuel type of a particular facility has an impan the types of occurrences which result in
forced outages. Nuclear units experienced relgtiversistent and significant levels of forced
outages during the Winter 2014 Period, which hadetifect of reducing the amount of baseload
generation available to the system.

2.7.1 Forced Outages at Nuclear Facilities

Figure 2-12, shows the number of MWSs of nucleaacdp on forced outage during Winter 2014
Period and during the Four Period Range.
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Figure 2-12: Winter 2014 Period (and Four Period Rge) Nuclear Capacity on Forced

Outage
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As can be seen in the above figure, the high quyasttinuclear MWs on forced outage during

the Winter 2014 Period was only uncharacteristydaijh during limited periods. During these
periods when forced outages were higher than notimede were a number of reasons for the
outages, two of these reasons were explicitly teatpee-related (other reasons were equipment-

related outages):

« Frazi®ice building up on the bodies of water which pdevcooling water for the
nuclear facilities; and

« Lake temperatures forcing units to be de-rdted.

While the majority of the forced nuclear outagesmythe Winter 2014 Period were marginal
de-rates brought on by the cold weather, there adesv occasions when forced outages

affected an entire nuclear unit — removing a sigaift amount of generating capacity.

%8 Frazil is soft or amorphous ice formed by the acglation of ice crystals in water that is too tugmi to freeze solid. Frazil
ice resembles slush and will adhere to objecthénntater (such as trash racks at hydro facilities).

%% The Panel understands that these de-rates caibghb on because of ice forming on the surfadkefake water close to the
nuclear plant. This ice surface reduces wateukition around the plant. As a result, in ordeavoid overheating, the plant is
not able to run at its nameplate capacity and iprggtuce energy at a lower rate.
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2.7.2 Forced Outages at Gas Facilities

Given the changing supply mix and the construcéiod entry into the market of numerous
natural gas facilities, the performance of gas geoes during the Winter 2014 Period relative to
their performance during other milder winters igafticular interest to the Panel. Data from the
Winter 2014 Period may be helpful in identifyingugs related to Ontario’s increased reliance
on natural gas generation. Figure 2-13 is a coismaiof forced outages experienced by gas

generators during the Winter 2014 period as conaptar¢he Four Period Range.

Figure 2-13: Winter 2014 (and Four Period Range) &&apacity on Forced Outage
November 2013 — April 2014
(MW)

3,500
3,000 |
2,500 -

2,000

Mw

1,500 +

1,000 -

500

ﬂ !
November December January Febmary March April

Four Period Range — Winter 2014

Gas generators generally did not experience hestityihigh levels of forced outages during the
Winter 2014 Period relative to the Four Period Ran§ome exceptions to this include the
period from February 24 to March 1, 2014. Durihig period there were a number of natural
gas facilities which experienced forced outagesad®ns for these outages include general

equipment concerns, ice buildup on condensersediosbutdowns, vibration issues, and icing.
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2.8 Other Jurisdictions

During the Winter 2014 Period, new winter peak dedsafor electricity were set in MISO, the
Southwest Power Pool (“SPP”), PJM Interconnecti®If”) and the New York ISO
(“NYISQO”). The cold temperatures and high demamdeinergy extended into the Southeastern
United States. Prices for both electricity andureltgas were higher than previous Winter
Periods. During the coldest weather events, thiiically high peak demand combined with
high levels of generation outages placed thesemsgiear their capacity in meeting system
demand. The real-time operators and independstgrayoperators declared emergency
conditions on several occasions and some implemamergency procedures, including
emergency demand response, voltage reduction, emergnergy purchases, and public
appeals for conservation. Mechanical failuresanagator systems, fuel deliverability and fuel
handling problems in the extreme low temperaturgerenced during the Winter 2014 Period
led to high levels of forced generation outagekesE levels contributed to the stressed

conditions in the markets that lead to emergentiprs and higher price$.

Due to the elevated levels of demand and higher éixpected outage rates, most of the Eastern
United States. Regions were operating at the bagtdevels of their supply stacks and in many
cases this meant oil units that are not often wezg dispatched to maintain adequacy. Some
dual-fuel generators in those regions were foroaase oil when non-firm transportation of
natural gas became unavailable. And on some fays natural gas prices made oil-fired
generation more economical to dispatch than nagasigeneration. Head-to-head price
competition between oil and gas for power produrcigonot something that has frequently

occurred in recent yeafs.

On January 7, 2014, prices in PJM spiked as atrestdrced outages and de-rates combined
with the extreme cold temperatures. During theesday, MISO issued a Maximum Generation
Event Warning (which signals that system operatigitisoe altered to ensure reliability and
non-firm exports are curtailed). PJM estimates afiut one quarter of the 41,336MW of
forced outages on January 7 were fuel related igstlnes such as gas curtailments, lack of fuel,
oil delivery issues and frozen coal. During thilcmaps in late January, PJM’s failures-to-start

40 For more information see pages 7-8 of the Aprll26ERC presentation entitled “Winter 2013-2014 @fiens and Market
Performance in RTOs and ISOs”, availablehtp://www.ferc.gov/legal/staff-reports/2014/04-04 -pdf
1 |bid page 10
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for combustion engines and gas curtailments wexeflequent than in early January. The New
England system operator (“ISONE") experienced allvel of forced generation outages on
January 7 relative to other jurisdictions, howeadeof the outages were attributed to intraday

natural gas procurement issdés.

ISONE relied heavily on their oil-burning generatduring the Winter 2014 Period. By the
beginning of February, these facilities had burmeath of their reserve fuel and this constraint
put further upward pressure on price. Further fgaisities in ISONE experienced significant
outages during the Winter 2014 Period. One exawipleis is during the peak hour of January
28, 2014; during this hour gas facilities produoetly about 3,000 MW from a total capacity of
more than 11,000 MW. Gas prices were also sigmitiy higher in ISONE than other
jurisdictions, with the price for g&Sfrom December 2013 through February 2014 averaging
$19.33/MMBtu (Dawn Hub Futures prices during theegeriod averaged $8.97/MMBtt).

2.9 OEB 2014 Gas Electric Initiative

As a result of the increasing role that naturatiyasl generation plays in the supply mix in
North America and also in response to the Wintdid2®eriod, jurisdictions across North
America are in the process of carrying out a nunolbgas-electric co-ordination

initiatives®® These initiatives are currently at various stagfedevelopment.

The Ontario Energy Board initiated a consultativecpss (the “2014 Natural Gas Market
Review")*° to examine recent developments in the North Araeritatural gas market to better
understand any potential implications for Ontarieégural gas sector. Specifically, the
consultation process endeavored to identify anda@gxpgey influences on the Ontario natural gas

sector over the next 3 to 5 years.

“2 |bid page 8

3 As calculated at the Algonquin Citygate in the tieast U.S.A.

44 For more information see the April 2014 ISO Newgland presentation to the FERC entitled, “Cold WeaDperations”,
available athttp://www.iso-ne.com/pubs/pubcomm/pres_spchs/2@ibdér _operations_technical_conference_april 20df4.p
45 For a description of U.S. initiatives, see FERG#s Electric Coordination Quarterly Report to theernission which
describes various initiatives and communicatesistapdates on their development, available at:
https://www.ferc.gov/legal/staff-reports/2014/12-18-gas-electric-cord-quarterly.pdf

6 For more information see the OEB’s gas marketengvivebpage, available at:
http://www.ontarioenergyboard.ca/oeb/Industry/Ratply%20Proceedings/Policy%20Initiatives%20and%2@0dations/201
4%?20Natural%20Gas%20Market%20Review%20(EB-2014-D289
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Both the Panel and the IESO participated in thed204tural Gas Market Review. The Panel
presented preliminary analysis of the events inMieter 2014 Perio and the IESO discussed
initiatives related to gas-electric co-ordinatiohigh would, in the view of the IESO, promote
reliable service or operational plannitfgWhere these initiatives will promote efficient ket
outcomes through enhanced reliability or operatiptenning, the Panel is fully in support of

them.

3  Anomalous HOEPs

The number of anomalous price and uplift eventatifled in the Winter 2014 Period was
significantly higher than in the previous WinteriBd. The majority of the anomalous events
occurred between January 20th and March 5th, dinegxtended cold weather. For this
reporting period, many anomalous uplift events voeiacident with high prices.

3.1 Analysis of High-price Hours

High-price hours in the Winter 2014 Period are ryaattributed to two factors, high demand
due to cold temperatures and the high commoditepf gas. High demand is relative to
supply conditions in the province and high pricas arise as a result of relatively high demand
or relatively low supply, or a combination of tlveat High demand conditions are normally
driven by weather conditions, as well as by the afayre week and seasonal effects. Low
supply conditions may arise in part due to anyheffollowing (among others): planned or
unplanned generator outages; import failures; antping limitations. High gas prices influence
the HOEP when generators burning gas are calleéd produce electricity. The cost of burning
high-price gas is passed through to the wholesal&eh through higher offer prices. When
these gas generators are on the margin, and thersftiing the HOEP, electricity prices rise
with the cost of gas.

47 The Panel’s presentation is available at:
http://www.rds.ontarioenergyboard.ca/webdrawer/watber.dll/webdrawer/rec/457421/view/OEB_MSP_2014%20R%20
Conference Presentation 20141127.PDF

“8 The IESO’s presentation is available at:
http://www.rds.ontarioenergyboard.ca/webdrawer/waber.dll/webdrawer/rec/456953/view/IESO 2014%20N&R0Confe
rence presentation 20141126.PDF
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Table 2-2 displays the number of hours per montlhiich the HOEP exceeded $200/MWh in
the Winter 2014 Period and the preceding five WiRteriods.

Table 2-2: Number of High-price Hours
November — April, 2009/2010 to November — April 202014

Month 2009/2010 2010/2011 2011/2012 2012/2013 2013/2014
November 0 0 0 3 1
December 0 0 0 0 0

January 1 0 0 0 34

February 0 0 1 0 32
March 0 0 2 0 63
April 0 1 0 2 3
Total 1 1 3 5 133

During the Winter 2014 Period there were 133 highephours. This number is unprecedented,
and almost double the next highest number of higdeours in a reporting period, which was
71 events during the period from May 2005 — Noven2®®5 (the “Summer 2005 Period”).

The Panel identified two hours with anomalous paagecomes for which the primary causes
were not high demand and/or high gas prices and tdescussed these events below. These
events were chosen for further discussion in g®rt due to the particular conditions that
precipitated them. Factors which contributed ®Hhigh-price hours which are not analyzed
include those common to the hours described bedswyell as factors which the Panel has
previously identified as being frequently respolesior high prices (day of the week, seasonal
effects, planned or unplanned generator outaggmrinfailures and ramping limitations are

some of these factors).
3.1.1 January 29, 2014 Hour Ending 8

On Wednesday, January 29, 2014 the HOEP reachdd3MWh in HE 8. The one hour-
ahead dispatch price was $275.00/MWh. Temperatirésronto’s Pearson International
Airport were cold, with a low of -18:& and a high of -10°C, contributing to high demand
throughout the day, with real time system demaredaning 23,048 MW in HE 8. Notably, this
real-time demand was almost 400 MW lower than drti@ prior five forecasts for demand for

HE 8, which would typically lead to a lower reale price as compared to pre-dispatch prices.
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Table 2-3 displays the real-time market clearinggp(*MCP”), Ontario demand and net exports

for HE 8.
Table 2-3: Real-time MCP, Ontario Demand and Net forts
January 29, 2014 HE 8
(MW & $/MWh)
Change in
Real- Ontario Cﬁﬁ\genrag?n
Real- Real- Time Demand 9
Real- : : ; Net
. . Time Time Ontario plus Net
Delivery time : Exports
Interval Ontario Net Demand | Exports
Hour MCP from
($/MWh) Demand | Exports | plus Net from Previous
(MW) (MW) Exports | Previous
Hour
(MW) Interval (MW)
(MW)
8 1 93.81 20,037 2,479 22,516 - -96
8 2 88.69 20,276 2,479 22,755 239 -96
8 3 97.93 20,405 2,479 22,884 129 -96
8 4 105.16 20,570 2,479 23,049 165 -96
8 5 172.13 20,681 2,479 23,16( 111 -96
8 6 172.13 20,697 2,479 23,176 16 -96
8 7 179.60 20,707 2,479 23,18¢ 10 -96
8 8 179.59 20,684 2,479 23,163 -23 -96
8 9 250.53 20,772 2,479 23,25] 88 -96
8 10 1999.00 | 20,698 2,479 23,177 -74 -96
8 11 1999.00 | 20,668 2,479 23,147 -30 -96
8 12 1999.00 | 20,632 2,479 23,111 -36 -96
Average 611.387 20,569 | 2479 | 23,048 54 -96

In HE 8 interval 10, when the MCP spiked t0$1,999/M Ontario demand dropped by
more than 70 MWs. The price remained at $1,999/Mi&4pite decreasing demand during

the last two intervals of the hour. As explainetbbe the price spike was a result of a

shortage of offers for 30 minute operating reserves

The hour-ahead pre-dispatch forecast for pricéhfisrhour was $250/MWh. As shown in Table

2-3, this $250/MWh forecast for price did not unflaecast price for first nine intervals of the

hour, in fact it over-forecast price. The pricesidg intervals 1-9 were consistent with pre-

dispatch supply and demand conditions.
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From intervals 10 through 12, there was an energrket shortage which had not materialized in
the hour-ahead pre-dispatch forecast price. Tiesgy market shortage was the result of
resources being dispatched down in the energy markkbeing scheduled to provide OR in

order to remedy the OR market shortage.

Pre-dispatch supply conditions in the OR marketseight in the hours leading up to real-
time * and real-time reductions in OR offers resultedpmward pressure (on the already high

prices) in the energy and OR markets.

Impact of Joint Optimization on Price and Schedules

Energy and OR prices are based on the total casttsffying the nex¥IW of demand. This process is
fairly straightforward when only one of these maskigas to be considered. However, the dispatch
algorithm uses joint optimization whereby resouraestraded-off between the two markets to find the
optimal combination of resources that satisfieggnand OR demand at the lowest total cost. Thezefo
satisfying one additional MW of demand in one madan have a price effect in the other market. This
the case because satisfying one more MW of demraaoddé market makes that same MW unavailable to
the other market. More specifically, scheduling additional MW in the energy market removes that MW
for scheduling in the OR market (assuming thatéseurce offered into both markets) and vice versa.

This implies, and it is the case, that a resouritle an available capacity of 500 MW could offer 3@0V
into the energy market and the OR market. The tispagorithm would then determine the least casf w
of dispatching the total capacity of 500 MW, foaexle, 250 MW of energy and 250 MW of OR. The
resource would not receive a combined dispatchetkegeds its available capacity.

The joint optimization process leads to the schaduwf resources across the energy and operatsggve
markets that maximizes the economic gain from teatess all markets. Maximizing the economic gain
from trade results in scheduling the offered resesiin such a way that demand can be satisfidwat t
lowest possible cost of production. A result ofitrey off resources between the energy and OR nsarket
can be market clearing prices that do not corregpomny single offer submitted.

49 30 minute OR prices were forecast to be $70.01/M$175.75/MWh and $186.42/MWh at the 3, 2 and Irtatwead time
horizons respectively.
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Table 2-4 shows the real time MCPs for energy aRd I®-minute synchronized “10S”, 10-

minute non-synchronized “10N” and 30-minute “30R¥) well as the fuel type of the marginal

resource(s).
Table 2-4: Real-time MCP and Marginal Resources
January 29, 2014 HE 8
(MW & $/MWh)
Real- Real- Real- Real- .
time Time Time Time I\F:Iargmal
HE | Interval | Energy | 10SOR | 10N OR | 30R OR e;oulrce Notable Events
MCP MCP MCP MCP 4 ue
@Mwh) | @mwn) | @mwn) | @mwny | TYP)
Facility scheduled for 300 MW of
energy and for 161 MW of OR in
Prior to HE 8 PD-1. Offers were removed
between 06:36 and 6:38 due to
equipment concerns.
8 1 93.81 30.10 30.10 11.59 Water | Unit was scheduled for 150 MW of
8 2 8869 | 30.10 | 30.10 | 2500 | water | Energyandfor60 MWof ORin
PD-1 but was forced out of servic¢
8 3 97.93 30.10 30.10 30.00 Water (fa||ed to Start) at the beginning of
105.16 HE 8. MWs removed from the
8 4 30.10 30.10 30.00 Water | unconstrained schedule after
interval 4.
8 5 172.13 87.03 | 75.00 74.90 [Dwater
8 6 / 172.13 87. .00 74.90 Water
8 7 179.60 87.03 75.00 74.90 Water
8 8 179.59 87.03 75.00 74.90 Water
8 9 / 34217 100:06——0990 | Water
8 10/ 1,999.00] 1,999.04 1,999.00| 1,999.00.P, Load, | CAOR de-rated.
8 | 1 1,999.00 [ 1,999:00 T999.00 | 1,999.00| \Load, | 51 i oo shortfall from
8 1,é 1,999.00| 1,999.000 1,999.00| 1,999.00 L\ad, interval 10 to interval 12.
Average 611.38 | 548.94| 543.12 | 541.09 \

\

Energy and OR prices increase in response [to Energy and OR prices increase in

removal of the previously scheduled resource. response to de-rating of CAOR and

the corresponding operating reserve

shortage

For intervals 1 through 9, there were sufficierierdf from online resources to satisfy operating
reserve requirements. However, during these iatgrvesources which had been scheduled to
provide energy in pre-dispatch were instead scleedia provide OR. The dispatch algorithm’s
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joint optimization was rebalancing energy and ORketidispatches, but each market was tight

and prices in all markets were steadily on the oigar the first 9 intervals of the hour.

By interval 10 a total cumulative reduction in Ofecs of 321 MW meant there were
insufficient offers to meet the 30R OR requirement.

The price for OR is normally equal to the costatisfying the next MW of demand for OR;

however, in time of supply shortfall, the OR prisghe greater of the highest priced reserve
offer or the energy price for the interval.During intervals 10 to 12, the OR price was sethe
price of energy at $1,999/MWh. The OR shortfadl dot carry into HE 9 and prices dropped

starting in interval 1 of HE 9.
3.1.2 February 27, 2014, Hour Ending 20

On Thursday, February 27, 2014 the HOEP reached/B8&h in HE 20. The one hour ahead
pre-dispatch price was $199.42/MWh (set by a geititig. The pre-dispatch price is primarily
explained in large part by gas prices. Gas futpries were high at $24.844/MMBtu on this
day, implying a cost of gas generation of $173.94M(using the same methodology as is used

in the Introduction section of this chapter).

Temperatures at Toronto’s Pearson Internationglokirwere cold, with a low of -17°€ and a
high of -10.0C contributing to high demand throughout the daiyh weal time Ontario demand
averaging 21,800 MW in HE 20. This demand is digamntly above the IESO'’s forecast peak
demand under normal weather conditions for the veeelng March 2 of 20,886 MW and
approaching the IESO’s extreme weather forecaskhy@eak of 21,842 MW

Production from self-scheduling, intermittent anichavresources were over-forecasted, resulting
in 443 MW of generation which needed to be replamezt the hour. Net exports were 690 MW
higher in real-time than was forecasted in pre-atisip due to MISO preventing previously-

scheduled imports from MISO to Ontario from flowiagthe Michigan interface.

50 For more information see page 6 of the IESO tmgjmjuide entitled, “Guide to Operating Reserve3imble at:
http://www.ieso.ca/Documents/training/ORGuide.pdf

*1 For more information see page 2 of the Decemb#8 2BSO report entitled, “18-Month Outlook — Ontabbemand Forecast,
available athttp://www.ieso.ca/Documents/marketReports/18Mo@hF 2013dec.pdf
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The net result of these forecasting discrepancesthat there were significantly fewer
resources available to meet demand in real-time hiaal been predicted in the hour-ahead pre-

dispatch forecast.
Table 2-5 identifies events that occurred in HEah@ HE 20.

Table 2-5: Real-time MCP and Marginal Resources
February 27, 2014 HE 19 and 20
($/MWh & Fuel Type)

Real-time Marginal
el Interval MCP Resource Notable Events
Hour ($/MWh) (Fuel
Type)
19 1 196.27 Gas
19 2 196.29 Gas
19 3 196.31 Gas
19 4 197.05 Gas
19 5 199.37 Gas
19 6 199.38 Gas
MISO curtailed 315 MW of imports from
1 i 200.16 Water Michigan to Ontario for HE 20.
MISO increased their import curtailments fo
19 8 201.40 Gas 698 MW for HE 20. IESO curtails 300 MW
of exports for HE 20.
19 9 201.40 Gas
Gas unit de-rated from 400 MW to 250 MWV.
With no available generators and more M\[Vs
of CAOR scheduled than would have been
= e 219.03 Water achieved as a result of a voltage reduction,
the IESO curtailed 304 MW of exports to
MISO starting in HE 20.
The same gas unit forced out of service. §50
1 AL 500.00 Water MW of OR activated.
5% voltage reduction implemented (all argas
except NW) resulting in 384 MW of relief.
19 12 491.89 Water 150 MW of OR_ activated. IESO requests
that a gas facility synch and ramp to its
minimum stable production level (Minimu
Loading Point or “MLP").
Average 249.88
20 1 392.00 Gas
20 230.59 Gas
Load, : .
20 3 2000.00 CAOR Voltage reduction begins to be phased out.
Load,
20 4 2000.00 CAOR
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Real-time

Dal:)vu(erry Interval MCP g:;g'gzle Notable Events
($/MWh)
0 | 5 | asno | waer |41 MALemere cnaled 200 Mol
20 6 491.90 Water | 300 MW of OR deactivated.
20 7 500.00 Water [ IESO curtails 444 MW of exports for HE 2
20 8 1995.00 Load 220 MW of OR deactivated.
20 9 1995.00 Load
20 10 500.00 Water | ON demand falls 41 MW.
20 11 500.00 Water | ON demand falls 70 MW.
20 12 500.00 Water
Average 964.28

The high prices experienced in HE 20 can be expthby four events which put upward

pressure on prices as a result of either supptieorand effects:

» high demand conditions (which contributed to tirgéaincrease in price relative to the

hour-ahead pre-dispatch price due to demand cbpanrthe steep portion of the supply

stack);

* imports cut from MISO (which forced the IESO to leege MWSs of supply with more

expensive sources);

* the loss of a large natural gas unit (which fortedIESO to replace MWs of supply with

more expensive sources); and

» the over-forecasting of wind and self-schedulingsu(which forced the IESO to replace

MWs of supply with more expensive sources).

MISO curtailed 700 MW of imports scheduled acrdssMichigan interface and Ontario had a

400 MW generating unit forced out of service legdip to the beginning of HE 20. The

combined supply loss from these two events was MW this loss forced the IESO to activate

operating reserve for HE 20.

Following the activation of these operating ressyike IESO had no further generation

resources available which could respond to meetaddmThe previously-mentioned loss of the

large natural gas unit resulted in an imbalancgupply and demand, with demand outstripping

supply; Ontario was withdrawing more energy from gnid than they were injecting into it. As
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a result, the inter-jurisdictional power flow skidt such that the shortfall in Ontario injections

was made up for with energy flowing across thertide and into the province.

The IESO monitors this power balance and the neevaf the flow at any given time is the
Area Control Error (“ACE”) (which reflects the sgsh balance of supply and demand).
Following the loss of the natural gas unit, the AQ&s outside acceptable boundaries, and the
response of the IESO was to implement a 5% voltedection across Ontario (except for in the

oversupplied Northwest, where reducing voltage wawdt have provided significant relief).

By interval 3 of HE 20 the voltage reduction an@@hing reserve activations were resulting in
Ontario oversupply. The IESO began phasing outvtitage reduction and deactivating

operating reserve, bringing supply and demand baokbalance.

Demand increased in interval 3, causing a prickespbDuring intervals 8 and 9, while resources
which had been called upon to provide reserve gnggge deactivated, prices spiked again.
Following interval 9, a decline in Ontario demamedulted in a reduction of the MCP from
$1,999/MWh to $500/MWh.

3.2 Analysis of Negative-price Hours

Negative-price hours signal the availability of adant baseload supply relative to demand.
Low demand hours occur most frequently during oiggtrhours, weekends, and mild shoulder

seasons (spring and fall).

The amount of baseload supply is a function oflatsé nuclear, hydroelectric and wind
generation. Generation from nuclear facilities a@m fairly constant over time, with units on or
returning from outage as the main influence of lakde generation. Baseload hydroelectric
facilities and wind generators have seasonal pettiertheir production. Baseload hydro tends
to be highest during freshet in the spring timel snd generation tends to be highest during the
cold winter months. As installed wind generatiapa&city grows, windy periods will have

greater influence on the number of negative prgr$
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Imports are scheduled in the pre-dispatch markeitaa@ assigned real-time offer prices of -
$2,000/MWh. As a result, imports tend to put downdvpressure on price in real-time. As
such, the quantity of imports is also relevantaoalyzing the frequency of negative-price hours.

Table 2-6 displays the number of hours per monthhith the HOEP was below $0/MWh in the
Winter 2014 Period and the preceding four Winterdeks.

Table 2-6: Number of Hours with a Negative HOEP
November — April 2009/2010 to November — April 2(AACRL4

Month 2009/2010 | 2010/2011 2011/2012 2012/2013 2013/2014
November 16 3 13 11 111
December 0 9 14 4 3
January 1 11 9 13 3
February 0 0 2 0 1
March 0 3 44 3 2
April 9 27 5 12 0
Total 26 53 87 43 120

There were 120 negative-price hours in the Win@drd2Period. This represents a significant
increase in the number of negative-price hourgiveldo the previous four Winter Periods. The
negative-price hours occurred almost entirely witiie month of November (111 of 120) and

most of these hours (79) occurred from November 118t
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Figure 2-14 displays the total monthly supply offéat negative prices by resource type.

Figure 2-14: Negative-priced Offers by Month and &mirce Typg*>3
May 2009 — April 2014
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There has been a step change (increase) in negaittecoffers since the end of 2012 which can
be attributed to the return to service of Brucdsufiiand 2 in October of 2012. Together those
units offer approximately 1,500 MW of low-price leésad supply.

The spike in the frequency of negative-price hdtom November 1 to November 18 can be

attributed to three factors:

1. Increased electricity production from nuclear reses
2. Increased electricity production from wind resosrce
3. Relatively low electricity demand

Figure 2-15 shows the average Ontario hourly denaawidthe average negative-priced
production during the Winter 2014 Period. Hourggative-priced production in this figure

%2 For imports, the quantities reported are schedgleuhtities, not offered quantities. Imports schedlin pre-dispatch are
priced at -$2,000/MWh in real-time to ensure tipea-dispatch schedules are respected. While pateR,000/MWh for price
setting purposes in real-time, these imports may leeen originally offered at positive prices.

53 As at September 2013, as a result of an IESO Istédker engagement (SE-91), wind generators havenbedispatchable
resources. For wind generators, the quantitiesrteg are scheduled quantities, not offered quastitQuantities offered by
these facilities are generally not accurate predsodf attainable delivered quantities; measuriglvdred quantities instead
provides a more useful estimate of the extent ticlwvthese resource types contributed to the oceceref negative-price hours.
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represents the hourly average sum of unconstraicieeddules of units that offered into the
market at negative prices.

Figure 2-15: Average Hourly Ontario Demand and HolyrNegative-Priced Production
November 2013 — April 2014
(MWh)
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As seen above, during the period November 1 to Mdnez 18, 2013, average hourly negative-

priced production in the market was greater tharage hourly Ontario demand.

Following this 18-day period, this relationship wasersed, with average hourly Ontario

demand outstripping the average total negativeegrfroduction offered into the market.

4  Anomalous Uplift Payments

4.1 Congestion Management Settlement Credits

The Panel considers hours in which CMSC paymernieazk$500,000 to be anomalous. There
was one such hour in the Winter 2014 Period.
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The Panel considers CMSC payments in excess 008,000 on a given day to be anomalous.

There were 30 such days in the Winter 2014 Period.
By contrast, during the Winter 2013 Period, theegerseven such days and two such hours.

There were 31 events during the Winter 2014 Pe¢hatimet the Panel’s thresholds for
anomalous CMSC payments; four of which are disaubséow. CMSC payments during other
events involved conditions frequently observedmiyanomalous CMSC events; these

conditions have been extensively analyzed in pres/Banel reports.
The total CMSC paid and the average HOEP on eatiiesé four days is shown in Table 2-7.

Table 2-7: CMSC & the HOEP on Analyzed Days
($ thousands and $/MWh)

Date CMSC A|]|’ s
December 11, 2013 | 2,534 24.02
January 22, 2014* 3,175 173.81
February 27, 2014 2,595 150.23

March 4, 2014 3,476 275.09

Table 2-8 shows CMSC paid to resources to increagply (constrained on generators and
imports as well as constrained off dispatchabled$pand to increase demand (constrained off

generators and imports as well as constrainedspattihable loads and exports).

Table 2-8: CMSC for Increased Supply or Increaseéiand

($ thousands)
Constrained On Supply/ Constrained Off Supply/
Date Constrained Off Demand Constrained On Demand
Domestic Intertie Trader Domestic Intertie Trader

December 11, 2013 292 2,156 102 a7
January 22, 2014 235 1,056 1,770 114
February 27, 2014 1,466 66 1,088 (26)
March 4, 2014 817 246 1,590 823

As discussed earlier in this chapter, the Winter4?Beriod was characterized by prolonged cold

temperatures. Demand for energy as well as tloe pfienergy in Ontario was very high during

% HE 19 of January 22, 2014 was the single houngusihich the $500,000/hour anomalous CMSC thresivalsi met during
the Winter 2014 Period.
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this period. CMSC payments are in part determimethe difference between a participant’s
offer price and the price of energy (HOEP), so¢heigh prices contributed directly to the
amount of constrained-off CMSC paid to supply reses. The high prices also contributed to
the unusually high number of days during whichttital CMSC payments met the Panel's

criteria for anomalous CMSC payments per day.
4.1.1 December 11, 2013

While high prices contributed to both the high nembf anomalous CMSC days and to the
amount of constrained-off CMSC paid to supply reses in the Winter 2014 Period, there were
other circumstances under which anomalous CMSC paigrarose. One example of this was
on December 11, 2013, when the average HOEP wa823add approximately $2.5 million of
CMSC was paid. $2.2 million was paid to two intettaders and over one third of the

remainder was paid to a domestic dispatchable load.
4.1.1.1 Intertie Traders

There was a constraint within the Northwest regib@ntario near the Manitoba interface that
prevented power from flowing into Manitoba at tivels full capacity. An exporter bid to
export 256 MWs, some of which were bid at pricé®f000/MWh, the maximum allowable bid
price. The participant was only scheduled to floportion of its total quantity bid and was
constrained off for the remainder. As a resulb@hg constrained off and its very high bid
price, from HE 11 to HE 23 the participant receiagproximately $2 million in constrained-off
CMSC payments. This was the most CMSC paid to tkeh@articipant on any day in the
Winter 2014 Period.

Another intertie trader bid to export 18 MW of paves the Manitoba interface from HE 14 to
HE 23 at prices as high as $987/MWh. This intd@rider received nearly $150,000 in
constrained-off export CMSC payments by behaving manner consistent with nodal price

chasing, as described in Chapter 3.
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4.1.1.2 Domestic Resources

A dispatchable load earned just over $100,000 irstained-off CMSC payments during HE 4
and HE 5. The load was constrained off as a re$alh IESO technical issue which prevented
the IESO from sending dispatch instructions begigmn HE 3. Facilities were instructed by the
IESO to maintain their respective HE 3 schedulHse dispatchable load received an
unconstrained schedule of 100 MW during HE 4 andbBtHBowever, due to the technical issue,
its constrained schedule was held constant at 55 MWs disparity coupled with a high bid

price resulted in the significant CMSC payment.
4.1.2 January 22, 2014

On January 22, 2014, CMSC payments totaled appaiei;n$3.2 million with the highest hour
being HE 19 with $560,895.31 (17.7% of daily tataf)s such, not only did this day meet the
Panel’'s thresholds for an anomalously high amoti@SC paid within a day, HE 19 met the
Panel’s threshold for an anomalously high amour@MSC paid within an hour. The average
HOEP was $173.81 for the day due to high Ontarinatel (22,810 MW peaky,associated

with low temperatures.

The majority of CMSC payments occurred during twatidct periods of the day. The first
period, during HE 8 and HE 9, had CMSC paymentsppiroximately 15% of the daily total.
The second period was between the hours of HE HEt82 (59% of the daily total) with

CMSC payments split between resources located tar@rand energy intertie traders.
4.1.2.1 Intertie Traders

Throughout the day, intertie nodal prices, with ¢éixeeption of in the Northwest, were above the

Ontario price (HOEP).This is shown in Figure 2-16.

%5 peak hourly demand during the Winter 2014 Periad 28,240, during HE 19 of January 21, 2014.
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Figure 2-16: Average Hourly Ontario Demand, the HBE& One-Hour Ahead Pre-Dispatch
Intertie Nodal Prices
January 22, 2014
($/MWh & MW)
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MW

During the evening peak there was an internal imésson line forced out of service from HE 18

to HE 22 which contributed to increased nodal [mée

Of the approximately $1.2 million total CMSC padintertie transactions, more than half was
paid to two participants for constrained-off exgash the New York and Québec interties, while

the rest was paid to various other intertie traders
4.1.2.2 Domestic Resources

Throughout January 22 2014, two facilities in therthwest region of Ontario earned CMSC
payments in all hours of the day (combined CMSOnhpents to these facilities was
approximately $560,000). The Northwest suffersnfimottled supply due to transmission
constraints which commonly results in low nodates throughout the Northwest. These low
nodal prices often lead to resources being com&denff and being paid CMSC, this day was no
different. The relatively high average HOEP foe thay ($173.81/MWh) resulted in CMSC

%6 This transmission constraint likely increased CM&Ewould not have had any impact on the HOEP.
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payments that were greater than they would have inehe case where the HOEP was lower.
In general, a high HOEP results in larger CMSC payts for constrained-off generators and

importers.

The above-mentioned transmission constraint duhegevening ramp resulted in a nuclear
facility being constrained down, resulting in méian $1,000,000 in CMSC being paid to that
facility.

4.1.3 February 27, 2014

On February 27, 2014, approximately $2.6 millioniatal CMSC was paid. The average HOEP
was approximately $150/MWh for the day due to algio@tion of high demand and supply

interruptions®®

The primary driver of these CMSC payments was higgal prices (both day-ahead and real-
time) for the morning and evening peak hours redattd the other hours in the day. This
resulted in gas facilities being issued guaranieesder to ensure that there was sufficient
supply to meet peak demands. These guaranteesatyatiees which were only sustained
during peak periods, so CMSC was paid to thesauress during the non-peak hours for their
production based on the difference in their raaktioffer price and the prevailing market price.

4.1.3.1 Intertie Traders

While intertie traders were paid a negative towl@MSC, there was a material positive CMSC
payment made to one participant. This participanéived over $170,000 in CMSC payments as
a result of a 100 MW export bid at $2,000/MWh oQ@ébec intertie that was constrained-off as
a result of security or adequacy concerns intdm@lntario. This participant bid to export 100
MW of power at $2,000/MWh during all hours of tldiay.

57 Significantly higher than the average HOEP duthrgyWinter 2014 Period of $48.78/MWh.

%8 On this day, the HOEP reached the maximum valuéhi®Winter 2014 Period at $964/MWh during HE Jtis hour is
discussed in detail above. During this hour Onteairried out a voltage reduction due to a comhnaif high demand
conditions, short-notice domestic outages, cudditgports and over-forecasting of wind and selfeztifling resources.
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4.1.3.2 Domestic Resources

Domestic resources received $2.5 million in CMS@npents, accounting for approximately
95% of the day’s total.

Numerous gas-fired generators received a total (§35,314 in constrained-on CMSC. These
units received either day-ahead or real-time coatantees which resulted in them being

constrained-on.

Guarantees (day-ahead or real-time) issued togyasrgtors can result in incremental CMSC. |If
a generator receives a guarantee, the IESO camstia unit on at its MLP for the duration of
the guarantee. This constraint ensures that theamains online over the course of the entire
guarantee. This constraint only results in incret@eCMSC payments if market prices are
below the resource’s offer prices. In this ca8e,resource is not economic, but is constrained
on nonetheless as a result of the constraint imghéea by the IESO (further to the cost
guarantee). The resulting CMSC payment is equididalifference between the market price

and the offer price times the MW quantity consteaHon.

These guarantee programs ensure that facilitiesiade whole according to their submitted
costs (of which their energy bids make up a compt)néAs such, if the energy market revenues
(including energy payments and CMSC) fall shorthefir submitted costs, a top-up payment is
made. It is important to note that in the cas€EMISC payments made to gas-fired generators
who qualified for guarantees, these CMSC paymeetg ikely not incremental costs to the
system as they would have been paid through thepapechanism were they not paid through

either energy revenues or CSMC payments.

Units that received a day-ahead guarantee were dtedrbased on nodal prices in the $150 -
$250/MW range. There were multiple gas-fired fde# that offered into the day-ahead process
(but were not scheduled) at extremely high offécqw (these facilities effectively priced
themselves out of the day-ahead commitment prare$pursued real-time cost guarantees
instead). As a result, there was less economiplg@vailable for the day-ahead commitment

process. Resources scheduled day-ahead were tpetdo receive their submitted costs either
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through market revenues (energy, operating reser@MSC) or production cost guarantee

(“PCG”) payments.

Gas-fired generators were committed day-aheadderdo ensure that expected peak demands
were satisfied. This is illustrated in Figure 2-Which shows gas-fired facility day-ahead offer
prices, the day-ahead demand forecast and the H@HEm/s day. In order to avoid starting more
expensive units, some gas-fired facilities were iwaited to run across the entire peak period.

For these resources, market prices between peakstogelow to cover their submitted costs.

Figure 2-17: Day-Ahead Offer Price, Demand Forecastd the HOEP
February 27, 2014
(MW and $/MWh)
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Units that received a real-time guarantee were cot@enbased on being economic for at least
half of their minimum run-time at the time that t@mmitment was made. Resources in real-
time were guaranteed to receive their submittetsagther through market revenues (energy,

OR or CMSC) or top-up payments (real-time or dagaahcost guarantee payments).

Constrained-on payments to gas units were cond¢edtfieom HE 11 to HE 17, after the morning
peak and prior to the evening peak. Prices duhiege hours were significantly lower than

during the peak hours. These generators receiaérial constrained-on CMSC payments
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during these hours as a result of market pricesgdewer than their offer prices for the

guantities which they were constrained-on to preduc

One hydro facility was paid just over $300,000 MEXC throughout the day, of which almost
$250,000 was constrained-off CMSC payments whictewe by-product of gas facilities with

cost guarantees being constrained-on (some of veneekdiscussed above).

Gas facilities who receive day-ahead guaranteemegated (but not obligated) to reduce their
offer price in real-time. If they do not reduceithoffer price in real-time, as was the case ia th
example, they risk receiving an unconstrained seleeof 0 MW and being replaced in the
unconstrained scheduled by a facility with a lowter price (in this case a hydro facility). Due
to the day-ahead guarantee, even though this gaisyfes not economic, it will be constrained-
on and the hydro facility will be constrained-off.the gas facility instead reduced its offer pric
in real-time, then it would receive a positive unswained and constrained schedule, and the
hydro facility would not be economic. If the gaifities had reduced its real-time offer prices,

these CMSC payments would have been avoided.

Absent the constraints on these gas facilitiesptbduction from this hydro facility would have
been higher. The units at this facility tend téeofnergy in the range of $15/MWh; given that
the HOEP was above $100/MWh during 13 hours ondhys the resulting CMSC was

significant.
4.1.4 March 4, 2014

On this day there was a total of $3,476,254.19 pa@MSC. The average HOEP was
$275.09/MWh for the day due to moderately high @atdemand (21,468 MW peak) from low
temperatures and very high gas prices ($36.60/MYBtu
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4.1.4.1 Intertie Traders

Of the just over $1 million of CMSC paid to intertraders, $420 thousand was paid for
constrained-off exports and imports on the Manitimbertie>® with various other intertie traders

earning the remainder.

When an export bid price is below the unconstrapréce but above the nodal price at the
intertie, this transaction will likely be constrashon. The transaction will flow, and the intertie
trader be compensated for the difference betwesMBP and bid price, effectively capping the
cost of the export transaction to the intertie ératbid price.

One intertie trader was constrained-on to expoiteAdidding less than $1 over the pre-dispatch
nodal price at the intertie throughout this dayisTintertie trader received $223,003 in

constrained-on export CMSC.

Another intertie trader had imports and exportshenManitoba intertie constrained off during
HE 11 and HE 12. Its exports were constrainedbkfid prices of $2,000/MWh due to
transmission constraints/security concerns domést@ntario. These constrained-off exports
resulted in $196,378 in CMSC.

The same intertie trader had imports on the Maaitakertie constrained-off in HE 1, HE 2, HE
3 and HE 7 due to transmission constraints/secooitcerns domestic to Ontario. The

combination of two transmission outages near tteztie was the cause of these concerns.
4.1.4.2 Domestic Resources

Of the CMSC paid to domestic resources, gas fexsliteceived approximately $1.1 million. Of
this, the bulk ($932,587) was paid to gas facsitiehich received a cost guarantee during this
day.

A hydroelectric generation facility was constrairegtidue to an outage on a piece of
transmission equipment which resulted in part effdtility being isolated from the grid. The

% While MR-395 eliminated the payment of constrain&dCMSC for import transactions constrained-affdre-dispatch and
destined for a chronically congested area, traisetvhich are curtailed following the final prespatch sequence are still
eligible to receive CMSC.
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total constrained-off CMSC that this resource waisl pn this day was approximately $1.1
million. The amount of CMSC was primarily the ritsaf high prevailing market prices and the
extreme negative offer prices used by the facibtya portion of its output (it is common
practice for hydro facilities to offer baseload &eipy at negative prices). Absent these factors,

the CMSC payments would have been smaller.

4.2 Intertie Offer Guarantee Payments

IOG payments in excess of $500,000 for a given loum excess of $1,000,000 for a given day
are considered anomalous by the Panel. During\inéer 2014 Period there were no such
hours and twelve such days. By contrast, in thet§vi2013 Period there were no such days or

hours.

While twelve days met the Panel’s threshold formaalous IOG payments, analysis of two
notable days during the Winter 2014 Period is pregstbelow. On February 20 and March 4,

2014, almost $4 million in IOG payments were mawearious importers across the province.

Intertie transactions are scheduled in the day-dbeé#inal pre-dispatch timeframes (collectively
the “scheduling timeframes”), but are settled anlthsis of the real-time price; this introduces
price risk to intertie transactions. To incent oriparticipation and improve supply adequacy,
IOGs eliminate this price risk by guaranteeing thatimporter will, at a minimum, recover their
costs (as scheduled in day-ahead or pre-dispaBh)educing exposure to price movements
that work against the importer, while allowing th&rkeep the upside opportunity associated
with the price moving in their favour, I0Gs incredhe incentives for importers to participate in
the market and to deliver the energy scheduledati@ad or in the final pre-dispatch run.

The following examines the factors that lead to tf/the twelve anomalous I0G events; these
factors are present in isolation or combinationdibiof the remaining ten events during the
period. The first (February 20, 2014) exemplifrestances where the 10G payments are
primarily the result of price differences betweba scheduling timeframes and real-time; the
second (March 4, 2014) exemplifies instances wimepert curtailments lead to the anomalous

IOG payments.
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4.2.1 February 20, 2014

Figure 2-18 graphs the price differences betweenniport scheduling timeframes and real-
time. The differences are limited to instancesnelibe real-time price was lower than the price
in the relevant scheduling timeframe (i.e. thers te prospect of an I0G payment; all other
hours are represented by a zero price differengdylitionally, IOG payments per MWh of

imports are presented.

Figure 2-18: Average I0G Payment per Real-Time InthdReal-Time Price Difference &
Day-Ahead Price Difference
February 20, 2014
($/MWh)
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Positive values associated with the red line indigastances where the real-time price was
lower than the pre-dispatch price, presenting drieeoconditions which are likely to result in an
IOG payment. The blue line indicates the samelégyrahead and real-time price differences. In
all hours the actual IOG payments per MWh of impdpurple bars) were lower than either the
day-ahead or pre-dispatch price difference linedicating that these payments can be explained
by price differences between the scheduling tinmésand real-time. The significant drop in
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prices between the scheduling timeframes and iaal\vas largely a result of an over

forecasting of demand, nearly 1,200 MW in some &our
4.2.2 March 4, 2014

Figure 2-19 replicates the previous price diffei@drdand IOG payment graph, but for the

anomalous I0G event on March 4, 2014.

Figure 2-19: Average I0G Payment per Real-Time InfhdReal-Time Price Difference &
Day-Ahead Price Difference
March 4, 2014
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Unlike in the previous example, IOG payments per MdYimports regularly exceeded the price
differences between the import scheduling timefrsuared real-time. The primary cause of these

IOG payments was import curtailments from MISO lo@ Michigan interface.

Whether scheduled day-ahead or in pre-dispatchpriters are only paid the market price for the
guantity of energy delivered in real-time. In srstes where importers receive a day-ahead or
pre-dispatch import schedule, but are curtailetheylESO before real-time, the importer

receives no energy revenue. However, these impogtguaranteed to recover their as-offered
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costs through the 10G program, and if energy regeand CMSC compensation fails to

compensate the importer up to their as-offered, @stOG payment will be made.

On March 4, 2014 the MISO market was experienciMpaimum Generation Emergency Event
and was not releasing any transmission capacitinfertie traders to purchase and complete
import transactions to Ontario. Additionally, PIas experiencing conditions which
necessitated curtailing transactions schedulelb¥ofrom the PJM market through MISO to
Ontario (on the Michigan interface). These cowdisi were responsible for numerous curtailed
imports throughout the day and led to considertd(& payments.

4.2.3 Day-Ahead I0G: Component 2

The day-ahead and pre-dispatch import schedulmgftames differ in that there are subsequent
scheduling timeframes following day-ahead, wheprasdispatch is the final scheduling
timeframe for importers. Imports scheduled in gigpatch are locked in and carried over to
real-time (unless they are curtailed), however irntgoscheduled day-ahead may become

uneconomic in subsequent scheduling timeframesjfgg@dly the pre-dispatch timeframe.

An importer is entitled to receive an IOG Compon2piayment if it receives a day-ahead
schedule but is not scheduled in pre-dispatchrastt of economic selection by the IE&On
other words, if an importer fails to flow in reaftde, it is considered that it should only receive a
Component 2 payment if its failure to deliver issasult of “economic selection” by the
IESO%

To date, the IESO has not paid Component 2 IOG paysin a manner consistent with the
above methodology, and has instead paid Componentiports which fail fomnyreason. Of
the almost $2.8 million paid in IOG payments on tkad, 2014, approximately $2 million were
Component 2 payments paid to importers that faedeliver in real-time due to either

conditions in external jurisdictions or circumstaaainder the market participants’ control.

¢ See the Market Rules, Chapter 9, Section 3.8A.2Manttet Manual 9.5, Section 8.2
%1 To be eligible for a Component 2 I0G payment thparter must have also lowered their import offiécefollowing receipt
of their day-ahead import schedule.
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Paying importers Component 2 I0G payments for zraisns whose failures result from (i)
actions or issues arising from external jurisditsioor (ii) actions of the intertie trader

themselves, is entirely inappropriate.

Making 10G payments for issues arising in extejaasdictions inappropriately shifts the risk

of external transmission or security concerns ftbenintertie trader to Ontario ratepayers.
Making 10G payments as a result of intertie traatgtions allows an intertie trader to schedule an
import, unilaterally fail it, and receive a Compoh@ payment. Under these circumstances the
intertie trader has a significant incentive to sttile imports for the express purpose of failing,
thus receiving the Component 2 IOG payment. Wdniléntertie trader may be exposed to
failure charges under those circumstances, fadhegges in Ontario have typically been low
relative to the value of the Component 2 I0G paymétlowing these distorted incentives to
continue will be detrimental to the efficiency amdiability of the Ontario market as it will make

the day-ahead schedules of imports less refleofivghat will be realized in real-time.

The Panel understands that the IESO is in the psogkupdating the relevant Market Manuals
to reflect the fact that Component 2 payments are fo transactions curtailed as a result of
economic selection by the IESO, and not for tramsadailures resulting from actions or issues
arising from external jurisdictions, or actionstioé intertie traders themselves. The Panel also
understands that the IESO is in the process ovezowy Component 2 payments from two
market participants that received these paymentsifcumstances other than economic
selection by the IESO.

4.3 Operating Reserve Payments

The IESO administers two types of real-time markibis energy market and the OR market.
OR is standby power that can be called upon tstabésh the balance between supply and
demand in the event of a contingency such as aesuoidunexpected increase in demand or a

decrease in generation or transmission service.

OR payments in excess of $100,000 for a given hoeiconsidered anomalous by the Panel.

There were seven such hours during the Winter B&tibd (the “Anomalous OR Events”).
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Table 2-9 lists the relevant OR hours in chronalabgorder and shows how much was paid to

settle the OR markets during these hours.

Table 2-9: OR Market Settlement during Anomalous @Rents
($ thousands)

Date Hon_Jr Total OR
Ending Settlement
November 21, 2013 18 141
January 29, 2014 8 521
February 27, 2014 20 382
February 28, 2014 8 285
March 17, 2014 7 399
April 25, 2014 12 121
April 25, 2014 13 284

There are three classes of standby power in then@et: 10S, 10N and 30R. The IESO
procures OR as a function of its role as the sysiparator. The cost of procuring OR is

charged to consumers as part of the hourly ugidirge.

The determination of the quantity of OR that isuieed at any given time as per the IESO
procedures is specified in reliability standardsibsethe North American Electric Reliability
Corporation (“NERC”) and the Northeast Power Cooating Council (‘NPCC”f? The OR
requirements are noted in Chapter 1 of this repoid, frequently result in a total OR

requirement of 1,418 MWs.

When available supply is insufficient to meet dethand reserve requirements, the IESO may
take out-of-market actions to maintain reliabilifiyese actions are offered into the OR market as
Control Action Operating Reserve (“CAORY. The megawatts of reserve afforded by CAOR
are placed into the OR market as standing offeris. Ontario, a total of 800 MW of CAOR can
be offered into the OR market at fixed (pre-deteed) price and quantity pairs.

%2 NERC and NPCC set reliability standards that ideloperating reserve requirements. These standasdsibe the amounts
of operating reserve required, performance oblgeti and the reserve sharing program. For morenation see page 2 of the
IESO document entitled, “Guide to Operating Resemeailable athttp://www.ieso.ca/Documents/training/ ORGuide.pdf

83 Additional information about the introduction afritrol action sources of OR can be found in thesPadune 2004
Monitoring Report, available at

http://www.ontarioenergyboard.ca/documents/msp/pangpreport_imoadministered 140604.pdf

54\When the market first opened, the IESO did natepdut-of-market actions in the OR market, whiahtte counter-intuitive
pricing. As the market approached shortfall condi, the IESO used out-of-market sources of OR lwieid to a lowering of
reserve prices rather than a rise in the priceaocsty levels, which would have provided a propece signal for the market.
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The total OR settlement is determined by the prodiithe quantity of OR scheduled times the
price of OR for that hour. Factors that affect dewhand supply will affect the price and, in

turn, the settlement totals for the OR markets.

Due to the joint optimization of the energy and @Rrkets, energy and OR prices typically
move in the same direction as supply and demanditimms change. Instances of high OR
prices and payments are typically associated vugtit supply conditions in both the energy and
OR markets. High energy prices do not, howevearags result in high OR prices. Energy
prices can be high without OR prices also beindp.hig

This relationship (with high OR prices coincidenthwhigh energy prices) is consistent with the
data presented on Figure 2-20, which shows OR aedyg prices during the Anomalous OR

Events.

Figure 2-20: OR and Energy Prices and OR Settlemédnting the Anomalous OR Events
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Amongst the observations which can be made bas#ukeasbove:

» During each of the Anomalous OR Events, the enpripe was relatively high.

* Inthese cases, as the energy price increases) stoés at least one of the OR prices.
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* The total OR markets’ settlement moves with ORqwic

While the OR prices tend to move together mosheftime in the figure above, there are
exceptions to this tendency. For example, on Felgra7, 2014 during HE 20, the 10S price
was significantly higher than the 10N and 30R ORgw. This price difference resulted from a
shortage in the market for 10S reserves, and tidlat fewer resources are eligible to provide
10S OR than are eligible to provide 10N or 30R.

During this hour the IESO implemented a 5% volteggiction in response to a number of
factors discussed in the section above on higregraurs. The IESO also activated a number of
resources to provide reserve energy, resultingredaced reserve requirement (any time the
IESO activates operating reserves for a contingémeyeserve requirement is reduced by the
amount activated? Supply conditions were exceedingly tight durihig thour and the energy
price reached $2000/MWh for a portion of the hour.

During the hour with the highest OR markets’ setéat (January 29, 2014, HE 8), there was a
shortfall in 30R OR which was caused by a combamatif factors including forced outages,
increases in real-time demand and the de-ratif@A@R. The de-rating of the CAOR results in
shortening the offer stack in real-time which cimites to a steepening of the OR offer curve,

leading to higher OR clearing pric®s.

5 For more information see page 11 of the IESO denirantitled, “Operating Reserve Training Guide/aitable at:
http://www.ieso.ca/Documents/training/ORGuide.pdf

% For further details on the causes of high OR grisee the Panel’'s September 2014 Monitoring Regeatlable at:
http://www.ontarioenergyboard.ca/oeb/_Documents/MEP Report_May2013-Oct2013 20140924 pdf
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Chapter 3: Matters to Report in the Ontario Electricity Marketplace

1 /ntroduction

In this chapter, the Panel summarizes notable @sagd developments that affect the efficient
operation of the IESO-administered markets, andama&kcommendations where relevant to
promote market objectives. Section 2 providesdate on Panel investigations. In Section 3,
the Panel discusses three matters: the availabflithata pertaining to embedded generation,
embedded consumption, and behind-the-meter geoeyats well as the high-5 Global
Adjustment allocation, and nodal price chasing kyogters on Ontario’s interties.

2  Panel Investigations

The Panel currently has investigations under wagletion to three market participants (one
generator and two dispatchable loads), all of windate to gaming. As each of these
investigations is completed, the Panel will sulitsitnvestigation report to the Chair of the
Ontario Energy Board (“OEB”) and the report will peblished on the OEB’s websfte.

3  New Matters

3.1 Data on Embedded Generation, Embedded ConsumpiahBehind-the-Meter

Generation

Several shifts in the electricity industry in Ombalnave highlighted to the Panel that data in
certain important categories is not readily avddabrhe lack of data has made tracking changes
to certain aspects of the market—and assessingmetin the market—more difficult. The
Panel has identified three main categories of utehMa data that affect the accuracy of metrics
that are important to understand several aspedteahdustry. These categories are embedded

generation, Embedded Class A consumption, and 8¢hermeter generation.

57 The submission and posting of Panel investigasmorts is addressed in Article 7 of the OEB’s By+#3 (Market
Surveillance Panel), available at:
http://www.ontarioenergyboard.ca/OEB/ Documents/ftba20the%200EB/OEB bylaw 3.pdf
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The Panel intends to work with Provincial agen¢iee OEB, the IESO, and the appropriate
government ministries) to assess what data mighawbgable. The Panel describes each data

category below, and provides a brief explanatiowloy it is important.
3.1.1 Embedded Generation

Generation that is located at the distribution Idéxes expanded rapidly since the Province
introduced the Green Energy and Green Economy28€9. Through the OPA’s feed-in-tariff
(“FIT”) program many small-scale renewable generagystems have been located and built
within and connected to distribution networks. Jééacilities produce energy that feeds into
the distributor’s network, reducing the amount leceicity withdrawn from the high-voltage

transmission system.

The OPA’s FIT and microFIT programs have contridwtabstantially to the growth of
renewable energy projects in the province. Thea@mPower Authority (“OPA”) has awarded
contracts for the development of approximately MX& of additional solar projects and 2,631
MW of additional wind capacity for total contracteapacity of 2,171 MW of solar capacity and
5,696 MW of wind capacity, the vast majority of whiwill be operational by the end of 20%8.
A large percentage of the total solar capacityr@l as some portion of wind) will be connected

at the distribution level.

The Panel currently reports data on demand in tbemce, but importantly this hourly data
understates both supply and demand because indb@sclude hourly production from
embedded generation. The hourly demand data alaiathe Panel therefore reflects the
underlying demand for electricity less and lessa &ger share of distribution-level demand is
being met through production from embedded germratlhis may lead to a situation where
overall demand from the high-voltage system appadecline, when in reality demand for

electricity may be constant or increasing.

For this reason the Panel would like access tolyhguoduction data from embedded generators
and integrate this data into its regular monitoregorts. Currently the data on embedded

generation resides with each distributor. The Pexgects that data on embedded generation

% See the OPA’s Progress Reports on Electricity lsujap the third quarter of 2014, available at:
http://www.powerauthority.on.ca/sites/default/filesws/Q3-2014-Electricity-Supply-Report-OPA. pdf

PUBLIC 106



Market Surveillance Panel Report
November 2013 — April 2014 Chapter 3

can be made available on an hourly basis by eattretefacility®® The Panel will work with
the IESO to assess what data is available, at ariyHevel, and to assess how best to obtain this

information to potentially include in future monitag reports.
3.1.2 Embedded Class A Consumption

There is a subset of large consumers that areddeathin and connected to distributor’s
networks. Some of these consumers have peak dembaved 3 MW, which is large enough for
them to be billed as Class A consumers, and therg@fay the Global Adjustment (“GA”) based
on their consumption during the high-5 hours as$ glathe Industrial Conservation Initiative
“1Cr).

The Panel currently has no data on the hourly copsion of Embedded Class A consumers,
and therefore these consumers are included witss@avhen calculating the effective prices for
each class of consumer. This grouping of consumeemns the true effective prices for Class B
consumers are understated and the true effectivespior Embedded Class A consumers are
overstated. Obtaining data on Embedded Class Suroption will therefore make effective

price calculations more accurate.

Also, the Panel has reported on the response etD@lass A consumers to the high-5
allocation of the Global Adjustment, some additiafiacussion on this topic is included in this
report. Importantly, the analysis considers ohbylbehaviour of Direct Class A consumers and

fails to consider how the response of Embeddedslasonsumers may differ.

In light of the expansion of the high-5 allocatiointhe GA to consumers with demand of 3 MW
or higher, it is likely that the pool of Embeddeth&s A consumers will expand considerably.
This expansion will make it even more importanttfoe industry as a whole to have access to
Embedded Class A consumption data in order to stalel how the expansion contributes to

changes in demand in the province.

% The OPA has stated that annual embedded genedattarwill be produced as part of LTEP “Ontario EjyeReporting,” see:
http://www.powerauthority.on.ca/power-planning/letegm-energy-plan-2013/ontario-energy-reporting#sypAlthough an
important first step, the Panel sees more valwbtaining hourly production data.

" Eor more information see the June 2014 IESO dootewitled, “Industrial Conservation Initiative 8ayrounder”, available
at: http://www.ieso.ca/Documents/Expansion%200f%20theis®620Backgrounder%20-%20June%202014%20(2).pdf
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The data on Embedded Class A consumption residbseach distributor and is collected by the
OPA. The IESO currently collects data from disitdrs on embedded generation during the
high-5 hours only. In line with the proposal tonwavith the IESO to assess what embedded
generation data is available, the Panel also istémdssess what data on Embedded Class A
consumption is currently available and how thaadaight be obtained and presented in future

monitoring reports.
3.1.3 Behind-the-Meter Generation

Some large consumers have chosen to constructagemeonsite in “behind-the-meter” or self-
generating facilities. These consist of small gatwes located next to consumers that serve to
meet only that consumer’s demand for electricitygytdo not inject energy into the grid). These
facilities generate energy that can supplemengpliace consumption from the grid and operate
at the discretion of the consumer instead of bdisgatched by the IESO.

In the same way that ignoring embedded generateylead to misperceptions about changes in
the underlying demand for electricity, ignoring rehthe-meter generation may lead to
conclusions about demand which, being based ontjeomand for energy from the high-voltage
network, do not tell the full story. Specificalipe Panel is very interested in the extent to whic
apparent reductions in demand during the high-3shotithe year are offset by increased
behind-the-meter production. Such production waifget the reduction in demand due to the
ICI, and likely contribute to inefficient outcomgsnore expensive onsite generation is being
used in place of lower-cost energy from the grid.

The government of Ontario currently collects daidbehind-the-meter generation, as consumers
are billed for the provincial Debt Retirement Chalmsed on their total consumption—
including behind-the-meter generation (or “self-gexting user,” the language used in the
Electricity Act, 1998). The Panel proposes to dsscwith the appropriate Ministry the option of

providing the Panel with aggregated data on bettiedmeter generation from across the

1 Behind-the-meter generation is different from edd®s generation in that behind-the-meter generaipmay be located at
sites connected to the high voltage transmissitwarg, and (ii) do not inject electricity out ofdlsite and into the grid (hence
the term “behind-the-meter”).
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province’? The Panel understands that this data is currespigrted as total consumption over a
given period (monthly, quarterly or yearly depemgdan the amount of generation at each
facility), rather than hourly. Nevertheless, tre€l believes this data would be informative in
considering the extent of changes in demand iptbeince. The Panel would, if available,
include aggregated data on behind-the-meter geoeratthe demand statistics published in its

reports.

Table 3-1 summarizes the three categories of aetgpeovides some information on why that
data is especially relevant. The Panel is of tke/\that aggregated data will be useful to other
government agencies and market participants be¢hesggregated data will assist with

understanding the current state— and evolution-hefeectricity industry in Ontari6.

Table 3-1: Summary of Data Categories

Category Description Relevance

Demand that is satisfied by embedded productjon
is not currently evident in demand statistics;
hourly supply from these producers is not
reflected in provincial supply data.

Hourly production data from
Embedded Generation | generation facilities connected to
distribution networks.

Required to report on the consumption of all

Consumption data from large Class A consumers in the high-5 hours and to

Srioeeileil C gee A (Class A) consumers located

consumption within distributor networks. understanq the response to the Industrial
Conservation Initiative by those consumers.
Production data from facilities that Generation may offset apparent load reductions
Behind-the-Meter are located next to and serve ong during high-5 hours, which may be an important
Generation consumer with no production side effect of the total impact of the Industrial

going into the grid. Conservation Initiative.

3.2 High-5 Allocation of the GA—Industrial Conservatilmitiative

Earlier this year the provincial government expahtte conservation and peak-reduction
program provided through the high-5 allocationtef GA, referred to as the Industrial
Conservation Initiative (“ICI"Y* The Panel published a review of the efficiencg aost
shifting effects of the high-5 allocation of the GAits June 2013 Monitoring Repdtt.In light
of the expansion of the policy from loads of 5 M8V MW, the Panel has reviewed the

2 The Panel understands that information colleciethe Province for the purposes of administerirggdhbt retirement charge
is subject to confidentiality requirements underHEtectricity Act, 1998

" The current collection of information on behine-timeter generation is expected to last only as ésnifpe Debt-Retirement
Charge continues to be charged on some consunectsigity bills. In order to continue reporting ®ehind-the-meter
generation The Panel will need to have an altereadurce for this data at that time.

"4 Refer to Chapter 1 in this report for a breakd@iithe cost components of the Global Adjustment.

7S See Section 4 of Chapter 3 of the Panel’s Jun8 Rfihitoring Report, available at:
http://www.ontarioenergyboard.ca/oeb/_Documents/MEP Report_May2012-Oct2012 20130621.pdf
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behaviour of Direct Class A consumers in 2013 a&di¥2o assess how an expanded set of Class

A consumers responding to the high-5 incentivdigéty to impact efficiency.

3.2.1 Expansion of High-5 Allocation of Global AdjustmentConsumers with Demand over 3
MW

When the high-5 allocation of the GA was introduge@011 all loads over 5 MW qualified as
Class A consumers, although they had the optidretbilled as Class B consumers. In May
2014 the Provincial government introduced a reguiagxpanding the group of consumers who
can be billed as Class A consumers. To qualif¢lass A these consumers must be among a
specified set of industry classificatidhand have demand of 3 MW or greater. Qualifying
consumers must elect to be billed as Class A imackr of the start of each billing period
(beginning in July of each year). Their sharehef GA will then be determined based on their
consumption during the high-5 hours from May of pinevious year to April 30 of the year in

which they make the election.

In the Panel’s view it is very likely that only th® consumers who are able to reduce their
demand at peak times will choose to be billed @A, and to the extent they are successful in
predicting and reducing consumption on the higlagsdhey will contribute to reducing peak
demand (and shift additional GA costs onto Clags®msumers). Given the size of the financial
incentive to reduce peak demand and GA costs|ikal that some consumers will make
investments that enhance their ability to prednet seduce consumption during the high five

hours.

Given the Panel’s past findings on the high-5 @tmn of the GA, this change could exacerbate
the adverse impact on efficiency the program ceediging peak demand. The Panel previously
found that reductions in consumption in respongéedcigh-5 incentive reduced efficiency by a
larger amount than higher off-peak consumptiondased efficiency. At the time the Panel

recommended that this topic should be studied irerdetail’”

® The industries are the manufacturing, mining, guiag, oil/gas extraction, greenhouse, refrigeratedehousing and data
processing sectors. See Ontario Regulation 126fhénding O. Reg. 429/04.

7 See Section 3.1 of Chapter 3 of the Panel's Séme&014 Monitoring Report, available at:
http://www.ontarioenergyboard.ca/oeb/_Documents/MEP Report_May2012-Oct2012 20130621.pdf
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Prior to the expansion of the ICI to consumers wimand of 3 MW or more, the IESO
completed a stakeholder engagement on changes &dltication of GA cost€ Navigant
Consulting prepared a report for this stakeholdglagement to examine how changes in the
allocation of the GA would affect efficiency, equind fairnes$’ In its report Navigant
concluded that significantly increasing the numtfe€lass A consumers (to all consumers with
demand greater than 50kW) would increase short-&ficiency and would improve equity and
fairness (compared to the then-current high- fil@cation of the GA for consumers with
demand above 5 MW). Navigant’'s position was tlyagkxpanding the number of consumers
who are exposed to the market price of electricitgre efficient consumption decisions would
be made. Several months after the IESO’s stakeheligagement had been completed the
government announced the expansion of the ICI prago consumers with demand exceeding 3
MW.

The first billing period for new Class A consumainidl not begin until July 2015 (based on
consumption from May 1, 2014 to April 30, 2015),igthmeans it is too early for the Panel to
comment on how new Class A consumers will resporttie¢ incentives under the ICI.
However, some observations can be made based oesihense of current Direct Class As in
2013-2014.

3.2.2 Highest Demand Hours of 2013-2014

Table 3-2 shows the top ten demand hours on sepadagts from May 1, 2013 to April 30, 2014.
Consumption during the top five peak hours is useallocate GA charges to Class A consumers
for the period from July 1, 2014 to June 30, 20T&e table also displays the level of the HOEP

in each of the top ten demand hours.

8 For more information see IESO Stakeholder Engagemebpage, available at:
http://www.ieso.ca/Pages/Participate/Stakeholderagrment/SE-106.aspx

® The report is available dittp://www.ieso.ca/documents/consult/se106/sel1d6Ha028-
Global_Adjustment Review_Report.pdf
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Table 3-2: Highest Demand Days
May 2013 — April 2014

(MW & $/MWHh)

Rank Date Hour Ending Ontar(llt\)ml/Dvc)emand ($I-/|l\a\I/EVFI')1)
1 17-Jul-13 17 24,689 169.94
2 16-Jul-13 17 24,008 158.04
3 18-Jul-13 17 24,070 133.82
4 19-Jul-13 14 24,207 41.69
5 15-Jul-13 17 23,595 40.66
6 29-Aug-13 16 22,834 37.71
7 07-Jan-14 19 22,774 278.93
8 22-Jan-14 19 22,737 314.05
9 10-Sep-13 20 22,682 330.05

10 10-Sep-13 16 22,670 142.25

Two features stand out from the information in EaBi2: (i) For the first time since the change
in the allocation of the GA in 2011, two of the tigm demand hours occurred on days in the
winter (January 7 and 22, 2014), and (ii) the hgglpeices (HOEP) do not coincide with the
highest levels of demand, as prices in the siemohighest demand hours were in some cases

well above prices in the five highest demand hours.

The three high-5 hours with prices greater thar0&bibited steeper supply curves, meaning
that demand was sufficiently high that more constimnpyvould have pushed the clearing price
into a more inelastic section of the supply curlZ®mand reductions from Class A consumers
are therefore likely to have reduced prices ortlihee highest demand days (a steeper supply
stack means that small changes in demand candeathtively large changes in price). The
supply stack on the remaining two high-5 days,antast, was relatively flat. In consequence,
the few hundred MWs of demand reductions from Chassnsumers on these days likely did
not affect the HOEP to a significant degree (atineddy flat supply stack means that a large
change in demand creates a relatively small chengece). Overall, the Panel notes that an
incentive to reduce peak demand when supply isivelg plentiful is very likely to reduce
short-term efficiency, as it encourages buyergtiuce demand when suppliers are willing to
produce at a relatively low cost.

The likely effect of the expansion of the high-behtion of the GA to include loads above 3

MW will be to increase the amount of peak reductiohours that are likely to be high-5. One
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consequence of such an uptick in demand reductionsl be that an otherwise high demand
hour exhibits enough demand reduction that it depsof the set of high-5 hours. The more
consumers respond to likely high-5 hours, the greae chance that the large response moves
the hour out of the high-5 category. Currentlydifeerence in demand between the first and the
tenth highest demand hour is over 2000 MWs, witlaarage high-5 hour demand reduction of
just over 600 MWh (compared to the average—seeeTadd). As the total demand reductions
in high-5 hours grows, the possibility of large derd reductions shifting the order of high

demand hours can only increase.
3.2.3 Response to Potential Peak Days in June

An example of demand reductions on days that taterout not to include high-5 hours
occurred over two days in June 2013. The IESOspbst most current high-5 demand hours on
its “Peak-Tracker” websit&® and before the actual high-5 hours for the adjastrperiod were

set in July 2014 both June 24 and 26, 2014 werte@das) the website as days with high-5
demand hours. These two days would later proveéoioclude even the ten highest demand
hours, but on these two days some Class A consumeestheless reduced their consumption in
anticipation that these days may contain the higodrs. Consumption by Direct Class A

consumers on June 24 and 26 is plotted in Figure 3-

8 The IESO Peak-Tracker webpage is availablatgt://www.ieso.ca/Pages/Peak-Tracker-Standalope.as
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Figure 3-1: Direct Class A Average Weekday ConsuimptExcluding Ten Highest Days vs.
Consumption on June 24 and 26
2013-2014
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The red line in Figure 3-1 plots the average conaion by Direct Class A consumers from June
1, 2013 to May 31, 2014, excluding weekends, hgidand the top ten peak demand days. It is
apparent that some Direct Class A consumers reccaeslimption during the afternoon hours
of June 24th and 26th relative to the averagethAse days turned out not to include any of the
high-5 hours, reductions in consumption in respdagbe incentive under the GA allocation
was inefficient in the short term (the HOEP in thésurs was $34 and $42 on June 24th and
26th, respectively). As the number of Class A comsrs grows under the expanded ICI
program, so will the number of participants forgpgonsumption at times that later turn out not
to be among the high-5 hours. When consumershaeniivized to reduce demand when the
cost of production is low, the Panel views thigpsse as inefficient in the short-term, although

not an unexpected consequence of the ICI.
3.2.4 High-5 Response in July

The consumption by Direct Class A’s on the daysmihe high five hours occurred in 2013 is

plotted in Figure 3-2. Consumption by each ClasAsumer during the peak hours on each of
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these days will determine their portion of the Giaiges for the billing period from July 1, 2014
to June 30, 2015. The five days occurred consezytduring one week in July during which
much of southern Ontario was in the midst of a neate. (The red line in Figure 3-2 is the
average consumption by Direct Class A consumerns flone 1, 2013 to May 31, 2014,

excluding weekends and holidays and the top tek gemand days.)

Figure 3-2: Direct Class A Average Weekday ConsuimptExcluding Ten Highest Days vs.
Consumption on High-5 Days

2013-2014
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Table 3-3 presents the data behind Figure 3-2 aavarage basis. The average total demand
reduction compared to the weekday average amoaiusttover 600 MWs in HE 16. The
largest reduction on any single day was approxip&@0 MWs during HE17 on July 15.
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Table 3-3: Direct Class A Average Weekday Consumptxcluding Ten Highest Days vs.
Average Consumption on High-5 Days

2013-2014
(MWh)
Hogr g)iiﬁc::gtiﬁ\rge;%ﬁ d':\;e(r;%?]i L|J-|n|19pr':i-§n Difference
Ending Top Ten Days (MWh) (MWh)
(MWh)

1 1,944 1,938 6
2 1,944 1,899 45
3 1,938 1,902 36
4 1,924 1,880 44
5 1,900 1,859 41
6 1,855 1,818 38
7 1,758 1,655 103
8 1,703 1,678 25
9 1,699 1,690 9
10 1,698 1,646 51
11 1,702 1,536 167
12 1,706 1,417 290
13 1,712 1,290 422
14 1,718 1,233 485
15 1,733 1,153 580
16 1,750 1,131 619
17 1,747 1,139 608
18 1,759 1,213 547
19 1,817 1,314 503
20 1,872 1,562 310
21 1,912 1,698 214
22 1,937 1,819 118
23 1,944 1,871 73
24 1,950 1,901 48

3.2.5 No Demand Reduction on Six to Ten Highest DemangsDa

As shown in Figure 3-3 Direct Class A consumptiothie sixth to tenth highest demand hours
was little changed (compared to the weekday avgrageontrast to the response on the days
which contained the high-5 hours. This lack opmsse suggests that once the high-5 hours had
been set in July Class A consumers did not belieaedemand on the next highest demand days
would reach similar levels, and so chose not tacedheir consumption. (The red line again

represents the Direct Class A consumers’ weekdasage consumption excluding weekends,
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holiday, and the top ten demand days from Jun@13 2o May 31, 2014). As noted earlier, for
the first time since the introduction of the higlaltocation of the GA two out of the ten highest
demand hours occurred in January (in the past aeyears the ten highest demand hours have
all occurred on summer days). Although these wipéaks did not affect Class A consumption,
it is possible that such winter peaks (driven biyesre cold weather and increases in embedded

generation) could enter into the high-5 hours inftiture®!

Figure 3-3: Direct Class A Average Weekday ConsurmptExcluding Ten Highest Days vs.
Consumption on Top 6-10 Highest Demand Days

2013-2014
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3.2.6 Negative Global Adjustment in Early 2014

For the first time since June 2008 the amount efGA charged to loads was negative in March
2014—that is, the GA was a credit to loads (redeChapter 1 of this report for statistics on
monthly GA amounts). As discussed in Chapter thigfreport, high gas prices led to

81 Although the GA allocation factors are determifi@deach Class A consumer based on Ontario demdridh includes
embedded generation, the five peaks are set basA@BW (Allocated Quantity of Energy Withdrawn), iwsh measures
demand on the high-voltage system and does natdagbroduction from embedded generation. The memgadd that is met by
production from embedded generation, the lessyidemand from the high-voltage system (AQEW) ipgak. For this reason
higher production from embedded generation durimgraer will reduce the likelihood of the high-5 hewccurring in the
summer. Similarly, when embedded production is lofdering winter evenings), demand from the higltage system is more
likely to peak. As this report went to press th&£2@015 high-5 days included hours on two daysitudry 2015.
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consistently high HOEPs in the first few month2014. High HOEPSs in turn meant that many
generators earned most or all of the revenue redjtir cover their contracted or regulated rates.
Because the Global Adjustment makes up any difterdretween energy market revenue and the
revenues required by contracted and regulated gemsy higher energy market revenues turned
the GA into a credit to loads in the month of Mareéffectively a rebate for some of the

difference between energy market revenues andaziatt or regulated rates.
3.2.7 Shifting Costs from Class A Consumers to Class Bstmers

Chapter 1 of this report presents the effectivegsripaid by Class A and Class B consumers.
The main reason these prices differ is the regudifferent allocations of the GA to each
consumer group. Because of peak reduction (ameridij load profiles among Class A
consumers), some GA costs that would previousleleeen paid by Class A consumers are now
paid by Class B consumers. In 2013 this amourmteghproximately $519 M in GA costs that
would have been paid by Class A consumers undeslthallocation of the GA but which are

now paid by Class B consumers. Since the changkoation of the GA Class B consumers
have paid over $1.2 billion of GA costs that wohll/e been paid by Class A consumers under
the old allocation of the G& The Panel notes that this is one of the coniwitsuio higher rates

for residential and commercial consumers in Ontario

82$1.2 billion is calculated as the difference betmwehe total amount of the GA that was paid by €gonsumers and the
total GA that would have been paid by Class A carexs if the total GA had been charged on the periMbAkis that was in
place before the introduction of the high-5 allomabf the GA.
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3.3 Export Nodal Price Chasing on Ontario Interties

Ontario is electrically interconnected with two gig#ouring provinces: Québec and Manitoba.
It is also electrically interconnected with thresghbouring states: Minnesota, Michigan and
New York. Ontario imports and exports electriaitigh these jurisdictions through transmission

lines called interties, which connect Ontario’s gowrid to the power grids of its neighbours.

One would expect Ontario to be a net importer iarbavhere the electricity prices in
neighbouring jurisdictions are lower than the eletty price in Ontario. Conversely, one would
expect Ontario to be a net exporter whenever thetridity price in Ontario is lower than the
prices in the neighbouring states and provincess ability to flow power from a low-price
jurisdiction to high-price jurisdictions increasgerall market efficiency. Producers in the
lower-price jurisdictions are able to produce memergy and increase their profits. At the same
time, consumers in the higher-price jurisdictiomngaccess to lower-price power.

There is also an expectation for intertie tradersuty at a low price and sell at a higher price, in
Ontario theory and practice have not always coraergrhe Panel has observed many instances
when an exporter who is able to export power fromta@o and sell it to a neighbouring
jurisdiction for a profit bids in a manner thatuk#s in that transaction not occurring. The reason
for this behaviour is a powerful incentive creabsda type of side-payment called constrained-
off Congestion Management Settlement Credits (“CK)SGimply put, constrained-off CMSC

is a payment made to prospective exporteraiddbuying power from Ontario. Profits

associated with not exporting power are, in masyainces, higher than the profits associated

with actually exporting power.

While intertie traders who are the recipients @i payments are referred to as exporters, their
bids are often crafted in such a manner as to yechn export while at the same time
maximizing constrained-off CMSC payments. The Peafers to this behaviour as “nodal price
chasing”. Simply stated, nodal price chasing ésghibmission of offers or bids at prices that
have the predominant purpose of targeting CMSC pays as opposed to purchasing or selling
power from the Ontario wholesale electricity markéthe opportunity to nodal price chase
presents itself in situations where transmissiamstraints, be they transient or associated with

chronically congested areas, cause a divergeneebptthe uniform Ontario price and nodal
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prices. Nodal price chasing behavior is detrimieiot®©ntario consumers who cover the costs of

the constrained-off CMSC payments through uplitirgfes.

The concept of nodal price chasing is by no meamssaphenomenon. In its January 1999
report, the Market Design Committee (“MDC”), whialas tasked with designing Ontario’s
electricity market, made the following observatibn:there is a particular risk that market
participants outside Ontario could submit phantoraroealistic bids and offers, anticipating
[congestion management settlement credit paymerit&}. This report was published nearly
three and half years before Ontario’s electricigrket opened in May of 2002.

From market opening on May 1, 2002 to April 20D&aters have received $162.9 million in
constrained-off CMSC, which are effectively paynsemtade to exporters for not exporting
power. Over the same period importers were padd3dillion in constrained-off CMSC,

which are effectively payments for natporting power into Ontario. As recently as iesmdary
2014 Monitoring Report, the Panel recommended lingreation of constrained-off CMSC
payments for all intertie transactions. The P#wasl observed that these CMSC payments: (i) do
not provide commensurate value to the marketafg)susceptible to gaming; (iii) increase
consumer uplift charges; and (iv) incent ineffitcibehavio® In response to the Panel’s
recommendation, the IESO observed that constraiffedtertie CMSC payments “continue to
play an important role in the existing Ontario mertructure® The Panel fails to see how this
is the case, and this section provides furthercatn that significant CMSC payments are made
to exporters for no credible reason. Accordinghg, Panel reiterates the recommendation that it
made in January 2014 that the IESO eliminate caimgtd-off CMSC payments for all intertie

transactions.

While the Panel disagrees with the IESO’s assesstinahconstrained-off CMSC payments to
intertie traders play an important role in Ontasialarket structure, the Panel is supportive of the
IESO’s commitment to review the energy market pgcsystem under Stakeholder Engagement

114. According to the IESO this review “could rié$n changes to, or potentially elimination of

83 See pages 3-8 of the Market Design Committee’salgnl 999 Final Report, available at :
http://www.ieso.ca/Documents/mdc/Reports/FinalRégotume-1.pdf

84 See page 128 of the Panels’ January 2014 Monifétiport, available at:
http://www.ontarioenergyboard.ca/oeb/_Documents/MEP Report Nov2012-Apr2013 20140106.pdf

8 Seehttp://www.ontarioenergyboard.ca/oeb/_Documents/NSFO_Reply to OEB_Letter MSP_Report_20140131.pdf
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all CMSC payments® While a broad review of the energy market priciiygtem is certainly
laudable, it is sufficiently distinct from the P#isespecific observations relating to intertie
transactions. The Panel does not believe thatdhgsterm initiative, which may or may not
result in the elimination of all CMSC payments int@rio, should preclude the IESO from
taking immediate steps to eliminate constrained=dffSC payments for all intertie transactions,
noting that in 2014, over $20 million in constralreff CMSC was paid to intertie trades.

The balance of this section provides several dgtakamples of nodal price chasing behaviour,
and includes analysis by the Panel indicating fitmeh January 2013 through April 2014 (“the
Analysis Period”) the IESO overcompensated expstigrapproximately $21.8 million in
constrained-off CMSC.

3.3.1 What is Constrained-Off CMSC?

CMSC payments are a result of Ontario’s decisicadopt a province-wide uniform market
price using a two-schedule system. The two sclkesdalquestion are referred to as the
unconstrained and constrained schedules. The straored schedule assumes no internal
system constraints, and is used to calculate thel{®ntario Energy Price (‘HOEP”). In
Ontario’s uniform market price system, all partamps are settled on the HOEP. The
constrained schedule does account for system eamistand determines the dispatch schedule
for market participants. When these schedulesgé/enarket participants receive a CMSC
payment, the intent of which is to return the mapaaticipant to the operating profit it would
have made according to its unconstrained scheduiese payments can be a result of being
dispatched to a level greater (constrained ongss (constrained off) than the participant’s
unconstrained schedule. In other words, constlaoieCMSC payments are intended to
compensate dispatchable market participants faratezhs in their implied operating profits that
result from responding to system operator instomndito alter their output or consumption in

order to relieve transmission constraifits.

8 |bid

87 For more information see the IESO’s energy mapkieing system review stakeholder engagement wehmagilable at::
http://www.ieso.ca/Pages/Participate/Stakeholderadgrment/SE-114.aspx

8 For more information see Volume 1, Chapter 3, ghgéthe Market Design Committee’s January 199@&FRepot, available
at: http://www.ieso.ca/Documents/mdc/Reports/FinalRégotume-1.pdf
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In the case of intertie traders, constrained-offak CMSC is paid to exporters who are
scheduled in the pre-dispatch (“one hour aheadBr1") unconstrained sequence, but who
are then subsequently not scheduled in the PD-dticoned sequence (the mechanics of this are
explained in Section 3.3.2 below). In effect, eters, whose role as market participants is to
purchase power from Ontario for sale into neighbrgujurisdictions, are able to receive

remuneration for power that they were not ablexjmoet.

The constrained-off CMSC payment is calculatechadifference between the exporter’s bid
price and the HOEP, multiplied by the differencén®en its unconstrained schedule and
constrained schedule quantities. For intertiesiahons, this value is also subject to intertie
congestion, making the calculation; the HOEP +Hitertie congestion price (“ICP”). For
simplicity, the explanatory examples in this regmatve assumed ICP = $0/MWh. As the spread
between the HOEP and the exporter’s bid price as®e so too does the implied operating profit
and the resultant CMSC payment.

Implicit in the IESO’s payment of constrained-offiSC is the assumption that buyers of
Ontario electricity bid for power at their margir@nefit of consumption. It will be shown in
this section that constrained-off export CMSC payta@re seldom paid on this basis.

3.3.2 How Does an Exporter Receive Constrained-Off CMSC?

Understanding constrained-off CMSC payments regyiftiom nodal price chasing requires
some commentary on the mechanics of how exportene o be constrained off in the first
place. Such occurrences are more complicatedftinalomestic resources due to the way in
which intertie transactions are scheduled andeskitl the wholesale market. For this reason,
the Panel provides descriptive examples of thegszag conditions for constrained-off CMSC

payments to arise.
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Consider the following exporter bid and relevant&io prices:

Exporter’s Bid Price = $40/MWh
Exporter’s Bid Quantity = 100 MW
External Jurisdiction Price = $40/MWh
PD-1 Zonal Pric® = $30/MWh

HOEP = $30/MWh

PD-1 Nodal Pric€ = $60/MWh

Where;

PD-1 Zonal Price is the price at which a givenrities scheduled in the unconstrained
sequence. If an exporter’s bid is greater tharPiDel Zonal Price, it will receive an

unconstrained schedule.

HOEP is the uniform market price paid to generaém importers and paid by domestic
wholesale loads and exporters. Importers and esggomay be settled at price that differs from

the HOEP when the intertie becomes congested.

PD-1 Nodal Price is the price at which a givenri¢éas scheduled in the constrained sequence.
If an exporter’s bid is greater than the PD-1 Ndeiate it will receive a constrained schedule. If
its bid is below PD-1 Nodal but above PD-1 Zonad éxporter will be constrained off and

receive a CMSC payment or charge.

8 The pre-dispatch zonal price is equivalent toptreedispatch HOEP plus or minus the intertie cotigesrice at the intertie in
question.

% A nodal price includes the incremental cost ofegation (based on offers and bids) plus the codetivery to
that node (i.e., losses and internal transmissimgestion). Nodal prices in the province can diféertwo reasons:
losses and transmission congestion or outages, &ins to the physical characteristics of the tmaission system,
energy is lost as it is transmitted from generatoisads. Additional generation must be dispatdoegiovide
energy in excess of that consumed by the load.riég¢mnsmission congestion prevents lower costigdion from
supplying the load; higher cost generation mudibpatched in its place.
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How Exports are Scheduled in the IESO-Administered Energy Market:

In Ontario, because of the time required to coatdinntertie transactions between the IESO and
neighbouring jurisdictions, exports are scheduleel loour in*advance of the dispatch hour. If an exps
bid price is greater than the pre-dispatch marleztring price it receives a pre-dispatch unconstrained
schedule.

So long as the exporter’s bid price is also grethtzn the pre-dispatch nodal pﬁcmi the specific intertie,
the exporter also receives a pre-dispatch constiaohedule. The IESO control room will confirm the
flow of all energy in the constrained schedule wiith relevant neighbouring jurisdiction.

In real-time, the exporter is charged for purchgsire amount of power it was scheduled to export
according to its pre-dispatch constrained schedule price that the exporter pays for the powemisal
to the HOEP plus congestion and any applicablest&retion costs. The exporter would have a
corresponding import in the external jurisdictiand would be paid the external price for the dejivaf
the energy.

*
The IESO schedules intertie transactions basetepre-dispatch zonal price for each particulaariig. Zonal

prices will vary from the pre-dispatch market ciegrprice only due to congestion at any particuléertie.

+
If PD-1 Zonal price at the intertie differs frometPD-1 HOEP for the province as a whole, that difiee, called the

intertie congestion price (ICP) is added to pria@by the exporter such that the exporter pays FHOEP. ICP can
be positive or negative.

In this particular case, the exporter has bid@i@e of $40/MWh, which is equal to the price it
is able to sell power in the external jurisdictiobhe exporter’s bid is economic in the
unconstrained pre-dispatch sequence since itsrlmd pf $40/MWh is greater than the PD-1
Zonal price of $30/MWh. However, in the constraimee-dispatch sequence, its bid is not
economic, as the PD-1 Nodal price at the intestigreater than the exporter’s bid price
($60>$40)>* This situation results in the exporter being ¢a@ised off and receiving a
constrained-off export CMSC payment of (bid pricd©EP) * (unconstrained schedule —
constrained schedule), or numerically, ($40/MWIBe/MWh) * (100 MW - 0 MW) = $1,000.

The intent of CMSC is to return market participaiotshe level of operating profit they would
have realized had the transaction not been consttain or off> Additionally, Appendix 7.5,
Section 2.3.10f the Market Rules, which describesaptimization objective of the dispatch
scheduling process, states that, “...offer priced fleaassumed to represent the actual costs of

%1 To be scheduled to actually export power in thengple above, the exporter’s bid price would haveded to be $60/MWh or
higher.

92 See Chapter 9, Section 3.5 of the Market Rulesijable at:
http://www.ieso.ca/imoweb/pubs/marketRules/mr_mtiRkées.pdf
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suppliers and bid prices shall be assumed to reptéise actual benefits of consumption by
dispatchable load facilities.” While the marketergjuoted here does not explicitly mention
exporters, other sections of the Market Rules, siscthat discussing hourly CMSC
settlement$? group together the bids of dispatchable loadsexparters. The Panel considers
that, similar to other dispatchable resourceshéndalculation of CMSC exporters’ bids are

assumed to represent their marginal benefit.

Under the Market Rules governing CMSC paymentsdciagges, the determination of a
constrained-off export’s foregone operating prisfihot based on the sale price in the external
jurisdiction that the intertie trader would havee®wed had the export actually flowed. Instead,
the Market Rules require the IESO to assume therées bid price is reflective of the marginal
benefit of the power to the exporter and therefepresentative of its operating profit. If an
export is constrained off, the Market Rules reqtheeIESO to determine that the trade would
have been profitable whenever the HOEP in the ésfitiour turns out to be lower than

exporter’s bid price.

That the CMSC formula ignores the actual operagpirtdit that an export would have generated
had it not been constrained off has important iogtions for the nodal price chasing behavior
described in this section. Figure 3-4 illustratesmple example of constrained-off export
CMSC.

% See Chapter 9, Section 3.5.6A.1, availablé&t://www.ieso.ca/imoweb/pubs/marketRules/mr_m#Rkiées.pdf
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Figure 3-4: Example of CMSC Calculation

60 p= == = = —— = = - - - - - Nodal Price
SAD [ o s s e Bid Price
G300 el i Al o i HOEP

$0

| Bid < Nodal Price;
D CMSC Payment=S$10/MWh | therefore constrained-off

As a rule, constrained-off export CMSC is paidxparters when two conditions are met:

1. PD-1 Zonal price 8id price < PD-1 Nodal price
2. HOEP < Bid pric&*

The CMSC calculation example above is based oagkemption that the exporter's $40/MWh
bid accurately represents the marginal benefitttteexporter places on purchasing Ontario
power. If an exporter is able to purchase powerlatver price than $40/MWh, it stands to
profit and it would be unwilling to purchase povetrany price higher than $40/MWh as that
would result in a financial loss. Constrained©MSC is meant to return the exporter to the
level of operating profit it would have receiveddhiabeen permitted to follow its unconstrained
schedul€?

3.3.3 CMSC Charges

Constrained-off export CMSC to exporters will nbtays be payments. They can be, and

occasionally are, charges.

% Intertie transactions are scheduled on the b&$©el prices, but are settled on the HOEP.
% See Chapter 9, Section 3.5.1 of the Market Ralesijable at:
http://www.ieso.ca/imoweb/pubs/marketRules/mr_mtiRkées.pdf
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Consider the following exporter bid and relevant&io prices:

Bid Price = $40/MWh

Bid Quantity = 100 MW

External Jurisdiction Price = $40/MWh
PD-1 Zonal Price = $30/MWh

HOEP = $50/MWh

PD-1 Nodal Price = $60/MWh

As in the example presented in Section 3.3.2, Xiperer’s bid is economic in the unconstrained
pre-dispatch sequence and is uneconomic in thereamsd pre-dispatch sequence.

The important distinction in this example is théueaof the HOEP. During the hour that elapses
between PD-1 and real-time, prices in Ontario hi&sen from $30/MWh to $50/MWh. The
calculation for CMSC remains the same; howeverHB&P settles at a price greater than what
the exporter indicated it was willing to pay foetphower. In being constrained off the exporter
has avoided purchasing the power at a price gréaaerits bid price. In this example, the
CMSC calculation results in a negative amount,rretig the exporter to the apparent financial
loss, based on its bid price and the HOEP, it whialee incurred had it been permitted to follow

its unconstrained schedule.
($40/MWh - $50/MWh) * (100 MW - 0 MW) = ($1,000)

During the Analysis Period there was a total of.81fillion in constrained-off export CMSC
charges, compared to $42.0 million in constrainfdport CMSC payments resulting in a net

payment of $31.6 million.
3.3.4 CMSC Payments to Intertie Transactions

During the Analysis Period, $31.6 milliffrof constrained-off export CMSC was paid to interti
traders. Total CMSC payments made at intertie;iguhe same period totalled $45.4 million.

This means that payments to constrained-off expepgesented nearly 70% of all CMSC

% This value includes approximately $3.5 millioncionstrained-off export CMSC that was due to manaatrol room actions
(TLRI) not PD-1 nodal prices.
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payments at interties during that period. Table@ovides a breakdown of CMSC paid, by

type, at each of Ontario’s interties.

Table 3-4: Net CMSC Payments for Intertie Transamtis
January 2013 — April 2014

($ millions)

Interface Constrained-Off | Constrained-On | Constrained-Off | Constrained-On
Exports Exports Imports Imports
Michigan (Ludington) 0.44 0.11 0.05 0.34
Michigan (Calvert CIliff) 6.97 (0.10) (0.05) 1.49
New York 11.47 0.12 (0.21) 1.99
Minnesota 4.29 2.11 0.12 0.89
Manitoba 2.74 4.58 0 0.08
Québec 5.67 (0.08) 0.24 2.11
Total 31.58 6.74 0.15 6.91

Table 3-5 shows the annual amount of total consthff intertie CMSC payments since

January 2004.
Table 3-5: Net Constrained-Off CMSC Payments
January 2004 — April 2014
($ millions)
Year Imports Exports Total
2004 (0.8) 15.4 14.6
2005 16.9 26.4 43.3
2006 7.2 15.4 22.6
2007 12.3 14.7 27.0
2008 32.0 19.1 51.1
2009 16.1 20.1 36.2
2010 13.0 7.9 20.9
2011 9.9 7.1 17.0
20127 6.5 5.9 12.4
2013 0.8 19.3 20.1
2014 thru April (0.7) 12.3 11.6
Total 113.2 163.6 276.8

%7 1n October 2012, the IESO implemented a market chiange that eliminated constrained-off CMSC pays® market
participants offering to import energy into a “dgsated chronically congested area” (currently, &y Ontario), if the import
transaction was constrained off in the final prepdich run. This effectively eliminated constrdiodf import CMSC payments
in the NW region of Ontario.
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Since January 1, 2004 a total of $163.6 million liesn paid to intertie traders for not exporting

power from Ontario.
3.3.5 Incentives Resulting from Constrained-Off Export S®!

This section analyzes the incentives that resothfthe two-schedule system and how the
associated CMSC payments can distort bidding behavilt will be shown that, due to the
incentive of constrained-off CMSC, in each situatibe intertie trader is better off chasing the
nodal price as opposed to bidding at the expeatied m the external jurisdiction or bidding as a
price taker® This is not to say that the exporter must or sthehlase the nodal price, only that it
would find it profitable to do so. What may be fitable for an intertie trader may not be
beneficial to Ontario as an exporter could bidxpat energy from high price Ontario to the
lower price external jurisdiction confident thaétexport will be constrained off and the import
leg of the transaction in the external jurisdictimil never be consummated. Even were it the
case that the transaction was in the directiowfprice to high price, it is unnecessary to have
Ontario consumers pay for a constrained-off exgy@t was bid with the intention of never
flowing. Ultimately, constrained-off CMSC inducdistortive bidding on the interties which in
turn distort market outcomes away from the competibutcome where exporters bid their

expected marginal benefit.

The incentive of CMSC on bidding behaviour canllhstrated with two examples, first, a
hypothetically profitable transactionthoutthe CMSC incentive (Example A), and second, the

same hypothetically profitable transaction examwvétl the CMSC incentive (Example B).

Example A:

PD-1 Zonal Price = $30/MWh

HOEP = $30/MWh

PD-1 Nodal Price = $60/MWh

Price in External Jurisdiction= $40/MWh

% For the purposes of this report, price taker hidgsassumed to be $2,000/MWh. Price taker bidsrerikat, in nearly all
circumstances, the export is economic in the camsd schedule
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Example A uses the assumption that CMSC payment®tlexist. In this example the market
participant has a clear economic incentive to tiahand capture the $10/MWh profit
opportunity between jurisdictions. In this sitaatian exporter would be prepared to bid at a
price that is equal to the external jurisdictiasd any transaction costs (“TC?i.e. the
exporter’'s marginal benefit. However, biddingla price in the external jurisdiction results in
the export being constrained off because the bak s less than the PD-1 nodal price.

Numerically:
Trade Profit = External Price — HOEP — TC =-$40—80—3$5 = $0/MWh (constrained off)

The exporter may choose to bid at a price highem the expected PD-1 nodal price at the

interface, which is required in order to be schedub flow and capture the profit opportunity.

If the participant wishes to capture the $10/MWafpiopportunity, it could bid above the
expected PD-1 nodal price. The expected tradetimpthe market participant in this scenario is

$10/MWh minus transaction costs. Numerically:
Trade Profit = External Price — HOEP — TC = $40 — 30 — $5 = +$5/MWh

At no bid price above the external price and betloevPD-1 nodal price does the exporter have
any greater profit opportunity. Any bid price hig range ($40/MWh to $59/MWh) will result
in the export not flowing. As shown in Example &dw, this is not the case once the CMSC

incentive is introduced.

Bidding above the PD-1 nodal price, and theref@iadpscheduled to export, is a transaction
with risk. It may be the case that, in real-tiies HOEP may climb to a price greater than the
external price, say, $60/MWh. The exporter mushthay $60/MWh for Ontario power, and
sell it to the external jurisdiction at $40/MWh famet loss of $20/MWh plus transaction costs.
In this situation the exporter would have beendreitf bidding at the external price and being
constrained off with a trade profit of $0/MWh. Aditertie transactions are subject to the risk

that price may rise between pre-dispatch and nened-t

9 This report assumes total transaction costs dfi$84, which is assumed to be inclusive of externmh$mission reservation,
uplift costs and the Ontario export tariff.
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Example B:

Let's examine the same scenario, this time introduthe incentive of constrained-off export
CMSC. The same $10/MWh profit opportunity betwg@eisdictions still exists. The exporter
may again choose to bid at a price greater thard RDdal price in order to be scheduled to
export in order to capture the trade profit of $49/h less transaction costs. The exporter may
also still choose to bid at the external jurisdiotprice, $40/MWh, which results in the exporter

being constrained-off and receiving CMSC. Numéijca
CMSC Profit = Bid Price — HOEP - TC = $40 — $30 - &= +$10/MWh (from CMSC)

The exporter may instead choose to chase the podal As discussed in the introduction to
this section, ‘nodal price chasing’ is the placetwdroffers or bids at prices that appear to have
a predominant purpose of targeting CMSC paymestepposed to purchasing or selling power

from or to Ontario. Figure 3-5 illuminates the C®l&centive.

Figure 3-5: The Nodal Price Chasing Incentive

T S e T e e L e Nodal Price
B5G [ mm e Bid Price
340 b e e e et i s - == =1 External Price
§30 P L HOEP

$0

Bid price is close to, but beneath nodal
D CMSC Payment = $29/MWh | price, resulting in near maximum
CMSC. This is nodal price chasing.

In this example, the exporter can substantiallyaase its expected profits from either of the
above bidding scenarios by using a bid price wisatlose to, but beneath the nodal price, for
example, $59/MWh. Assuming, as in Example A abaveeal-time the HOEP is in fact
$30/MWh, the constrained-off CMSC calculation witw provide the exporter with a
$29/MWh payment without the additional burden ahsaction costs. This is behaviour the

Panel considers nodal price chasing. Numerically:
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CMSC Profit = Bid Price — HOEP - TC = $59 — $30 - &= +$29/MWh (from CMSC)

Where as in Example A the exporter had no incerttu&d in the range between the external
price and the nodal price, the incentive of CMSE€ haw made the participant better off by
chasing the nodal price with a bid price in thisga.

Additionally, the exporter is better off chasing thodal price even when price rises in real-time.
If the HOEP increases to $60/MWh and the exporsranbid price of $59/MWh it will now

incur a CMSC charge of only $1/MWh, compared ttharge of $20/MWh with a bid at the
external jurisdiction price of $40/MWh or a loss&#0/MWh plus transaction costs with a bid

price above PD-1 nodal price.

The constrained-off export CMSC incentive provitles exporter with greater profits (Example
B > Example A, $29/MWh > $5/MWh) than the markettjggpant could have achieved by
actually exporting power. The market participaas kery little incentive to bid at its marginal
benefit of consumption (the price it is able td aeéin the external jurisdiction) as chasing the

nodal price provides it with significantly greaf@ofit opportunities.

Constrained-off export nodal price chasing tendscimur once nodal prices rise above the price
in the external jurisdiction (minus transactiontsp&™® This boundary marks the point when the
opportunity presented by the constrained-off ex@WSC incentive is greater than the

opportunity available to exporters by actually tregdpower.

Example C:
This example highlights a more extreme possibilibich can, and has, resulted as a
consequence of the constrained-off export CMSCnitiee. Consider the following exporter bid

and relevant prices:

PD-1 Zonal Price = $100/MWh

HOEP = $100/MWh

PD-1 Nodal Price = $700/MWh

Bid Price = $650/MWh

External Jurisdiction Price = $50/MWh

190 Traders are also most likely to chase the nodeéprhen they can accurately predict what PD-1 hpdee will be.
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CMSC Profit = Bid Price — HOEP - TC= $650 — $100 $0 = +$550/MWh

Here, there is in fact no profitable trading oppaity, as the price in the external jurisdiction
($50/MWh) is significantly lower than the price@ntario ($100/MWh). However, there exists

a strong incentive for nodal price chasing. Thtisagion is depicted in Figure 3-6.

Figure 3-6: Nodal Price Chasing - Under Uneconomigading Conditions

$700 —— —— —— — Nodal Price
$650 Bid Price

HOEP = External Price. This
is an uneconomic export.

Bid price is close to, but
beneath nodal price, resulting
in near maximum CMSC.
This is nodal price chasing.

$100 HOEP
$50 = = = = = o = = e = = ] External Price
$0

| CMSC Payment= $550/MWh

By placing its bid slightly below the intertie ndgaice, resulting in the bid being constrained
off, the exporter stands to colleg350/MWh ($650 - $100) in constrained-off CMSC. This is in
obvious contrast with an expectedsof $55/MWh an intertie trader would incur from aally
exporting power. Assuming that the transaction s@meduled for 100 MW, this example would
see the ratepayers of Ontario pay the exporte0$93p not purchase power for export from

Ontario.

Instead of bidding to trade power, bids such asehdescribed in Examples B and C appear to
target uplift payments and would constitute nodalepchasing. The following section will

highlight and illustrate some actual examples o donduct.
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3.3.6 Nodal Price Chasing — Examples 1-2

So far this section has used hypotheticals to destne mechanics and incentives behind nodal
price chasing. The following examples are intenideclarify for the reader what constitutes this
conduct in practice. For these examples, thetiea-external price and the HOEP are used as
proxies for the prices available to market paraacigs prior to the closure of the mandatory
window (i.e. before the two hour ahead pre-dispatich‘PD-2"). The Panel understands that
participants do not know the actual real-time wicethe external jurisdiction or in Ontario at
the time when they must submit their bids to th8TE

The examples below depict trading behaviour byoteritraders. While the situations described
below offer useful examples of nodal price chasihg,chosen set of instances is by no means an
exhaustive representation of nodal price chasimgaeur observed throughout the Analysis
Period.

3.3.6.1 Example 1: October 25, 2013, Minnesota Intertie

Figure 3-7, shows Trader A’s bids on October 23,32@t the Minnesota intertie. A proxy for
an exporter’'s marginal benefit of consumption s thal-time price in the external jurisdiction
minus transaction costs. This is the price at Wiie market participant is able to sell power in
Minnesota. From Figure 3-7 it can be seen thatl@iréd’s bid prices do not appear to correlate

with the price in the external jurisdiction.
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Figure 3-7: Example 1, Bids by Trader A at the Miesota Intertie
October 25, 2013
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Items of interest in Figure 3-7 include the rapgiin bid prices used by Trader A from HE 6 to

HE 8 and the precipitous decline in bid price frelid 19 to HE 24, neither of which are

seemingly related to the price in the externabpigtion. Also, it is counterintuitive that Trader

A would consistently bid to purchase power from HE HE 18 when the purchase price, the

HOEP, is greater than the possible sale pricedre#tternal jurisdiction. Figure 3-8 will help to

explain the situation, as an extremely importaateiof information is added to the picture; pre-

dispatch Nodal prices.
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Pre-Dispatch Nodal Prices

In the IESO-administered markets all market pgoéints, including intertie transactions, must hénesrt
bids/offers submitted to the IESO prior to the igf a mandatory window, which occurs two hours
before real-time.

For example, if an exporter wishes to purchase pdeveexport in HE 12 (the hour running from 11:AM
to 11:59 AM), that exporter must have its bids sittad to the IESO no later than the start of HEA!O,
8:59.

Each hour, the IESO publishes projected nodal prficeany given hour. These publications occur anols
of a day in advance of real-time. The IESO is,ffaa, foreshadowing where the nodal price is kil
settle. Given the deadline to insert bids and sfftre final piece of information available to expos
regarding Ontario market prices, for any givenimgcour, is the three hour ahead pre-dispatch3PD-
Zonal and Nodal prices. In the simple examplewelbcan be seen that for HE 12, market participaee
a change in PD-3 Nodal price prior to the closthefmandatory window for trading for HE 12. Ndtattin
addition to PD-3 for HE 12, participants also gaiformation on the PD-2 Nodal prices for HE 11 &io-1
Nodal price for HE 10. This will become importamiater examples.
Intertie Nodal Prices
PD-3 PD-2 PD-1
HE 10 $20 $20 $20
HE 11 $20 $20
HE 12 $100
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Figure 3-8: Example 1, Bids by Trader A at the Miesota Intertie
with the PD-3 Nodal Price
October 25, 2013
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Figure 3-8 above helps to clarify Trader A’s seaghimandomly priced bids. The green line in
Figure 3-8 represents the PD-3 nodal price, wiadhe final PD nodal price that intertie traders
have access to before their bids/offers must bengtdal to the IESO. As articulated in
Examples A-C above regarding the incentives to&ltias nodal price, when the nodal price is
greater than the external price, there existsomgtincentive for market participants to bid close
to, but beneath, pre-dispatch nodal prices. Reaialé which are above the pre-dispatch nodal
price will actually export power and the intertiader will realize the profit or loss from the
price differential in the direction of the transant Also, actual exports of power are subject to

transaction costs from Ontario while constrainddrahsactions are not.

From Figure 3-8 it can be seen that Trader A’s hidse placed close to, but beneath the PD-3
nodal price and thus nearly maximize the exportaastrained-off export CMSC payments.

Table 3-6 provides a summary of the relevant datgéhis example.
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Table 3-6: Example 1, Relevant Data from the Tradiof Trader A at the Minnesota Intertie
October 25, 2013
(MW, %, $)

Total Unconstrained Schedule 1,180 MW
Total Constrained Schedule 193 MW

% of Schedule Constrained Off 84%

Constrained-Off Export CMSC $23,043

Unconstrained Schedule Purchd®es $34,241

Schedules

Profit(Loss) if Trade Occurs (External

Sales — Ontario Purchases — €) ($6,690)
PO (PS5 Constrained Schedule Purchd§&s $4,332

Profit(Loss) When Constrained Off
(External Sale’S*— Domestic Purchase + ($404) + $23,043 $22,639
TC + CMSC)

Correlation Coefficient (Average vs. External Jurisdiction Price
Weighted Bid Price vs...) vs. PD-3 Nodal Price

Trader A’s bids are nearly perfectly correlatedwRtD-3 nodal prices; a correlation coefficient
of 0.99. This suggests that its bids were intertdgdrget CMSC payments by consistently
offering marginally below the nodal price.

According to its unconstrained schedule, Traderculd have purchased $34,241 worth of
power from Ontario. However, as a result of itasteained schedule, Trader A actually
purchased $4,33% worth of power for export which it sold in the extal jurisdiction resulting
in a loss of $404.

On this day, Trader A received $23,043 in conse@ioff export CMSC at the Minnesota
intertie, representing only the 3@ighest grossing constrained-off export CMSC dayTrader
A at the Minnesota intertie over the Analysis Périd@his payment was for power that it was not

able to export and, apparently, did not intendurchase.

Since Trader A in the example above earned roup@iBy000 in constrained-off export CMSC

for not exporting power, one would expect to fihdttit could have earned a profit of at least

101 These are purchases that the exporter was scldemuieake, based on the pre-dispatch unconstraicteetiule.

1921 this report, all sale prices in external jutisibns are converted from USD to CAD using the BahCanada U.S. Dollar
Noon conversion rate.

193 These are purchases that the exporter actuallg.mad

1% This value refers to the profit (loss) as a resfifiower sales from the constrained schedule.

195 This value includes the $2/MWh Ontario exportftari
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that much by exporting to the external jurisdictiorhat result would be consistent with Trader
A’s bids reflecting its marginal benefit. In aclityg had Trader A sold its entire unconstrained
schedule into the external jurisdiction, it stoodose $6,69Mecausehe Ontario price (the

HOEP) regularly exceeded the price in the extguradiction

To recap, it appears that Trader A’s bids weregqaagith the predominant purpose of being
constrained off. This results graphically from dig 3-8, and numerically through the
correlation coefficients in Table 3-6. The vasjangy (84%) of the participant’s unconstrained
schedule was constrained off, resulting in theigaent not exporting power, instead the
ratepayers of Ontario paid the participant $23 @&nstrained-off CMSC to not purchase
power for export from Ontario. Had the participantually sold the power it bid for in the
external jurisdiction, it would have suffered ad@s the transaction. This scenario is neither
special nor uncommon and is in fact the leastisgikxample of nodal price chasing discussed

in this report.
3.3.6.2 Example 2: June 3, 2013, Minnesota Intertie

The next example resulted in the largest constdaofeexport CMSC payments received by
Trader A at the Minnesota intertie during the AsayPeriod.

Figure 3-9, shows Trader A’s bids on June 3, 2Q1BeaMinnesota intertie. Similarly to the
trading pattern in the Example 1, Trader A’s bictgs do not appear correlated with the price in
the external jurisdiction; instead, they tightlyiéav the PD-3 nodal price at the Minnesota
intertie. Again, the actual real-time price in #hdernal jurisdiction (minus transaction costs) is
treated as the best proxy for an exporter’'s matdpeaefit of consumption. This is the price at
which the market participant is able to sell poexported from Ontario. Once again, the
incentives provided by the CMSC regime have distbthe market participant’'s perception of
its own marginal benefit for the transaction. dids do not correlate with the marginal benefit of
actually trading power; instead it appears to hditrg with the intention of obtaining
constrained-off CMSC.
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Figure 3-9: Example 2, Bids by Trader A
at the Minnesota Intertie with PD-3 Nodal Price

June 3, 2013
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Trader A’s bids have again been placed close tohéneath the PD-3 nodal price. As
previously described, such bids can result in meaximum constrained-off CMSC payments.
From HE 12 to HE 24 the nodal price chasing in &xample is striking: Trader A lowers its bid
price in HE 18 as PD-3 prices momentarily decrdama $100/MWh to just above $40/MWh

and then increase once again to over $140/MWh fi&19 to HE 22. As illustrated by the
opening examples regarding incentives, nodal miaesing tends to occur once nodal prices rise
above the price in the external jurisdiction (mitr@nsaction costs). Table 3-7 provides a

summary of the data for Example 2.
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Table 3-7: Example 2, Relevant Data from the Tradiof Trader A at the Minnesota Intertie
June 3, 2013
(MW, %, $)

Total Unconstrained Schedule 1,888 MW
Total Constrained Schedule 366 MW
% of Schedule Constrained Off 81%
Constrained-Off Export CMSC $114,130
Unconstrained Schedule Purchases $37,657

Profit(Loss) if Trade Occurs (ExternzLI
Sales — Ontario Purchases — TC) ($17.101)

Profit (Loss) Constrained Schedule Purchases $1,424

Profit(Loss) When Constrained Off
(External Sales — Domestic Purchase — $4,02& + $114,130=$118,158
TC + CMSC)

Correlation Coefficient (Average vs. External Jurisdiction Price
Weighted Bid Price vs...) vs. PD-3 Nodal Price

* External sales from the constrained scheduleltesin a profit; however, the sales from the uratcained
schedule would have resulted in a loss.

Schedules

Trader A’s bids on this day are not correlated whig price in the external jurisdiction.
Similarly to the previous example, Trader A’s bids/e a very high correlation with PD-3 nodal
prices’®® Absent the incentive of constrained-off CMSC pamts, there is no apparent
rationale for this trading behaviour; with the CM8Centive, it is clear the rationale is nodal

price chasing and the targeting of constrained=dffSC payments.

By targeting constrained-off export CMSC througldalgprice chasing, Trader A’s actions
resulted in a further distortion to the marketader A’s phantom lodd’ was used in the
unconstrained schedule, therefore putting upwagdgure on real-time prices (the HOEP).
However, as Trader A’s exports were constrainegdtb# IESO has to constrain off a
corresponding amount of supply. Each time thisasibn arises the result will be constrained-off
CMSC paid to generators or importers. In summargder A’s phantom load resulted in
constrained-off export CMSC payments to Trader Anfat exporting poweand also
constrained-off CMSC payments to Ontario suppligenerators or imports) for not supplying

Trader A’s phantom load.

1% This does not include the PD-3 nodal price of 7$6,91/MWh in HE 9

197 phantom load refers to market demand which isepitéa the unconstrained schedule, therefore dmrttrig to higher prices,
but which is then subsequently constrained ofhimreal-time constrained sequence. Bids by exygontkich appear to be
predominantly for the purpose of obtained conse@ioff CMSC payments therefore have an inflatioredfgct on the HOEP.
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According to its unconstrained schedule, Traderas wcheduled to purchase $37,657 worth of
power from Ontario. However, as a result of itasteained schedule, Trader A only actually

purchased $1,43% worth of power.

On this day, Trader A received $114,130 in conse@ioff export CMSC at the Minnesota
intertie. Had Trader A purchased its entire untramsed schedule for sale in the external

jurisdiction, it would have incurred a loss of $l{7.
3.3.7 Examples3 &4

The next two examples of nodal price chasing beha\are the most extreme examples of this
type of conduct described in this report basechoeet factors: the uneconomic nature of the
trading, the magnitude and timing of the particigahid prices and the effectiveness of the

strategy in terms of the amount of the CMSC paymient

Example 3 occurred at the Minnesota intertie oudan7, 2014. On this day the Minnesota
intertie nodal price spiked to $2,715/MWh in HEd@&] remained at over $1,700/MWh until HE

23. Two market participants, Trader B and Tradew€re quick to take advantage.

Before examining the trading behaviour for Exantylan interesting point to note is that PD-3
nodal prices, in this case, did not ever increasmywhere close to $2,000/MWH. In the
previous examples, the Panel has relied on thefuBB®-3 nodal prices to illustrate nodal price
chasing. This is not the case in every instartalier, the Panel described the information
available to exporters prior to the closing of thendatory window for intertie transactions. In
general, PD-3 prices are the final piece of infdiomathat a market participant has for a given
trading hour. However, participants are also mediwith PD-2 and PD-1 price information for
the hourgreviousto the trading hour in question. Again, the uka simple example is

illustrative:

198 This value includes the $2/MWh Ontario exportftari
199 Maximum PD-3 nodal price at Minnesota on this deg $201.22/MWh in HE 22.
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Intertie Nodal Prices (A)

PD-3 PD-2 PD-1
HE 18 $20 $20 $20
HE 19 $20  $500
HE 20 $20

Example A above shows a sudden change in PD-2 podal for HE 19, before any change is
recognized in the PD-3 nodal price for HE 20. kuwle®?D-3 prices may not ever increase.

Another example is again helpful:

Intertie Nodal Prices (B)

PD-3 PD-2 PD-1
HE 18 $20 $20 $20
HE 19 $20 $500 $500
HE 20 $20 $500
HE 21 $20

In Example B, PD-3 nodal prices do not rise in bayr, however, PD-1 for HE 19 and PD-2 for
HE 20 have increased to $500/MWh. This is powerfidrmation and drives the situation
observed in Example 3 as it appears that both mpeté&cipants were using the previous hour’s

PD-2 nodal price when determining where and whepldce their bids.
3.3.7.1 Example 3, January 7, 2014, Minnesota Intertie

Figure 3-10 shows the weighted average bid price$ifader B and Trader C on January 7, 2014

as well as external price and PD-2 (previous hoadal price.
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Figure 3-10: Example 3, Bids by Trader B and Trad€rat the Minnesota Intertie with PD-2
(previous hour) Nodal Price
January 7, 2014
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Of particular interest from Figure 3-10 is the exte increase in bid prices exhibited by both
Trader B and Trader C in HE 20. Interestingly,deaB had actually stopped trading at the
Minnesota intertie for HE 18 and 19. When Tradee®irned to the market in HE 20, its bid
was placed at $1,999/MWh, marginally below the mmaxin allowable bid price $2,000/MWh.
Trader B continued to bid at very high prices fd& Bil to HE 23, reducing its bid price only
once the PD-2 price for HE 22 showed nodal priedisfj from $1,950 to $151/MWh. Trader C
followed a more cautious approach, increasingidghice from $838/MWh in HE 20 to $1,350
in HE 23. Of course neither Trader B’s or Tradé& [iids actually reflected their respective
marginal benefit of consumption at the Minnesotarire. Instead, the participant’s high bid
prices depict nodal price chasing behaviour forhigose of obtaining large constrained-off

CMSC payments.
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Table 3-8: Example 3, Relevant Data from the Tradinf Trader B and Trader C at the
Minnesota Intertie
January 7, 2014
(MW, %, $)

Total Unconstrained Schedule 655 MW
Total Constrained Schedule 433 MW

% of Schedule Constrained Off 34%

Constrained-Off Export CMSC $152,899

Unconstrained Schedule Purchases $100,459

Schedules

Profit(Loss) if Trade Occurs (External Sales —
Ontario Purchases — TC) ($34,298)

Profit (Loss)
Constrained Schedule Purchases $63,154

Profit(Loss) When Constrained Off
(External Sales — Domestic Purchase — TC + CMEC) =$133,647

Correlation Coefficient vs. External Jurisdiction Price
(Average Weighted Bid
Price vs...)

vs. PD-2 (previous hour) Nodal Price

Neither Trader B’s nor Trader C’s average weightiedprices on this day are positively
correlated with the price in the external jurisdint However, both participants’ bids are
strongly correlated with PD-2 (of the previous Hauwdal prices as correlation coefficients for

each are at or above 0.90.

On this day, Trader B and Trader C received $15288 $64,069 respectively in constrained-
off CMSC at the Minnesota intertie. These vallgggesented the most constrained-off CMSC
that either participant received in any one dayatMinnesota intertie during the Analysis
Period. Over 90% of the CMSC paid to each of thekatgparticipants in this instance occurred
in three hours: HE 20, HE 21 and HE 22.

According to their unconstrained schedule, Tradan8 Trader C would have purchased
$100,459 and $43,198 of power to export from Oatakowever, following their respective
constrained schedules, Trader B and Trader C b&&h154"° and $24,806 worth of power.

Had Trader B purchased its entire unconstraineddidb for sale to Minnesota, it would have

incurred a loss of $34,298. Instead, throughadtsstrained schedule, its export losses were

110Both unconstrained and constrained values incltiee$2/MWh Ontario export tariff
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$19,252. When the $152,899 in constrained-off expMSC is added to the losses from its
exports, the result is a profit for Trader B of $1&17.

Similarly, Trader C saw its expected profits riseni $15,611 in the unconstrained schedule, to
$61,189 in the constrained schedule, including CMSC

3.3.7.2 Example 4, December 11, 2013, Manitoba Intertie

The final example of nodal price chasing presemdtis section occurred at the Manitoba
intertie on December 11, 2013. The participarguastion is Trader A. The defining feature on
this day was a dramatic increase in nodal pricéiseaManitoba intertie from HE 12 to HE 23
with nodal prices rising to $13,223/MWH. Figure 3-11 shows Trader A’s bids for the

afternoon and evening hours.

Figure 3-11: Example 4, Bids by Trader A at the Miaba Intertie with PD-3 Nodal Price
December 11, 2013
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M1 The nodal price at the Manitoba intertie rosever&13,000/MWh as a result of a binding OperaSegurity Limit (OSL) in
the region which limited the capacity of a critidlV flow gate. From HE 12 to HE 23 export demamd/fanitoba exceeded the
OSL, causing penalty factors to be applied to tlanitbba intertie nodal price calculation, produding anomalously high nodal
price.
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Trader A was not an active participant at the Maatintertie until HE 14, which coincided with
the first time that nodal prices at the Manitobiziitie reached over $13,000/MWh in PD-1 (for
HE 12)'*2 the final run of pre-dispatch and the sequenceliigh intertie transactions are
scheduled. Trader A placed bids for HE 14 to HE&Pfrices that began at $197/MWh,
eventually reaching $987/MWh. Interestingly, ofi2-3 nodal prices fell to $29/MWh in HE
24, Trader A ceased bidding. This conduct corsstblatant nodal price chasing, and is
evidently solely directed at exploiting the IESQvadistered CMSC payment program. Table
3-9 presents important statistics regarding Tradetrading on this day.

Table 3-9: Example 4, Relevant Data from the Tradiof Trader A at the Manitoba Intertie
December 11, 2013
(MW, %, $)

Total Unconstrained Schedule 180 MW
Total Constrained Schedule 0 MW

% of Schedule Constrained Off 100%

Constrained-Off Export CMSC $147,708

Unconstrained Schedule Purchases $6,733

Schedules

Profit(Loss) if Trade Occurs (External Sal

— Ontario Purchases — TC) ($227)
AOECED) Constrained Schedule Purchases $0.00

Profit(Loss) When Constrained Off
(External Sales — Domestic Purchase — TC$0.00 + $147,708& $147,708
+ CMSC)

Correlation Coefficient (Average vs. External Jurisdiction Price
Weighted Bid Price vs...) vs. PD-3 Nodal Price

Trader A was constrained off for 100% of its undoaised schedule, resulting in $147,708 of
constrained-off CMSC payments. Had Trader A abiuedported power according to its
unconstrained schedule, it would have sufferedsa ¢ $227. Had Trader A actually paid the
price in each hour that it suggested it was willing &y,a.e. its bid price, it stood to lose
$147,574.

12 HE 14 was the earliest hour that Trader A coulthsitibids at the Manitoba intertie once it had @wndtion that PD-1 nodal
price at the Manitoba intertie had cleared at &43,000/MWh in HE 12. This is because of the 2rhmandatory window for
intertie scheduling in the IESO-administered mayket

13pp-3 nodal prices never varied while Trader A Wwalling, therefore, this calculation is not avaliéab
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For additional examples of nodal price chasingriythe Analysis Period, see Appendix A of

this report.
3.3.8 CMSC Overcompensation for Constrained-off Exports

The calculation for constrained-off CMSC paymestbased on the assumption that the
bid/offer price used by the market participanteaef$ the marginal benefit/cost of
selling/purchasing power. This assumption is clifii to test in practice as generators and
consumers of electricity have private knowledgéhefr actual marginal cost of production or
marginal benefit of consumption of power. On titleeo hand, there is greater visibility around

the marginal cost and benefit of buying and selfipger for intertie traders.

An exporter’s operating profit is equal to the difnce between the price it buys power in
Ontario (the HOEP plus congestion fees) and thegilieg real-time price it is able to sell

power at in the external jurisdiction, minus trastgan costs. Such prices are public and offer an
objective measure of the marginal benefit of constion for exporters. However, the

calculation used by the IESO for CMSC paid to i¢eiransactions instead uses the participant’s
bid/offer price, not the price in the external gdliction. This allows intertie traders who chase

the nodal price to be paid as bid, or in other wptd ‘name their profit’.

Recall that constrained-off CMSC is intended to pensate market participants for any implied
change in their operating profits as a result Gedences between their unconstrained (market)
and constrained (dispatch) schedules. An expesrieplied operating profits are known and

transparent based on their purchase price andgaleiprice.

As stated in previous reports, the Panel is olvtbe that constrained-off CMSC payments to
intertie traders provide little to no commensunakie. Overcompensating exporters under the
existing CMSC regime is not only unnecessary beomsistent with the existing market design.
Mindful of the intent of CMSC, the Panel has cadted the following:

* The estimated profits which would have been attdanby exporters based on their
unconstrained schedules.
o (External Price — HOEP) * Unconstrained Scheduk(& 3-10, Row D)
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* The estimated profits attained by exporters baseith@r constrained schedules, by
interface.
o (External Price — HOEP) * Constrained Schedulédl(@8-10, Row E)

Therefore, given that the intent of CMSC paymest®icompensate intertie traders for foregone
operating profits, the amount of constrained-off @Mthat would be paid, based on the Market
Rules description of CMSC paymetitsis the difference between the estimated profitmfthe
unconstrained and constrained schedtiitShe Panel has characterized the difference between
the amount of CMSC that would have been paid, hagtmount of CMSC that was paid, as the
‘CMSC overcompensation’. During the Analysis Pdribis amount was $21.8 million. Table

3-10 provides the details of the analysis.

Table 3-10: Estimated Profits from Exports and CMS@/ercompensation
January 2013 — April 2014
(MW, %, $)

[A] U”CO”S(tI(Aaw)ed SChed”'e 279502 | 9421651 8080130 1018845 102,646 22 344,099

[B] Constrained Schedule
(MW)
[C] % of Exports
Constrained Off

132,942 8,689,625 7,377,094 898,78p 49,078 ,367|,68,515,18

52.44 7.77 8.70 0.12 52.18 . 8.19

[D] Estimated Profit(Loss)
[UC] ($MM)
[E] Actual Profit(Loss) [C]
($MM)

[F] Constrained-Off Export
CMSC ($MM)

[G] = [F] - ([DI-[E]) CMSC

Overcompensation ($MM)

As discussed above, the final line of Table 3-1spnts the CMSC overcompensation as $21.8
million during the Analysis Period. The Panel bakulated that had exporters’ constrained-off
CMSC payments been based on the operating prefitwlould have actually achieved by

exporting power from Ontario they would have ree€i$9.8 million in constrained-off CMSC.

114 See Chapter 9, Section 3.5.1 of the Market Ralesijable at:
http://www.ieso.ca/imoweb/pubs/marketRules/mr_mgRlkdes. pdf

15The Panel examined only situations where expowers constrained off.

118 For exports which settle in the provinces of Mabit and Québec, neither of which have wholesal&etsrthe Panel has
assumed a sale price (or opportunity cost) equidledighest price available to Manitoba or Quéheany adjacent external
jurisdiction.
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Also of interest from Table 3-10 is the apparengatignment of trading fundamentals at the
Minnesota intertie during the Analysis Period. €ider the following; 52.4% of all exports
scheduled in the unconstrained sequence at theedata intertie were constrained off, leading
to $4.3 million in constrained-off export CMSC begipaid to market participants.

The estimated profit from unconstrained scheduiéseaMinnesota intertie is actually a loss of
$0.9 million. This means that, as a group, mapieeticipants were willing to trade at a loss
throughout the Analysis Period at the Minnesotartig. Unsurprisingly, participants in fact did
not lose money, as estimated losses at the Minm@stetrtie from the constrained schedule were
only $10,000 and, as mentioned above, exporters paid $4.3 million in constrained-off
CMSC. Given the frequency and volume of constidiok exports at the Minnesota intertie,
and the large amount of CMSC paid in relation ®dhpability of the intertfé’, it is clear that
constrained-off CMSC was the main driver behind titherwise loss incurring trading

behaviour at the Minnesota intertie during the Asesl Period.

Irrespective of the amount of CMSC overcompensatioe mere presence of constrained-off
export CMSC payments is unnecessary, as is paymgriet participant for not purchasing a
product and allowing that participant to ‘namegqitsfit’ through its bidding behaviour in many

circumstances.

Additionally, during the Analysis Period, there watotal of $10.4 million in constrained-off
CMSC charges to exporters. These charges aretiedats levied on would-be exporters of
Ontario power for not being able to export powenirOntario. The Panel is of the opinion that
it is as unnecessary to charge a market participants inability to purchase something, as it is

to remunerate a participant for not purchasing it.

To recap, this section has described the incenbiebsd nodal price chasing, provided
examples of nodal price chasing behaviour, quadtitfhe ‘CMSC overcompensation’ and has
shown that the presence of constrained-off exp®tSC has incentivized trading for a loss at

the Minnesota intertie.

117 The Minnesota intertie has an export capacityséf MW compared to an average export capacity at Nesk of 1,750 MW.
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The Panel notes that settling intertie transactimassed on the intertie nodal price, in effect using
locational marginal pricing for intertie transacts would eliminate the incentive market
participants have to chase the nodal price, asamuaugic intertie transactions would no longer
be constrained off, they would merely go unschetluighe first place. The Panel understands
that through its stakeholder initiative SE-114, lB8O may be looking at alternatives to the
two-schedule system which could include locatianarginal pricing and the Panel is supportive
of those efforts. In the interim the IESO shouwlklet immediate steps to eliminate constrained-
off CMSC payments for all intertie transactions &amel Panel therefore reiterates the

recommendation it made in its January 2014 MonitpReport.

Recommendation 3-1

The Panel recommends that the IESO eliminate coastied-off Congestion Management
Settlement Credit (CMSC) payments for all intertransactions, with due consideration to the
interplay between the elimination of negative CM®@yments and Intertie Offer Guarantee

payments.
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APPENDIX 3A
Additional Nodal Price Chasing Examples

3A.1 Example Al: September 11, 2013, Michigan @aRliff) Intertie

Example Al focusses on behaviour at the Michigaeriie, specifically the Calvert Cliff
interface, which is used to import/export powematn Ontario and Pennsylvania New Jersey
Maryland (“PJM”). The example described below skdrading behaviour by Trader B on
September 11, 2013. This day was characterizedhéljenging conditions in the IESO-
administered market and the IESO-controlled gHilgh Ontario demand resulting from higher
than expected temperatures, and limited importagpan the Québec interface contributed to
real-time prices in excess of $100/MWh during tfieraoon. In total there was $1,178,463 in
CMSC payments made to generators and $1,721,lidkettie transactions, including $907,195
for constrained-off exports®

Figure 3A-1, shows Trader B’s bid behaviour on 8eqiier 11, 2013, at the Michigan (Calvert
Cliff) intertie.

Figure 3A-1: Example Al, Bids by Trader B
at the Michigan (Calvert CIiff) Intertie with PD-3Nodal Price
September 11, 2013
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118 See page 53 of the Panel's September 2014 Mamitéteport, available at:
http://www.ontarioenergyboard.ca/oeb/_Documents/MEP Report_May2013-Oct2013 20140924 pdf
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What is most notable from Figure 3A-1 is the ragudl substantial increase in bid prices
submitted by Trader B from HE 14 to HE 21. TraB&r bids became completely disassociated
from the price in the external jurisdiction and @edo closely track PD-3 nodal price at the
Michigan (Calvert CIiff) intertie. Table 3A-1 prales the important statistics regarding Trader
B’s trading at the Michigan (Calvert CIiff) integtion this day.

Table 3A-1: Example Al, Relevant Data from the Trag of Trader B at the Michigan
(Calvert CIiff) Intertie
September 11, 2013
(MW, %, $)

Total Unconstrained Schedule 2,758 MW
Total Constrained Schedule 1,450 MW

% of Schedule Constrained Off 47%

Constrained-Off Export CMSC $288,743

Unconstrained Schedule Purchase $219,517

Schedules

Profit(Loss) if Trade Occurs (Externa
Sales — Ontario Purchases — TC)

$20,330

Profit (Loss) Constrained Schedule Purchases $81,753

Profit(Loss) When Constrained Off
(External Sales — Domestic Purchase — 1,819* + $288,743= $290,562
TC + CMSC)

Correlation Coefficient vs. External Jurisdiction Price
(Average Weighted Bid Price i
vs...) vs. PD-3 Nodal Price

* External sales from the constrained scheduleltegin a loss; however, the sales from the uncamstd schedule
would have resulted in a profit.

Unlike previous examples, it cannot be stated Tnatler B's bidding behaviour is uncorrelated
with the price in the external jurisdiction. Tradgs bids have a 0.77 correlation coefficient
with the real-time price in the external jurisdactiand a 0.86 correlation coefficient with PD-3
nodal price.

According to its unconstrained schedule, Traderddld have paid $219,517 to purchase power
from Ontario. However, following its constrainethsdule, Trader B was scheduled to purchase
only $81,753worth of exporfs?

119 Both unconstrained and constrained values incltie$2/MWh Ontario export tariff
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Trader B received $288,743 in constrained-off ek@MSC representing the most in
constrained-off export CMSC received by Trader BhatMichigan (Calvert Cliff) intertie over
the Analysis Period.

Also of interest on this day is that Trader B regedi$190,757 in constrained-on import CMSC
payments from HE 16 to HE 20, also at the Michifaalvert Cliff) intertie.

To repeat, on this day Trader B received $288,i4Dnstrained-off export CMSC at the
Michigan (Calvert CIliff) intertie for not purchagjr$137,764 worth of Ontario power. Trader B
earned $270,232 more in net revenue after beingt@ned-off than it could have by actually
exporting power according to its unconstrained dakee Had Trader B actually exported its
entire unconstrained schedule, and sold it in #terpeal jurisdiction, it stood to earn a profit of
$20,330, 7% of what it received in constrained@MSC.

3A.2 Examples A2 — A4

From February 4 to February 8, 2013, Ontario waeeggncing an internal transmission flow
constraint which had the effect of bottling substramounts of supply (imports and

generation) in the Western zone of the provincealtieg in a supply shortage for the load
centres in the eastern zortéS.As a consequence, nodal prices at the New Y cik@uébec
interties increased substantially in relation ® HOEP, resulting in constrained on imports and,
as will discussed, significant payments for consed off exports. In total, from February 4-8,
2013, there was $5.5 million in constrained-off @xgfCMSC paid to market participants ($4.1
million at New York and $1.4 million at Québec)hénext three examples focus on trading that
took place on February 5, 2013 at both the Québhdd\ew York intertie.

3A.2.1 Example A2: February 5, 2013, New York Itier

Figure 3A-2, shows Trader D’s bids on Tuesday, &afyr 5, 2013, at the New York intertie.

120 See pages 115-120 of the Panel’s January 2014tfioj Report, available at;
http://www.ontarioenergyboard.ca/oeb/_Documents/MEP Report Nov2012-Apr2013 20140106.pdf
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Figure 3A-2: Example A2, Bids by Trader D at the WeYork Intertie with PD-3 Nodal Price

February 5, 2013
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Figure 3A-2 has two distinct characteristics: @ fis Trader D’s bid prices in HE 8 and HE 9 and

another rise in bid prices from HE 17 to HE 22.eTinst rise occurs much as one would expect;

as external prices rise, the participant’s bidgsialso rise corresponding to their opportunity for

profit.*** The second rise in prices does not correlatdynaamwvell with the price in the external

jurisdiction, and instead closely follows the pattef PD-3 nodal prices. Trader D’s bids rise

and subsequently fall from HE 17 to HE 22 in tandeith PD-3 nodal prices, and the pattern of

bidding close to, but beneath PD-3 nodal pricemissistent with nodal price chasing. Table

3A-2 provides the important statistics regardingdar D’s trading at the New York intertie on

this day.

21 Trader D’s bid prices also closely track PD-3 fqutizes from HE 8 to 10.
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Table 3A-2: Example A2, Relevant Data from the Tragd of Trader D at the New York
Intertie
February 5, 2013
(MW, %, $)

Total Unconstrained Schedule 1,500 MW
Total Constrained Schedule 330 MW

% of Schedule Constrained Off 78%

Constrained-Off Export CMSC $122,760

Schedules

Unconstrained Schedule Purchase

Profit(Loss) if Trade Occurs (Externa
Sales — Ontario Purchases — TC)

Profit (Loss) Constrained Schedule Purchases $12,792

Profit(Loss) When Constrained Off
(External Sales — Domestic Purchase — $4,247 + $122,766 $127,007
TC + CMSC)

Correlation Coefficient vs. External Jurisdiction Price
(Average Weighted Bid Price .
vs...) vs. PD-3 Nodal Price

Trader D’s [average weighted] bid prices on thig dge not well correlated with the price in the
external jurisdiction. However, Trader D’s bidg atrongly correlated to PD-3 nodal prices (a

0.90 correlation coefficient).

According to its unconstrained schedule, Traderddid have paid $72,519 to export power
from Ontario. However, following its constrainechedule, it purchased $12,792 worth of

power for export??

On this day, Trader D received $122,760 in conséioff export CMSC at the New York
intertie. This payment was for power that it was aible to export. Had Trader D purchased its
entire unconstrained schedule for sale in the patgurisdiction, its profits would have been
$32,086:>°

During the Analysis Period Trader D received $539,i constrained-off export CMSC, 23%
of which occurred on this day. Trader D does mwoiscstently exhibit nodal price chasing
behaviour, however, this day offers an exampldtatons that arise which provide market

participants significant incentive to participateniodal price chasing behaviour.

122 Both unconstrained and constrained values incltie$2/MWh Ontario export tariff
123 Assuming $5/MWh of Transaction Costs

PUBLIC 156



Market Surveillance Panel Report
November 2013 — April 2014 Chapter 3

3A.2.2 Example A3: February 5, 2013, New York Itiger
Figure 3A-3 shows Trader B'’s bids on February 3,2@t the New York intertie.

Figure 3A-3: Example 5, Bids by Trader B at the NeXork Intertie with PD-3 Nodal Price
February 5, 2013
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Comparing Figure 3A-3 with Figure 3A-2 from Exampl2 above, it can be seen that generally,
Trader B was more aggressive in its pricing thaad&r D, especially during the high PD-3
nodal prices from HE 17 to HE 22. On this day,deraB received $279,980 in constrained-off
export CMSC. There were several market particgparito took advantage of the opportunity
for constrained-off export CMSC on this day. Tatahstrained-off export CMSC payments
were $781,711 paid to 13 different market partiotpa Table 3A-3 provides the pertinent

statistics regarding Trader B trading on this day.
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Table 3A-3: Example A3, Relevant Data from the Trag of Trader B at the New York
Intertie
February 5, 2013
(MW, %, $)

Total Unconstrained Schedule 5,549 MW
Total Constrained Schedule 2,713 MW

% of Schedule Constrained Off 51%

Constrained-Off Export CMSC $279,980

Unconstrained Schedule Purchase $225,458

Schedules

Profit(Loss) if Trade Occurs (Externa
Sales — Ontario Purchases — TC)

$123,464

Profit (Loss) Constrained Schedule Purchases $89,089

Profit(Loss) When Constrained Off
(External Sales — Domestic Purchase — ($54,356 + $279,980F $334,336
TC + CMSC)

Correlation Coefficient vs. External Jurisdiction Price
(Average Weighted Bid Price .
vs...) vs. PD-3 Nodal Price

Overall, Trader B’s bids are not well correlatedhithe price in the external jurisdiction.
However, with a 0.90 correlation coefficient, Tra@és bids are well correlated with PD-3

nodal prices.

According to its unconstrained schedule, TraderdBlal have paid $225,458 to export power
from Ontario; however, following its constrainededule Trader B only bought $89,089 worth

of power for export?*

On this day, Trader B received $279,980 in cons¢i@dioff export CMSC at the New York
intertie. Had Trader B purchased its entire untramsed schedule for sale into New York, its
profits would have been $123,482 Instead, through its constrained schedule, itfitpravere
$54,356 plus $279,980 in CMSC = $334,336

Of importance from Examples 4 and 5 is that botd&r D and Trader B stood to earn
considerable profits by actually exporting powe@nfrOntario to New York. However, as a

result of Ontario’s CMSC regime, they each weres@néed with an opportunity to earn more net

124 Both unconstrained and constrained values incltie$2/MWh Ontario export tariff
125 Assuming $5/MWh of Transaction Costs
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revenue through nodal price chasing while incurthgopportunity cost of otherwise profitably

exporting power.

3A.2.3 Example A4: February 5, 2013, Québec Irgerti

Trader B also exhibited similar nodal price chagiebaviour on February 5, 2013 at the Québec
(Outaouais) intertie. Figure 3A-4 illustrates thad prices, the external price, the HOEP and
the PD-3 nodal price.

Figure 3A-4: Example A4, Bids by Trader B at the @bec Intertie with PD-3 Nodal Price
February 5, 2013
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Once again, it can be seen that Trader B usedhighybid prices especially during the high PD-
3 nodal prices from HE 17 to HE 22. On this dawder B received $209,695 in constrained-off
export CMSC at the Québec intertie. Table 3A-Anghthe relevant statistics.
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Table 3A-4: Example A4, Relevant Data from the Trad of Trader B at the Québec Intertie
February 5, 2013
(MW, %, $)

Total Unconstrained Schedule 3,038 MW
Total Constrained Schedule 1,412 MW
% of Schedule Constrained Off 54%
Constrained-Off Export CMSC $209,695
Unconstrained Schedule Purchase $136,059

Profit(Loss) if Trade Occurs (Externa
Sales — Ontario Purchases — TC)

Schedules

$144,635

Profit (Loss) Constrained Schedule Purchases $56,730

Profit(Loss) When Constrained Off
(External Sales — Domestic Purchase — ($91,325 + $209,695F $301,020
TC + CMSC)

Correlation Coefficient vs. External Jurisdiction Price
(Average Weighted Bid Price i
vs...) vs. PD-3 Nodal Price

Overall, Trader B’s bid prices on this day are wetl correlated with the price in the external
jurisdiction. However, Trader B’s bids are readapavell correlated with PD-3 nodal prices (a

correlation coefficient of 0.80).

On this day, Trader B received $209,695 in cons¢@ioff export CMSC at the Québec intertie.
This payment was for power that it was not ablpumhase for export. According to its
unconstrained schedule, Trader B would have pad® $59 to export power from Ontario.
However, following its constrained schedule, Traflemly bought $56,730 worth of pow&f.
Had Trader B purchased its entire unconstraineddidb for sale into the external jurisdiction,
its profits would have been $144,6%%. Instead, through its constrained schedule, ifitpr

were $91,325 plus $209,695 in CMSC or $301,020.

126 Both unconstrained and constrained values incltiee$2/MWh Ontario export tariff
127 Assuming $5/MWh of Transaction Costs
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Chapter 4: Panel Recommendations

This chapter contains the Panel’s general assesshie state of the IESO-administered
markets. In addition, future developments in treekat are briefly summarized, and the IESO’s
responses to recommendations made by the PanglSeptember 2014 Monitoring Report are
discussed. The chapter concludes with a restateshéime recommendation contained within

this report.

1 General Market Assessment

The Panel is required to provide at least annwatigneral assessment of the state of the IESO-

administered markets.

Since market opening in 2002, and particularly sithe advent of the hybrid market in 2005, the
Panel has assessed the state of the markets veittedard to several design features and policy
decisions that affect market participant behavema market outcomes. As noted frequently in

past Panel reports, these factors include:

* A uniform Ontario price for energy, which giveseai® the two-schedule system. This
means that prices faced by wholesale market paaiits can diverge (sometimes
significantly) from the incremental cost of supplgianother MW of energy at a
particular location.

» Virtually all generation in Ontario is now subjeotlong-term contracts with government
agencies or price regulation by the Ontario En&gsgrd. These contracts and regulated
prices can result in offer prices from generatbed teviate from the generators’ short-
run marginal cost.

* The use of the 3 times ramp rate multiplier in¢hkulation of the unconstrained market

clearing price, which distorts the Hourly Ontarindgfgy Price.

The Panel acknowledges the effects of these pdecysions on market efficiency, but
recognizes them as features of the current hylasiga. Accordingly, the focus of the Panel’s
assessment has been on the fairness and efficéioy IESO-administered markets within the

current hybrid design. Given this scope, the Phaglconcluded that the IESO-administered
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markets operated in a reasonably satisfactory mdanthe year ended April 2014. In
particular, during the severe winter of 2013/14, tharkets generally provided appropriate
signals to active wholesale market participantavirg said that, the Panel has made
recommendations in this and prior reports aimathptoving efficiency and eliminating
inappropriate payments. Among other things, theePeontinues to be concerned about
excessive Congestion Management Settlement Cf&MS$C”) payments, how the existence
and scope of CMSC payments can affect the biddifegiing behavior of market participants
and the resulting impacts on the efficiency anthiss of the market for all participants. For
example, Chapter 3 of this report shows how stresetp maximize CMSC payments have

affected the bidding behavior of some exporters.

2  Future Development of the Market

A significant initiative currently undertaken byethESO is the development of a capacity

auction through the stakeholder engagement prdée&enerally, the IESO is looking to design

a capacity auction that will introduce a marketdshmechanism for new and existing
technologies to compete to meet Ontario’s futuseuece needs. As the IESO has noted, despite
best intentions, experience shows us that lockirthe future through centralized procurement
and long-term contracts can result in challengeghi® near term if demand and supply differ

from forecasts. Those risks, as well the costaefficient allocation of resources, are currently
borne and paid for by Ontario consumers. A propeelsigned capacity auction could provide a

more efficient, market-based alternative.

The Panel supports the IESO'’s efforts to exploremetitive market-based alternatives to the
centralized procurement model, and will monitor deselopments throughout the stakeholder
engagement process.

128 For more information see the IESO’s Capacity Aurcsitakeholder engagement webpage, available at:
http://www.ieso.ca/Pages/Participate/Stakeholdera§ement/Capacity-Auction.aspx
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The IESO has also commenced a stakeholder engagemdremand response auctidfisThis
initiative will precede the capacity auction andiswed by the IESO as an interim step at

developing the province’s demand response capabilit advance of a full capacity auction.

At the request of the Minister of Energy, the Omt&tower Authority and the IESO launched a
stakeholder engagement to identify any opportusitiat might exist at Ontario interties to
support the supply and reliability requirementsh&f power system. More specifically,
possibilities such as firm capacity and energy irhpontracts are being considet&das well as
improved coordination between jurisdictions, inchgdmore frequent intertie scheduling and the
provision of ancillary services through intertiartsactions. Given the impact of intertie
transactions on pricing, operability and total eysicosts in Ontario, the Panel is keenly
interested in this topic and will continue to maonithe developments throughout the stakeholder
engagement process.

In January 2014 the IESO concluded their stakeh@dgagement on the Global Adjustment
(SE-106)**! The consultation culminated with the publicatidraaeport entitled, “Global
Adjustment Review”, which was produced for the IE®@ONavigant Consulting. The report
reviews the current allocation of Global Adjustmeasts and identifies options that may allow
for greater responsiveness from customers. Orenalive considered was the expansion of the
current high-5 methodology for allocating Globalj@stment costs. The Navigant report
concluded this would increase short-term efficieany would improve equity and fairness
(compared to the then-current high-5 allocationhmdblogy limited to consumers with demand
above 5 MW).

Since that report was published, the high-5 aliocabf the Global Adjustment has been
expanded to include some consumers with demand3oM who choose to opt-in to the
program. In Chapter 3 of this report the Paneksgs the response of Direct Class A

129 For more information see the IESO’s demand respanstion stakeholder engagement webpage, avaiable
http://www.ieso.ca/Pages/Participate/Stakeholderagement/Demand-Response-Auction.aspx

130 The IESO has recently reached a 10-year agreamigntydro Québec that will see Québec reserve o0 of firm
capacity for export to Ontario during the summemnths, and Ontario reserve 500 MW worth of firm aafpafor export to
Québec during the winter months. For more infororaiee the “Backgrounder” provided on the Proviofc®ntario website,
available athttp://news.ontario.ca/opo/en/2014/11/joint-memdran-seasonal-exchange-of-electricity-capacity-betwe
ontario-and-guebec.html

131 For more information see the IESO’s Global Adjustinstakeholder engagement webpage, available at:
http://www.ieso.ca/Pages/Participate/Stakeholdaraement/SE-106.aspx
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consumers to the high-5 allocation of the Globajuatinent, and will continue to monitor

participants’ responses in the future.

In the course of SE-111, the IESO’s ongoing reviéweneration cost guarantee programis,

the Panel submitted written comments regardingtbposed options for addressing self-
induced ramp down CMSC paymehtdThe Panel's submissions addressed the IESO’s
proposed rule-based solutions, some of which coatlrto use participant offers and CMSC (or
a like payment) as a mechanism to compensate dgergefar the costs associated with ramping
down. In response to the IESO’s proposed soluherPanel noted its view that any offer-based
compensation mechanism that is not subject to ctitiveeforces, could be gamed, and adds
further complexity to an already complicated setnairket rules. The IESO indicated that it will
go forward with its proposed offer-based soluthijle committing to modify the Market Rules
to address some of the Panel’'s gaming concerns.piidposed Market Rule amendment
associated with the IESQO’s solution was preserddld Technical Panel on February 24, 2014,
which voted that the amendment warrants furthesicianation. The Panel will continue to

monitor the developments throughout the Market Ruddéing process.

3 Panel Commentary on Responses to Prior Reports

Following the release of each of the Panel’'s semual monitoring reports, the Ontario Energy
Board posts on its website the IESO’s responsasyd?anel recommendations that have been
directed to it:**

The Panel's September 2014 Monitoring Refforontained two recommendations, one related

to transparency of the basis for IESO decisiorgetoate Control Action Operating Reserve

132 For more information see the IESO's generatior guarantee programs stakeholder engagement webpagkble at:
http://www.ieso.ca/Pages/Participate/Stakeholderadgement/SE-111.aspx

133The Panel’s submissions are availablétp://www.ieso.ca/Documents/consult/se111/SE11142010-MSP.pdénd
http://www.ieso.ca/Documents/consult/se111/SE11142Q12-MSP.pdf

134 The IESO’s response to the recommendations iR #mel's September 2014 Monitoring Report are seinoailetter on the
Ontario Energy Board’s website, available at:

http://www.ontarioenergyboard.ca/oeb/_Documents/NESFO_Reply to OEB_Letter MSP_Report 20141015.pbé IESO
historically maintained an updated listing of ésponses to Panel recommendations. This has fegnated into the annual
update that the IESO is now required, as a comddfdicence, to provide the Ontario Energy Boafdhe annual update
describes the status of the IESO’s work on Pamelmenendations made within the past five years.fifsiesuch annual update
was filed with the Ontario Energy Board in Decemp@t 3, and on the IESO’s website, availablbthd://ieso-
public.sharepoint.com/Pages/Participate/Market-€lgat/Monitoring.aspx
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(“CAOR?”) and the other related to exports and thecation of uplift associated with recovering

the costs of the IESO’s generator cost g

recommendations are set out in Table 4-

uarantegrgms. The IESO’s responses to those
1.

Table 4-1: IESO Responses to Recommendations enRanel’s
September 2014 Monitoring Report

Recommendation

IESO Response

Recommendation 3-1

The Panel recommends that the IESO make more
information available to market participants abadtst
practices of de-rating Control Action Operating
Reserve, including the criteria used to determiree t
amount and duration of such de-ratings.

“The IESO agrees with the Panel's recommendatianniore
information should be made available to marketipi@dants with
respect to CAOR de-ratings. The IESO is curretidlyeloping a
proposal for communicating these de-ratings tathaeket. The
proposal will be available for stakeholder inpubtigh the change
management/baseline process. Changes will bepgocated into
applicable IESO reports and market manuals by rideo¢ 2014.”

Recommendation 3-2

The Panel recommends that the IESO revise thetwa
allocates uplift charges associated with top-up
payments under the real-time generation cost

guarantee and day-ahead production cost guarantee

programs so that the charges to Ontario consumers
and to exporters better reflect the extent to wieiahh
group causes those payments to be incurred.

“The IESO agrees that the current allocation offupharges
a}ssociated with top-up payments under the RT-GQED#PCG
yprograms can result in cross subsidization betvespnorts and
Ontario consumers. The IESO intends to assessetheenefit to the
Ontario market of allocating charges to exporta imay that would
" better reflect the extent to which exports caussdtcharges to be
incurred. The assessment is expected to be caedpbgtthe end of

Q2 2015.

The IESO previously agreed to assess the feagibiiit
recommendation 3-3 (b) from the Panel's January 28gort/ which
recommends that the IESO "include a forecast obegpvhen
commitments are made under EDAC." The IESO willcrari this
assessment in coordination with the assessmentdommendation
3-2, as the outcome and/or potential implementaifon
recommendation 3-2 would impact the need to devalfqecast of
exports for integration into the day-ahead commithpgocess. As
such, a response to recommendation 3-3(b) fromalgrad14 will
now be provided upon the completion of the IES@&asment of
recommendation 3-2 and its dynamic impact on eggort

135 See the Panel's September 2014 Monitoring Reposijable at:
http://www.ontarioenergyboard.ca/oeb/_Documents/MEP Report_May2013-Oct2013 20140924.pdf
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4  Panel Commentary on IESO Responses

Recommendation 3-1

The Panel understands that the IESO has respoadkid recommendation by formalizing the
process by which it communicates de-ratings of CAQRe new process can be found in
Section 1.4.1 and 1.4.2 of Market Manual 7.2: NBamm Assessments and Reports.

Recommendation 3-2

The Panel supports the IESO'’s efforts to assesseghbenefit to the Ontario market of allocating
charges to exports in a way that would better cétlee extent to which exports cause those

charges to be incurred.

In the Panel’s September 2014 Monitoring Repakébgnized the interplay between
recommendation 3-2 of that report and recommend&id(b) from the Panel's January 2014
Monitoring Report. The Panel agrees that the renendations should be addressed with due

consideration to one another, not in isolation.

5 Recommendations in this Report

Recommendation 3-1

The Panel recommends that the IESO eliminate coastied-off Congestion Management
Settlement Credit (CMSC) payments for all intertransactions, with due consideration to the
interplay between the elimination of negative CM®@yments and Intertie Offer Guarantee

payments.
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